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Resumo 

O estudo do óleo residual em reservatório é de grande importância para a indústria do 

petróleo, visto que embasa modelos de simulação de reservatórios, de onde são obtidas curvas 

de produção, denotando grande relevância econômica, além de fornecer informação relevante 

para estudos de recuperação melhorada. Desta forma, esta tese tem como objetivo principal 

investigar o aprisionamento de óleo em rochas carbonáticas da Formação Barra Velha, 

localizada na Bacia de Santos. De forma secundária, busca-se caracterizar e quantificar o 

aprisionamento em diversas escalas, além de realizar o upscaling dos dados obtidos. Para 

alcançar esses objetivos, foi utilizado um extenso banco de dados, que incluiu resultados de 

laboratório de petrofísica básica e especial, perfilagem de poços, técnicas de aprendizado de 

máquina, modelagem e simulação em escala de poros, além de imageamento em raios-X. A 

análise dos dados de saturação de óleo residual (Sor) obtidos a partir dos ensaios de 

permeabilidade relativa em conjunto com petrografia revelou um forte controle textural no 

aprisionamento de óleo. As rochas mais heterogêneas, com poros maiores e maior 

permeabilidade, tendem a apresentar maior Sor, tais como rudstones e shrubstones. Por outro 

lado, grainstones mais finos e mudstones tendem a reter menos óleo, fato observado em 

resultados laboratoriais e corroborados por upscale em poço. O imageamento em escala de 

poros com resolução média (em torno de 40 micrômetros), realizado após os ensaios sob 

condições de reservatório, indicou que o aprisionamento de óleo ocorre em uma condição de 

molhabilidade mista. Já, os ensaios realizados em centrífuga e imageados em resolução mais 

alta (~4 micrometros), utilizando óleo sintético sob condições de laboratório, demonstraram 

maior afinidade pelo óleo na primeira amostra estudada e mista na segunda. Ainda, a análise 

das imagens em alta resolução indicou um alto impacto da textura no aprisionamento de óleo, 

corroborando com observações feitas em outras escalas. Por fim, uma vez que as variações 

mineralógicas não impliquem em mudanças significativas em termos de molhabilidade, é 

provável que o predomínio de calcita deva ditar a tendência geral de molhabilidade das 

amostras. 

 

Palavras Chave: Óleo residual, Pré-sal, Formação Barra Velha 

  



Abstract 

The study of residual oil in reservoirs holds significant importance for the petroleum 

industry, as it underpins reservoir simulation models, from which production curves are 

derived, highlighting its considerable economic relevance. Moreover, it provides crucial 

information for enhanced recovery studies. Hence, this thesis aims primarily to investigate the 

mechanisms of oil trapping in carbonate rocks of the Barra Velha Formation, located in the 

Santos Basin. Additionally, it seeks to characterize and quantify this phenomenon across 

multiple scales and to upscale the data obtained. To achieve these objectives, a comprehensive 

dataset was employed, encompassing results from routine and special core analyses, well 

logging, machine learning techniques, pore-scale modeling and simulation, as well as X-ray 

imaging. The integrated analysis of residual oil saturation (Sor) data obtained from relative 

permeability tests, combined with petrographic characterization, revealed a strong textural 

control on oil trapping. Heterogeneous rocks with larger pores and higher permeability, such as 

rudstones and shrubstones, tend to exhibit higher Sor values. Conversely, finer grainstones and 

mudstones demonstrated lower oil retention, as evidenced by laboratory results and validated 

by well-scale upscaling. Pore-scale imaging at medium resolution (~40 micrometers), 

conducted after tests under reservoir conditions, indicated that oil trapping predominantly 

occurs under mixed-wettability conditions. Furthermore, centrifuge experiments imaged at 

higher resolution (~4 micrometers), using synthetic oil under laboratory conditions, revealed 

greater oil affinity in the first sample analyzed and mixed wettability in the second. Moreover, 

high-resolution image analysis highlighted the significant impact of texture on oil trapping, 

corroborating observations made at other scales. Finally, since mineralogical variations do not 

lead to significant changes in terms of wettability, the predominance of calcite is likely to dictate 

the overall wettability trend of the samples. 

 

Key Word: Residual oil, Pre-salt, Barra Velha Formation 
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1.  Introduction  

Residual Oil Saturation (Sor) corresponds to the trapped oil within the reservoir pores 

after the displacement of the oil by an immiscible fluid (Donaldson, 1989; Valenti, Valenti, and 

Koederitz, 2002). Upon the initiation of water flooding the oleic phase, once disrupted, remains 

entrapped due to capillary forces (Blunt, 2017). The residual phase will be largely inaccessible 

to conventional flooding methods except enhanced oil recovery (EOR) approaches are applied. 

Among these techniques, the introduction of surfactants is particularly noteworthy, as it 

modifies the interfacial properties and the physicochemical characteristics of the fluids, thereby 

altering their configuration and facilitating a more efficient mobilization of the residual oil 

(Anto and Bhui, 2022; Massarweh and Abushaikha, 2020). 

The fluid flow within pores is shaped via viscous, gravitational, and capillary forces. 

Within reservoirs, fluid flow typically occurs at low velocities. These flows are referred to as 

low capillary number flows, where capillary forces are predominant (Bashiri and Kasiri, 2011; 

Guo, Song and Hilfer, 2020; Speight, 2017). Under these conditions, it is said that Sor is 

primarily controlled by the factors that influence capillary forces (Blunt, 2017), which include 

the liquid/solid contact angle, interfacial tension, and the porous morphology, classically related 

by the Young-Laplace equation: 

 

Where  corresponds to the throat radius,  the interfacial tension,  the contact angle, 

and  the capillary pressure. Thus, capillary forces will result from fluids characteristics, 

environmental conditions, the mineral composition, and the geometry of the porous system. 

According to Blunt (2017), interfacial tension approximately corresponds to the difference in 

surface tension between the fluids. Therefore, the controls of the involved fluids9 surface 

tensions will control the interfacial tension. Considering an aqueous phase, the balances of 

forces acting on the molecules within the bulk tends to zero, as the interactions with neighboring 

molecules effectively cancel each other out. However, for a molecule located at the liquid 

surface, a resultant inward force arises due to the absence of attractive interactions from above. 

This inward force causes the surface molecules to resist deformation. This phenomenon is 
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referred to as surface tension (Berry, 1971). Among the factors that control the surface tension 

of water, which are higher than those of hydrocarbons due to hydrogen bonds, are composition, 

salinity, pressure, temperature, and pH  (Liu, Wickramasinghe and Qian, 2017; Slowinski, 

Gates and Waring, 1957; Wen et al., 2018). Oil, on the other hand, has lower tensions due to 

the weak polarity of the molecules, typically bonded by Van der Waals forces. Therefore, 

factors such as oil composition, dissolved gas, pressure, and temperature are highly influential 

in the surface tensions that determine the degree of cohesion of hydrocarbons (Klein et al., 

2019; Liu, Wickramasinghe and Qian, 2017). 

The wettability of the rocks is directly related to the contact angle, which has a significant 

influence on Sor, implying different oil retention configurations. Wettability is associated with 

a competition between cohesive and adhesive forces. Minerals with a higher amount of surface 

charges can break the cohesive force of water, causing the rock to be water-wet. Thus, 

siliciclastic rocks tend to be water-wet (Anderson, 1985, 1986, 1987). On the other hand, 

carbonate minerals tend to have a lower content of surface charges. Therefore, these minerals 

often cannot break the water tension and end up being oil-wet, whose cohesion is lower. 

Although this trend concerning mineral composition is reported in the literature, several factors 

can lead to different wettability patterns, such as the presence of solid organic compounds 

adhered to minerals, water composition, and the presence of clay minerals, among others 

(Alqam et al., 2021; Ballah et al., 2016; Benner and Bartel, 1941; Jia et al., 2022). 

Under water-wet conditions, irreducible water, which exhibits a stronger affinity for the 

minerals, tends to accumulate in the corners of the pores or within pores connected by narrow 

throats. During imbibition, where the non-wetting phase is replaced by a wetting phase, the oil 

is often disconnected within the throat region through a mechanism called snap-off (Roof, 1970; 

Singh et al., 2017). Once disconnected, the capillary forces induce the non-wetting phase 

entrapment in the center of the pores. Snap-off typically occurs when there is a pronounced size 

disparity between the pore and the throat linking it to the broader porous structure (Blunt, 2017; 

Chatzis, Morrow, and Lim, 1983; Wardlaw, 1982).  

In oil-wet conditions, the solid medium preferentially attracts the oil phase. During 

waterflood, large amounts of oil are displaced until the oil phase collapses, leading to 

entrapment as films or within pore corners (Alhammadi et al., 2017; Iglauer et al., 2012).  

Water sweeping is generally more effective in homogeneous media, considering its 

frontal advance independently of their wettability nature. However, heterogeneous media tends 
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to promote irregular oil displacement, increasing the potential formation of undrained oil 

regions within the reservoir (Blunt, 2017; Chatzis, Morrow, and Lim, 1983; Lenormand, 

Zarcone, and Sarr, 1983). 

Residual oil saturation is usually determined using well logging, laboratory-based assays, 

or numerical models. Microresistivity logs are often utilized in well logging with water-based 

fluids, and the Archie relation is applied to calculate the water saturation. In this process, the 

filtrate displaces the moveable oil, leaving the remaining trapped oil portion; this fraction is 

typically called Sor (Donaldson, 1989; Valenti, Valenti, and Koederitz, 2002). Alternative in-

situ methods for determining Sor include dielectric, pulsed neutrons, and carbon/oxygen 

logging (Chang et al., 1988a; Pathak et al., 2012; Wolff, Al-Jalahma, and Hook, 1993). Despite 

the variety of techniques, the efficiency of mud fluid filtration tends to be limited, potentially 

leading to inaccuracies in Sor estimation. These estimates can be impacted by some features, 

such as the depth of investigation of the logging tools, the quality of the hydrocarbons, the 

duration of exposure, and the petrophysical properties (porosity and permeability). To mitigate 

these uncertainties and enhance the precision of the results, it is crucial to calibrate the 

measurements with experimental results (Mohamed et al., 2011). 

The water/oil relative permeability experiment is a widely used method for determining 

Sor in the laboratory (McPhee, Reed, and Zubizarreta, 2015). In this procedure, cleaned rock 

samples are water saturated, then the oil is injected to reach the irreducible water saturation 

(Swirr) state. As soon as the sample is aged to restore the wettability, water injection is 

performed to produce oil. Once oil production ends, the trapped oil volume is considered Sor. 

These tests can be conducted under either unsteady-state or steady-state conditions. In the 

steady-state approach, both water and oil are injected simultaneously, with water flow gradually 

increasing to facilitate oil displacement. In contrast, in the unsteady-state technique only water 

is injected with constant volume or pressure. 

1.1 Geological Context 

The Santos Basin is situated on the south-east continental coast of Brazil. It is bordered 

to the north by the Cabo Frio High, separating it from the Campos Basin, while Florianópolis 

High serves as a boundary to the south, separating it from the Pelotas Basin. The Barra Velha 

Formation rocks were accumulated during sag or post-rift stage of the Santos Basin (Moreira 
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et al., 2007). These sediments overlay thick packages of bioclastic carbonates, as well as shales, 

Mg-clay ooidal sandstones, hybrid rocks, volcanic rocks, sandstones, and siltstones (Chinelatto 

et al., 2020b; Leite, Silva and De Ros, 2020; Thompson, Stilwell and Hall, 2015), deposited 

during the rift stage and are overlain by evaporite accumulations from the Ariri Formation. This 

Formation marks the beginning of marine sedimentation that culminates in the drift phase, 

giving rise to the South Atlantic Ocean formation (Davison, 2007; Nürnberg and Müller, 1991; 

Rabinowitz and LaBrecque, 1979). The Barra Velha Formation sediments consist of 

intercalations of chemical precipitations of non-magnesian calcite crusts with fascicular-optic 

texture ("stromatolites" or "shrubstones") and Mg-clays, commonly found as laminations or 

particles (peloids and ooids) (Carvalho et al., 2022; Gomes et al., 2020b; Herlinger et al., 2023; 

Netto, Pozo, Manuel, et al., 2022; Netto, Pozo, M., et al., 2022; Silva, da et al., 2021). 

Experimental and petrographic evidence indicates that these clays are highly reactive, 

frequently undergoing dissolution or replacement during eodiagenesis (Tosca and Wright, 

2015; Wright and Barnett, 2020). Dolomite and calcite spherulites are referred to as important 

diagenetic constituents that replace clay deposits. In addition to in-situ deposits, particulate 

rocks formed from the fragmentation of precipitated deposits are common reservoir facies in 

the Santos Basin (Barnett et al., 2021). 

1.2 Motivation 

The estimation and comprehension of Sor and oil trapping are crucial for the petroleum 

industry. This information is used in reservoir flow simulations that form the basis for 

production forecasts. Consequently, accurately determining Sor has substantial economic 

implications, influencing both the project profitability and the reserves calculation. 

Furthermore, it plays a key role in reservoir management studies, providing essential insights 

for enhanced oil recovery (EOR) research (Masalmeh, 2013; Pathak et al., 2012), vital 

employments for improving the oilfield's recovery factor. 

Besides the direct economic implications of Sor, it is noteworthy that the understanding 

of Sor controls is still limited, particularly from a geological and petrographic perspective. 

There is virtually no published literature on the subject, as the study is usually relegated to the 

engineering fields. Consequently, the link between geological processes that may influence oil 

entrapment, geological modeling, and reservoir simulation is nonexistent. 
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1.3 Objectives 

This thesis aims to investigate residual oil in reservoirs of the Barra Velha Formation, 

Campos Basin. To achieve this, various techniques were employed to characterize residual oil, 

estimate its properties, upscale results, and understand how rock characteristics govern oil 

entrapment. This study explores residual oil from multiple perspectives to address critical 

knowledge gaps, particularly regarding the link between fluid saturation and geology. The 

specific objectives are outlined as follows: 

 Identify lithological controls (depositional and diagenetic) on Sor. 

 Employ machine learning algorithms to predict and multiply Sor data from 

existing datasets. 

 Integrate RCAL, SCAL, and well-log data to upscale laboratory results to the well 

scale. 

 Model sedimentary facies at the pore scale to simulate fluid flow to understand 

oil entrapment mechanisms. 

 Pore-scale multi-phase X-ray imaging to identify lithological controls on fluid 

saturation and oil trapping. 

 Combine pore-scale X-ray imaging with numerical simulations to improve the 

interpretation of laboratory results. 

By addressing these objectives, this work seeks to bridge the gap between fluid saturation 

studies and geological characterization, contributing to a more comprehensive understanding 

of residual oil behavior in complex carbonate reservoirs. 

1.4 Structure of the thesis 

This thesis is structured into six articles that present various methodologies to investigate 

residual oil in the rocks of the Barra Velha Formation, and a short communication that describes 

a methodology for extracting relative permeability curves from X-ray microtomography 

(µCTs). This section provides a summary of each article. In addition to the articles, the thesis 

includes the following appendices: Appendix A, which presents the statistical analyses used in 
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the machine learning model discussed in article 1; Appendices B, C, D, and E, which contain a 

summary of the petrographic descriptions and laboratory data utilized in article 2; Appendix F, 

which compiles the simulation results from article 4; and Appendices G, H, I, that shows µCTs 

slices of all experimental stages developed in Articles 5, 6, and in the short communication, 

respectively. 

1.4.1 Article 1 - HERLINGER, R.; VIDAL, A. C. X-ray ¿Ct extracted pore attributes to 

predict and understand Sor using ensemble learning techniques in the Barra Velha Pre-

salt carbonates, Santos Basin, Offshore Brazil. Journal of Petroleum Science and 

Engineering, v. 212, 2022.  

 

In recent years, the oil industry and society at large have experienced significant 

technological advancements with the incorporation of artificial intelligence and machine 

learning in all kinds of tasks, accelerating technical and scientific processes. Given that oil 

companies have built substantial databases of petrophysical properties, there is a growing 

demand to streamline workflows and reduce financial costs by training algorithms to predict 

petrophysical properties. In this context, this study aims to predict Sor derived from relative 

permeability experiments. 

To construct the database for algorithm training, Sor data were combined with RCAL 

data and X-ray µCT scans. The µCT images were processed and segmented, pores were isolated 

and labeled, and morphological attributes were calculated to build the training dataset. 

Additionally, samples were grouped according to their primary lithological types. For the 

prediction of Sor, ensemble learning algorithms such as AdaBoost, Gradient Boosting, and 

XGBoost were tested.   

The results revealed a lithological control, with more heterogeneous rocks containing 

larger pores and high permeability showing higher Sor values. These findings provided initial 

insights for future thesis work while demonstrating the utility and reliability of this technique 

in predicting petrophysical properties. Furthermore, the used method is emphasized as having 

potential applicability for predicting various properties and being adaptable to other reservoirs 

and geological contexts. 
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1.4.2 Article 2 - HERLINGER, R.; ROS, L. F. DE; SURMAS, R.; VIDAL, A. Residual oil 

saturation investigation in Barra Velha Formation reservoirs from the Santos Basin, 

Offshore Brazil: A sedimentological approach. Sedimentary Geology, v. 448,  2023. 

 

The link between multiphase fluid flow, whether at macro or micro scales, and 

lithological characteristics is rarely addressed. Relative permeability data is typically the 

domain of simulation engineers, while geologists tend to work with static models. 

Consequently, the impact of lithology on residual oil saturation (Sor) or other flow properties, 

the focus of this thesis, is scarcely discussed in depth in the literature. This work seeks to 

establish how the lithological features of rocks from the Barra Velha Formation influence oil 

retention in reservoirs. 

A set of samples was analyzed to determine the petrographic relationship with residual 

oil saturation. A total of 300 points per thin section were counted to quantify depositional and 

diagenetic processes, as well as the mineralogical composition of the samples, to identify 

lithological features influencing oil retention. Additionally, µCT scans were analyzed to locate 

and characterize the morphology of trapped oil and its relationship with rock textures.   

The rocks were classified into two groups: in-situ and intraclastic rocks. In the in-situ 

group, rocks dominated by calcite shrubs exhibited highly heterogeneous frameworks with 

large pores and higher Sor values. Conversely, when dominated by muddy material, these rocks 

contained a significant amount of dolomite, leading to a more homogeneous pore system and 

lower oil retention. In the intraclastic group, oil entrapment was closely linked to particle size, 

with larger particle rocks retaining less oil. This relationship suggests a connection between Sor 

and depositional energy, offering valuable input for conceptual reservoir models. 

X-ray imaging revealed mixed wettability behavior, with regions wet by water and others 

by oil. These analyses were conducted at a relatively low resolution of approximately 38 

microns. This preliminary imaging provides a foundation for the higher-resolution X-ray 

imaging studies detailed in Papers 5 and 6 of this thesis, which further refine the understanding 

of lithological controls on fluid behavior. 
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1.4.3 Article 3 - HERLINGER, R.; BONZANINI, L. A. F.; VIDAL, A.  Residual Oil 

Saturation in Pre-salt Brazilian Carbonates: A Multi-approach Core-to-log Case Study. 

Journal of South American Earth Sciences, v. 140, 2024. 

 

This study conducted an integrated examination of Sor, addressing challenges related to 

the upscaling of laboratory data to log scale while drawing parallels with issues observed and 

discussed in previous works, incorporating conventional well interpretation techniques. 

A well with comprehensive logging, including dielectric logs which are rarely employed, 

was selected for this investigation. In addition to logging data, the well featured core samples 

and sidewall sampling were supported by an extensive petrophysical database encompassing 

RCAL and SCAL data. In this study petrography, conventional formation evaluation methods, 

and machine learning techniques were applied. 

The results corroborate the previous studies, confirming that Sor distribution is primarily 

controlled by the lithology. Sor typically is higher in in-situ rocks when compared to reworked 

facies, considering their more complex texture and pore structure. Both laboratory assays and 

well-logging data reveal a relation between petrophysical properties (porosity, permeability, 

and irreducible water saturation) with Sor, supporting the upscaling of laboratory information 

to field-scale applications. 

The dielectric logging provided the most reliable Sor estimates, thanks to its shallower 

investigation depth when compared to other techniques, high sampling rate, and the Archie 

equation unknowns9 uncertainties elimination. Moreover, nuclear magnetic resonance (NMR) 

effectively identifies areas containing high remaining oil amounts, correlating these regions 

with elevated Sor. However, NMR alone is not able to quantitatively assess Sor using traditional 

cutoff methods. On the other hand, machine learning models suggest that NMR T2 relaxation 

times are proper to estimate Sor from dielectric logging. 

 

1.4.4 Article 4 - HERLINGER, R.; ROS, L. F. DE; VIDAL, A. Assessing the Role of 

Dolomite in Oil Trapping in In-situ Brazilian Pre-salt Carbonate Reservoirs by Pore-

Scale Modelling and Simulation. Petroleum Geoscience, v. 31, 2025. 
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In this study, the main in-situ facies of the Pre-salt were modeled in 3D at pore scale to 

evaluate the impact of textures and attempt to draw parallels and validate observations from 

previous studies. To this end, we developed various models incorporating the main components 

of these rocks, including shrubs, spherulites, and their relationship with dolomite. 

The methodology included assessing the impact of textures on the topology of the pore 

system and the distribution of pore and throat sizes. Additionally, simulations were employed 

to estimate Sor through simulation. The results indicated that dolomite significantly influences 

the pore system, resulting in a more uniform medium, a reduction in the pore-to-throat size 

ratio, and an increase in surface area. The simulation indicated that the increase in dolomite 

reduces Sor under water-wet conditions. Conversely, in oil-wet simulations, increasing 

dolomite leads to greater oil entrapment. 

Previous studies indicated that in-situ facies with high dolomite content tend to exhibit 

low Sor. Thus, it is likely that much of the oil trapped in these rocks results from snap-off effects 

under mixed- to water-wet conditions. 

1.4.5 Article 5 - HERLINGER, R.; KNACKSTEDT, M.; YOUNG, Y.; VIDAL, A. C. 

Coupling X-ray µCTs, BSE, and QEMSCAN Imaging to Unravel Details of Water 

Saturation and Oil Trapping in a Brazilian Pre-salt Carbonate Under Oil-wet 

Conditions. Tomography of Materials and Structures, submitted, 2025. 

 

To complement observations at other scales, we conducted drainage and imbibition cycles 

using a centrifuge to understand oil saturation and trapping at the pore scale. During the 

experiment, X-ray µCT images were acquired and subsequently integrated with QEMSCAN 

data and Back-Scattering Electron (BSE) images to evaluate and understand fluid 

configuration. 

After the drainage and aging cycles, oil almost completely displaced the brine within the 

interparticle macropores, relegating the brine to small, isolated droplets formed through snap-

off processes. Additionally, a significant proportion of intraparticle micro- and macropores was 

filled with oil after drainage, with further saturation occurring during aging, demonstrating the 

rock9s affinity for oil. Images obtained after forced imbibition revealed that nearly all the oil 

initially present in the interparticle macropores had been replaced by water, with only minimal 

traces of oil remaining as thin films on mineral surfaces. Conversely, the intraparticle macro 
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and micropores, which are typically less connected, retained most of the oil, highlighting the 

porous medium's tendency to trap fluids in poorly connected regions. 

Finally, our experiments did not reveal any substantial effect of mineralogical variations 

on fluid saturation during any phase of the cycles, suggesting that the observed oil-wet 

condition is independent of relative mineralogical proportions, particularly given the 

predominance of calcite and dolomite in the sample. In other words, it seems that the 

predominance of calcite in the sample is controlling wettability. 

This paper illustrates a typical core flooding under oil-wet conditions, providing insights 

into drainage and imbibition processes as well as oil trapping under these conditions. 

1.4.6 Article 6 3 HERLINGER, R.; KNACKSTEDT, M.; YOUNG, Y.; VIDAL, A. C. Pore 

Scale Fluid Saturation and Oil Trapping in Heterogeneous Carbonates Under Mixed-

Wet Conditions: Insights from Brazilian Pre-salt Reservoirs. SPE Journal, submitted, 

2025. 

 

This article complements the interpretation presented in the previous paper, where we 

showcased drainage and imbibition results using a methodology similar to that of the previous 

study. In this case study, the chosen sample represents an in-situ facies with high textural and 

mineralogical variability resulting from depositional and diagenetic processes. This study 

emphasizes a strong interpretation of rock characteristics in terms of genesis and processes, 

aiming to engage the geosciences community in the discussion. 

The sample exhibited mixed-wettability behavior in macropores and water-wet behavior 

in micropores. Rock texture played a critical role in fluid distribution during primary drainage 

and forced imbibition. Irreducible water and residual oil were primarily trapped in 

intracrystalline pores, where narrow pore throats limited connectivity and accessibility. 

During primary drainage, oil initially acted as a non-wetting phase but transitioned to a 

wetting phase in macropores under higher pressures, though its entry into smaller pores 

remained restricted. Aging and spontaneous imbibition caused fluid redistribution, with water 

returning to tighter regions, particularly in dolomite- and quartz-rich areas. Oil entrapment was 

primarily controlled by rock texture, with minimal influence from local mineral species. This 

behavior is likely attributed to the dominance of calcite, which exhibited a greater affinity for 

oil during aging and spontaneous imbibition. 
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Secondary drainage imaging revealed complex wettability patterns: smaller pores 

retained their water-wet behavior, while macropores exhibited oil- to mixed-wet conditions. 

Processes such as recrystallization, mineral precipitation, and dissolution increased surface 

roughness, promoting local water-wet conditions and leading to highly complex saturation 

patterns. 

These findings enhance our understanding of fluid behavior in complex carbonate 

systems, highlighting the interplay between rock texture, wettability, and fluid distribution, with 

significant implications for carbonate reservoir characterization and enhanced oil recovery. 

1.4.7 Article 7 - HERLINGER, R.; KNACKSTEDT, M.; YOUNG, Y.; VIDAL, A. C. 

Integrating X-ray µCT and Pore-Scale Simulation for Relative Permeability Prediction.  

Geoenergy Science and Engineering, submitted, 2025. 

 

Finally, the last article of this thesis, submitted as a short communication, presents a 

straightforward methodology for obtaining relative permeability curves based on multiphase 

X-ray imaging and pore-scale simulations. Post-drainage and spontaneous imbibition images 

were acquired and processed to segment the liquid and solid phases. Subsequently, pore-scale 

permeability simulations were performed in different regions of the sample to represent a range 

of fluid saturations. The resulting data enabled the construction of relative permeability curves 

for water and oil. This methodology provides valuable insights into the processes and even 

operational challenges encountered during laboratory-based relative permeability 

measurements, as it offers enhanced control by providing direct visual access to the phenomena 

occurring within the porous medium. 
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2. Article 1 - HERLINGER, R.; VIDAL, A. C. X-ray ¿Ct extracted 

pore attributes to predict and understand Sor using ensemble 

learning techniques in the Barra Velha Pre-salt carbonates, Santos 

Basin, Offshore Brazil. Journal of Petroleum Science and 

Engineering, v. 212, 2022.  

2.1 Abstract 

The residual oil saturation (Sor) evaluation is relevant for developing oil fields, standing 

out as an input to flow simulation models for production forecasting. Also, Sor's understanding 

is crucial to guide enhanced oil recovery techniques. Moreover, Sor laboratory measurement 

tends to be time-consuming and expensive. This work aims to understand and predict Sor from 

X-ray µCt and RCAL data employing Ensemble Learning techniques (AdaBoost, Gradient 

Boost, and XGBoost) in Pre-Salt carbonates of the Barra Velha Formation, Santos Basin. 

Morphological attributes related to pore size, shape, and orientation were extracted from X-ray 

µCt scans. Hence, these attributes, together with routine core analysis (RCAL) data, were used 

to build machine learning (ML) models for the prediction of Sor. The results indicated strong 

faciological control in Sor, where the genesis of the rock implies different characteristics of the 

porous framework, impacting Sor and other petrophysical features. Rocks with larger pores 

usually lead to larger heterogeneity, which tends to trap more oil. Furthermore, the shape and 

orientation of the pores have substantial faciological control, given the textural organization of 

the different rock facies. These attributes showed weak control over Sor, impacting each type 

of facies differently, depending on the rock fabric. Even though the ML algorithms have similar 

results, the Gradient Boosting showed the best results. Furthermore, the inclusion of RCAL 

data does not increase the accuracy of the models. So, it is possible to predict the Sor only with 

morphological pore attributes reasonably. The most important features are mainly related to 

pore size and subordinately to orientation, confirming their impact on Sor. Finally, this 

methodology, in addition to predicting and bringing understanding to Sor in Pre-Salt rocks, can 

be adapted for use in other reservoirs. 
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Keywords: Sor, Pre-Salt, X-ray µCt, Ensemble Learning 

 

2.2 Introduction 

Residual oil saturation (Sor) corresponds to the fraction of pore volume occupied by 

undrained oil after displacement (Donaldson, 1989). This information is paramount for the 

characterization of reservoirs, as its quantification and understanding are fundamental for 

reservoir simulation and guidance for enhanced hydrocarbon recovery (EOR) techniques (Guo 

et al., 2017; Humphry et al., 2014a; Pham and Al-Shahri, 2001). Sor measurements are 

accurately obtained in the laboratory through imbibition experiments (McPhee, Reed and 

Zubizarreta, 2015; Murphy and Owens, 1973), but these are time-consuming and expensive. 

For this reason, Sor core information tends to be scarce, which generates high uncertainty, 

mainly in heterogeneous carbonates (Al-Housani et al., 2012), as in the case of Brazilian Pre-

Salt reservoirs, whose deposition, diagenetic, and hydrothermal processes tend to generate a 

very complex porous framework (Herlinger, Zambonato and De Ros, 2017; Lima et al., 2020). 

The flow of fluids in the reservoirs is governed by the capillary, gravitational, and viscous 

forces, which control residual oil trapping (Blunt, 1998; Perkins, 1957). The main oil trapping 

controls are the rock9s interfacial tension, wettability, and texture, including pore and throat 

geometry (Anderson, 1986, 1987; Wardlaw, 1982). Interfacial tension is controlled by the 

nature of the fluids and reservoir conditions as pressure and temperature. Meanwhile, 

wettability is influenced by the interfacial tension (Blunt, 2017), the characteristics of the fluids 

involved, and the mineralogy of the rock (Arshadi et al., 2020). The morphology of the pores 

has great relevance since the porosity and its configuration, in terms of pores and throats, impact 

the initial distribution of fluids, as does its flow and oil trapping (Chatzis, Morrow and Lim, 

1983; Spiteri et al., 2008; Wardlaw, 1982; Yuan, 1981). 

Greater computational capabilities and data availability have driven the development of 

powerful tools for predicting different data types in all areas of knowledge. In reservoir 

characterization and petrophysics, machine learning (ML) has traditionally been applied to the 

prediction of rock properties (RCAL), such as porosity, permeability, or even facies using 

logging data (Serra and Abbott, 1982; Shokir, Alsughayer and Al-Ateeq, 2005; Wong and 

Shibli, 1998). RCAL data are plentiful and tend to generate reliable results on ML predictions. 
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On the other hand, special core analysis (SCAL) data are less abundant, making the prediction 

of these properties less common. However, the popularization and improvement of ML 

techniques have significantly increased the number of published works predicting well and core 

petrophysical, sedimentological, dynamical, and other data (Cuddy, 2021; Gao et al., 2011; 

Huang and Chen, 2021; Oliveira and Carneiro, 2021; Safaei-Farouji and Kadkhodaie, 2022). 

Digital rock physics (DRP) is a discipline that has gained prominence in recent years with 

the possibility of imaging samples at high resolution in X-ray micro-computed tomography 

(µCt). From µCts, samples can be segmented to extract porous models. Therefore, it is possible 

to simulate various physical processes, including multiphase fluid flow, which allows the Sor 

to be estimated (Andrä et al., 2013; Blunt, 1998; Valvatne and Blunt, 2004). However, 

subsamples are often used, and this can return low representative results, thus limiting these 

techniques, although they show high potential and will possibly gain space concerning 

conventional approaches in the future. On the other hand, tomographic images are common and 

relatively cheap while also having much textural information about the porous framework, 

which has encouraged several authors in recent years to train ML algorithms for the prediction 

of petrophysical properties (Alqahtani et al., 2020; Sudakov, Burnaev and Koroteev, 2019; 

Tembely, AlSumaiti and Alameri, 2021). 

Ensemble learning methods are robust algorithms that learn by clustering, combining 

several simpler prediction models, called weak learners. This training generates a more complex 

clustered model, or strong learners, usually with sequential predictors correcting the 

predecessors. These techniques result in quick and efficient regression on structured data, 

having been used in a wide range of applications. Examples of commonly used methods are 

Gradient Boosting (Friedman, 2001), AdaBoost (Freund and Schapire, 1997; Zhu et al., 2009), 

and XBoost algorithms (Chen and Guestrin, 2016). The AdaBoost algorithm (short for 

Adaptive Boosting) uses sequential predictors to adjust the previous prediction. With each new 

cycle, the relative weight of the default training information is adjusted. The weaker learner9s 

predictions are then combined to produce the final prediction. The Gradient Boosting algorithm 

works similarly to AdaBoost, adding the predictors in sequence (usually a decision tree) to a 

set, each correcting its predecessor. However, when adjusting the weights, this method adjusts 

the new predictor to the residual error of the previous one. Finally, XGBoost operates similarly 

to Gradient Boosting but implements differences regarding the loss function, using second-

order derivatives, aside from having L1 and L2 regularization and higher training speed. 
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Using different ensemble learning algorithms, this work applies a pore attribute-based 

method for Sor prediction in carbonate samples from the Brazilian Pre-salt from Santos Basin. 

The interpretation of the statistical results of pore morphology and the feature importance will 

also provide an essential basis for interpreting Sor pore controls in different types of Pre-salt 

facies. 

2.3 Geological Setting 

The Santos Basin is located in the south-eastern Brazilian margin (Figure 2-1), and it is 

limited to the north by the Cabo Frio High, which separates it from the Campos Basin, and to 

the south by the Florianópolis High, which separates it from the Pelotas Basin. It was formed 

under an extensional tectonic regime during the break-up of the Gondwana continent during the 

early Cretaceous/late Jurassic, an event that preceded the separation of South America and 

Africa and culminated in the formation of the Atlantic Ocean (Austin and Uchupi, 1982; 

Nürnberg and Müller, 1991; Rabinowitz and LaBrecque, 1979). The formation of the Atlantic 

Ocean occurred from a crustal thinning and rupture of the São Francisco-Congo-Rio de la Plata-

Kalahari cratons and the Proterozoic folding belt, with the later formation of the seafloor. The 

rupture of the South Atlantic began with a rift to the south, in the region of Argentina, during 

the Jurassic period and across the equatorial margin (Meisling, Cobbold and Mount, 2001; 

Mohriak, Nemcok and Enciso, 2008; Szatmari, 2000). The central portion had a late onset of 

rupture in the Hauveterivian, controlled by a resistant craton nucleus (San Francisco - Congo 

craton), resulting in the development of a narrow rift basin in this region (Clemson, Cartwright 

and Booth, 1997; Karner and Driscoll, 1999; Rosendahl et al., 2005). 

The Santos Basin stratigraphy is divided into three Super-sequences: Rift, Post-rift, and 

Drift (Moreira et al., 2007) (Figure 2-2). The Pre-Cambrian basement was covered by the 

tholeiitic volcanism of the Camboriú Formation during the early stages of Lower Cretaceous 

rifting (Mizusaki et al., 1992). Overlying the volcanic rocks are sediments from the Piçarras 

and Itapema Formation, composed of siliciclastic rocks in the proximal portions, and 

sandstones, volcanoclastics, siltstones, shales, bioclastic rudstones and grainstones, and 

stevensitic rocks (Chinelatto et al., 2020a; Leite, Silva and De Ros, 2020; Moreira et al., 2007). 

Unconformable covering the Rift Super-sequence is seen the post-rift sediments of the Barra-

Velha Formation, formed by the intercalation of precipitated calcite shrub crusts (stromatolites), 
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Mg-claystones, laminites, and intraclastic grainstones and rudstones (Gomes et al., 2020a; 

Herlinger Jr et al., 2020; Wright and Barnett, 2015), like the Macabu Formation of the adjacent 

Campos Basin (Herlinger, Zambonato and De Ros, 2017; Lima and De Ros, 2019). Finally, the 

basin evolved into a passive margin, and the continental deposits are covered by evaporites, 

followed by shallow and deep marine sedimentation from the Drift Super-Sequence. 

 
Figure 2-1 - Map illustrating the Localization of the Santos Basin and the Pre-Salt Province. 

2.4 Materials and Methods 

2.4.1 Lithological Characteristics 

A total of 111 Pre-salt carbonate plugs from the Barra Velha Formation were used in this 

study. The samples represent the main reservoir facies, including fascicular-optic calcite shrub 

crusts (CSC), laminites (LMN), and intraclastic grainstones and rudstones (IGR). The CSC 

facies are in-situ calcite precipitates that grow vertically and divergently with a characteristic 

fascicular-optic habit. Shrubs have millimeter dimensions and tend to coalesce laterally and 

vertically to form crusts. They typically have well-connected large growth-framework porosity, 

commonly reduced by dolomite cementation, although calcite and silica are common. The LMN 

facies has a laminated aspect and is mainly composed of Mg-clays, dolomite, silica, and calcite. 

It has secondary porosity generated by the dissolution of clay minerals matrix or diagenetic 

phases. Their pore system tends to be controlled by original lamination, and usually, the pores 

are small, even though fenestral aligned vugs can occur. IGR are composed of fragments of 

CSC, LMN, and other calcite particles. Their interparticle porosity is reduced mainly by 
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compaction and dolomite cement, while porosity increase by particle dissolution is frequent. 

Figure 2-3 illustrates the common petrographic aspects of these rocks. 

 
Figure 2-2 Stratigraphy of Santos Basin (Moreira et al., 2007). 

2.4.2 Laboratory Data 

This study was based on routine (RCAL) and special core analysis (SCAL), including 

porosity, permeability, density, Sor, and X-ray micro-computed tomography (µCT). RCAL and 

SCAL were performed according to the recommended techniques of the American Petroleum 

Institute (API, 1998). The residual oil saturation was obtained from waterflood by low capillary 

number unsteady state water-oil relative permeability tests. The employed fluids were 

formation and injection brines, and dead oil. Irreducible water saturation (Swirr) was achieved 

by centrifugation (CORELAB ACES-200), and the samples were then aged to restore the 

reservoir wettability conditions before the imbibition experiment. µCTs were obtained on GE 

Phoenix VTomex 300 Kv|L tomograph with the following acquisition parameters: voltage 

160kV, current 240µA, exposure time 1000ms, average equal to 3, skip 1, 1cm quartz filter, 

and total acquisition time of 120 minutes. The sample resolutions ranged from 30 to 55µm, 

typically composed of 1800 images. 
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Figure 2-3 - X-ray ¿CT and photomicrographs showing petrographic aspects of the studied facies (porosity 

impregnated by blue epoxy resin): A and B) grainstone composed of calcite intraclasts (white arrow) with 

interparticle porosity reduced by cementation of dolomite (red arrow) (plane-polarized light - PL); C and D) 

CSC formed by calcite shrubs with growth-framework porosity (red arrow) (PL); E and F) LMN composed of 

microcrystalline calcite, dolomite, and Mg-clays with matrix dissolution porosity (red arrow) (PL). 

2.4.3 µCT Processing and Pore Attribute Extraction 

The µCTs were processed in the AvizoTM software, with noise removal, when necessary, 

using a median or non-local means filter. The µCTs were rescaled to 50µm to keep the same 

pore size cutoff. Subsequently, the images were segmented to separate the pores and matrix. A 

watershed-type algorithm (Beucher, 1992) was then used to separate the pores in regions with 

constrictions. Once the pores were individualized, these were labeled to extract the 

morphological attributes. Figure 2-4 illustrates the processing workflow of µCTs. 
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Figure 2-4 - µCT processing includes pre-processing, segmentation, and pore labeling (bar scale = 2mm). 

 

After pore labeling, the pore morphological attributes were extracted to characterize the 

samples9 size, orientation, and shape (Table 2-1). Attributes related to pore size correspond to 

Area3d, CroftonPerimeter, Volume, EqDiameter, Perimeter, and VoxelFaceArea. The Area3d 

is the area of the adjacent object, where each voxel can contribute with 1 to 3 faces, depending 

on the pore configuration. In the continuum, Area3d is calculated with the following equation: 

 

CroftonPerimeter is the average perimeter calculated by Crofton9s Equation (Carmo, Do, 

2016; Crofton, 1868). The Volume attribute corresponds to the number of voxels in the pore. 

The equivalent diameter is the diameter of the sphere with the same pore volume, according to 

the equation below: 
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Table 2-1 - Description of pore morphological attributes extracted from µCT calculated in the AvizoTM software. 
Category Attribute Description 

Pore Size 

Area3d 
The pore boundary area accounts for the exposed surface of the 
external voxels. Each voxel can contribute with 1 to 3 depending on 
the configuration of the surrounding voxels. 

CroftonPerimeter 
The average pore perimeter is calculated by Crofton9s Formula 
(Carmo, Do, 2016; Crofton, 1868). 

EqDiameter 
Equivalent diameter represents the diameter of the sphere of the same 
volume. 

Perimeter Average perimeter considering a pixel boundary count. 

VoxelFaceArea Sum of the voxel surfaces outside of each pore. 

Volume Voxel number of the pore. 

Pore 
Orientation 

OrientationPhi 
Phi orientation of the pore in degrees [0,+90°], computed with the 
inertia moments. It defines with OrientationTheta the eigenvector of 
the largest eigenvalue of the covariance matrix. 

Orientation2Phi 
Phi minor orientation of the pore in degrees [0,+90°], computed with 
the inertia moments. It defines with Orientation2Theta the eigenvector 
of the smallest eigenvalue of the covariance matrix. 

OrientationTheta 
Theta orientation of the pore in degrees [-180,180°[, computed with 
the inertia moments. It defines with OrientationPhi the eigenvector of 
the largest eigenvalue of the covariance matrix. 

Orientation2Theta 

Theta minor orientation of the particle in degrees [-180,180°[, 
computed with the inertia moments. It defines 
with Orientation2Phi the eigenvector of the smallest eigenvalue of 
the covariance matrix. 

Pore Shape 

ShapeVA3d The shape factor 3d is defined as sphericity-3. 

Elongation 
The ratio of the average to the largest eigenvalue of the covariance 
matrix. Elongated objects will have small values close to 0. 

Flatness 
The ratio of the smallest to the average eigenvalue of the covariance 
matrix. Flat objects have small values close to 0. 

 

The Perimeter is the average length of the object's boundary and can be obtained as a 

boundary curve in the continuum, as follows: 

 

In the case of the digital image, the Perimeter is the number of voxels that surround the 

object. The VoxelFaceArea attribute is the sum of the areas of the voxels that are outside each 

connected component. The orientation-related attributes OrientationPhi, Orientation2Phi, 

OrientationTheta, and Orientation2Theta, were computed with the moments of inertia of the 

pores. OrientationPhi is the pore9s orientation in degrees [0,+90°] to the z-axis, calculated with 

the inertia moments. It defines with OrientationTheta the eigenvector of the largest eigenvalue 

of the covariance matrix. OrientationPhi is the polar angle regarding the z-axis, while 

OrientationTheta is the polar angle concerning the x-axis. Orientation2Phi and 

Orientation2Theta attributes are defined with the smallest eigenvalue of the covariance matrix. 

Figure 2-5 shows an example of how polar orientation measurements are made. 
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Figure 2-5 - Schematic showing the relationship between the theta ( ) and phi (Ç) polar coordinates to the x, 
y, and z-axes. 

2.4.4 Statistical Analysis 

Statistics were calculated with the attributes extracted for each pore to compose a 

structured database with features to train the ML algorithms. Pores with orientation 0 or 90° 

were excluded from the pore shape and orientation attributes category statistics to avoid bias 

generated by the resolution limitation. In other words, pores with 1 or 2 voxels tend to generate 

anomalous results of shape and orientation since the resolution is insufficient for morphological 

characterization. The pore size features were extracted from average, volume-weighted 

average, median, maximum, and standard deviation of attribute and log(attribute) distributions. 

The features average, volume-weighted average, median, and standard deviation were extracted 

from the orientation and shape categories. In the end, 88 features were created, 60 were 

calculated with pore size category, with 28 features derived from the pore shape and orientation 

categories. 

 

2.4.5 Sor Prediction ML Model 

Three ensemble learning algorithms for Sor prediction were tested, including Gradient 

Boosting, AdaBoost, and XGBoost with and without the RCAL data according to the workflow 
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shown in Figure 2-6. The dataset with the 88 features extracted from the µCTs plus the RCAL 

from the 111 plugs was first divided into testing (20%) and training (80%). Since the three 

lithological types (IGR, LMN, CSC) have very distinct lithological characteristics, the test and 

training data were randomly stratified split to contemplate the proportion of this facies. Due to 

high dimensionality of the dataset, it was necessary to reduce it to avoid overfitting and increase 

the model9s accuracy. The Recursive Feature Elimination (RFE) (Guyon, Weston and Barnhill, 

2002) technique was used, employing an external estimator to assign weights to features to 

recursively eliminate those with smaller weights, therefore creating smaller sets with the most 

important features. In this work, the RFE was used with the Random Forest estimator (Ho, 

1995), a robust regressor with a low computational cost. The training was carried out iteratively 

with 2 to 20 features to find the features that returned the best model. 

 

 
Figure 2-6 - Workflow used in the construction of the Sor prediction models. 

Each training was performed with k-fold cross-validation, where the set was divided into 

five folds. In each step, four folds were used as a training set and one-fold as a validation set, 

repeating this process five times. The result of R2 was stored to choose the hyperparameters 

that best fit the data. Cross-validation is relevant given the small dataset, thus reducing 
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overfitting and increasing the robustness of the model. Finally, the best models were tested with 

the data split in the first step, totaling two models for each algorithm, one with RCAL and the 

other without this data. In addition to the Sor prediction, the ML models provided the ranking 

with the importance of each feature, which is essential for interpreting the results. 

2.5 Results and Discussion 

2.5.1 RCAL and Sor 

The RCAL and Sor results showed distinct petrophysical characteristics between the 

different facies (Figure 2-7 and Figure 2-8). Porosity values were similar between facies with 

an average range of around 15 to 17%, with greater variability in the CSC. At the same time, 

the LMN presented more homogeneous values than the other facies. The permeability of the 

LMN was significantly lower than IGR and CSC, denoting different characteristics of the 

porous systems, typically below 100mD. CSC and IGR have greater variability, with minimum 

values close to 1mD and higher values above 1,000mD. LMN density tended to be higher than 

the other facies, reflecting a higher proportion of dolomite in its mineralogy. In contrast, the 

density of CSC is lower since the composition is dominated by calcite in this facies. Finally, 

there are significant differences in Sor distributions, indicating that the depositional fabric has 

an important weight in Sor, given its distinct porous characteristics, as discussed in the 

following items. LMN has a narrow Sor distribution with values between 15 and 30%. But in 

the case of CSC, in addition to a higher Sor average, around 30%, showed high variability, 

which reflects the heterogeneous framework of these rocks. Finally, the results indicate that 

IGR has intermediate average Sor and lower variability than observed for CSC, although there 

are two outliers with Sor above 50%. 
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Figure 2-7 - Template with examples of LMN (A to C), IGR (D to F), and CSC (G to I) ¿CTs, illustrating the 

textural differences and their influence on Sor and RCAL. 

 



52 

 
Figure 2-8 - Boxplots exhibiting porosity, permeability, density, and Sor distributions in the studied facies. 

 

In general, one can observe that the greater homogeneity of the LMN reflects in less 

variability of RCAL and Sor, as opposed to IGR and CSC, which have significant heterogeneity 

between samples. The correlation between porosity and Sor is low when considering all facies 

(Figure 2-9). When evaluated separately, we observe that the CSC facies has a Pearson 

correlation coefficient (r) equal to 0.53 (Table 2-2), which indicates that, though low, there is a 

relationship between porosity and Sor for this facies. Porosity has been cited as an important 

controlling factor of Sor since the greater it is, the greater the percolation probability. This 

means that more available paths for oil displacement are available (Yuan, 1981). However, a 

clear relationship was not observed, indicating that this premise cannot be generalized since 

porosity in carbonates is not necessarily related to connectivity, since intraparticle, vugs or 

moldic pores, common in these rocks, are frequently poorly connected. Permeability is related 

to Sor with r equal to 0.5 (Table 2-2 ), with a clear relationship when the cross plot is observed. 

This value is higher in the IGR facies, indicating that the porous organization of particulate 

rocks tends to affect both petrophysical properties. Finally, we note that although a trend of 

decreasing Sor with increasing density is observed (Figure 2-9), the relationship is fragile. The 

increase in density in these samples is probably caused by dolomite, which would change 

wettability, altering the efficiency of the sweep (Anderson, 1987). However, a systematic 

experimental and petrographic characterization would be needed to understand the real impact 

of mineralogy on Sor in these samples. 
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Figure 2-9 - Relationship between RCAL and Sor. 

 

Table 2-2 - Pearson correlation coefficients between Sor and Features, including statistics from pore 
attributes and RCAL. 

 

2.5.2 Pore Attributes 
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2.5.2.1 Pore Size 

Attributes related to average pore size generally presented the largest r concerning Sor 

(excluding Volume and EqDiameter), indicating that, among the parameters analyzed, these 

more significantly impact the Sor, especially in the CSC facies and IGR (Table 2-2, Figure 

2-10A). We also observed that they tend to be highly correlated, given their relationship with 

pore dimensions. We also noted that facies show critical differences in the distribution of these 

attributes (Figure 2-11A). The average Area3d shows that LMN has the smaller pores among 

the studied facies, reflecting on the permeability of the samples, which are usually low. On the 

other hand, the CSC tends to have the largest average Area3d, while the IGR has intermediate 

values but with more significant variability in the average distribution. In general, this attribute 

is like permeability in terms of distributions. Although the cross plots between these two 

properties present significant dispersion (Figure 2-10B), there is an evident relationship 

between the two properties, indicating that, at least for some samples, the average pore size is 

related to the pore throats dimensions. The logarithmic average of Area3d shows a low 

correlation with Sor (Table 2-2), probably reflecting the greater weight attributed to the smaller 

pores. Hence, this feature is a worse estimator than the non-logarithmized one. This observation 

indicates that larger pores have great relevance in oil trapping, a fact observed in microchip 

experiments (Chatzis, Morrow and Lim, 1983). Finally, we noticed that these observations 

justify the low Sor of the LMN, given the small average size of the pores and their homogeneity, 

which also reflects a lower Pearson correlation of the average Area3d to Sor for LMN facies 

(Table 2-2). 

The features calculated with the weighted average did not return good correlations in 

relation to Sor (Table 2-2). Although a trend of increasing Sor with the weighted average is 

observed, there is high dispersion in the correlation (Figure 2-10C). This behavior is mainly 

because the larger pores receive very high weight, which reduces the variability of the data 

when large pores are present. This characteristic is more clearly observed in the CSC, which 

tend to have larger pores than the other facies (Figure 2-11B). When the weighted average is 

calculated with the attribute log, we observed that the weight between the small and large pores 

becomes balanced, which increases the r concerning the Sor (Table 2-2), especially in the LMN 

whose pores are smaller. Finally, the logarithmic weighted average Area3d distributions of the 
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LMN have their variability increased (Figure 2-11C), which allows for a better correlation with 

Sor. 

The features related to the median pore size showed poor correlations with Sor, except 

for the CSC, which led r above 0.5 (Table 2-2). However, the median Area3d vs. Sor cross plot 

does not establish a good relationship (Figure 2-10). The medians are significantly affected by 

the smaller pores, which tend to be very abundant but generally less representative in terms of 

volume. The logarithmic median showed the same trend observed by the median, which 

indicates that both features are not good estimators for Sor. 

The features related to the maximum value showed poor correlation with Sor (Table 2-2), 

which means that it is not a piece of helpful information. In general, it should be expected to 

see correlations between pore size statistical features, such as maximum and median. But due 

to heterogeneity, some correlations are very poor. In the average versus maximum Area3d 

scatter plot (Figure 2-10E), we observed a relationship mainly in rocks with small pores. From 

an average size of around 1011nm2, this correlation ceases to exist. 

The standard deviation of the attributes related to pore size stands out as having the 

highest r, after the average, considering all facies. The standard deviation of the EqDiameter 

showed r around 0.7 (Table 2-2, Figure 2-10F) correlated with Sor. The standard deviation 

tends to be highly correlated with the average (Figure 2-10G), since in general, the larger the 

rock pores, the greater their variability. This tendency is seen in their similar distributions 

(Figure 2-11A and 11D). Therefore, the standard deviation manages to follow the trend 

observed in the average. When the standard deviation of the attribute logarithm is calculated, 

some differences are observed (Figure 2-11E), the correlations tend to be worse (Table 2-2 ), 

except for the CSC. Log tends to decrease the weight of larger pores, reducing the variability, 

which diminishes the correlation with Sor. 

Finally, considering the resolution of the µCT images used in this study (50µm), part of 

the porosity cannot be resolved. This effect is quite significant in LMN, whose great part of 

pores are under the resolution, unlike other facies with larger pores. This limitation has an 

impact on pore attribute statistics. In other words, LMN9s actual pore size is smaller than the 

calculated ones. Conversely, despite their obvious influence on pore size statistics, we expected 

that the trends and correlations should not be seriously affected. 
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Figure 2-10 - Scatter plots illustrating relationships between Sor and statistical features calculated from the 

pore attributes. 

2.5.2.2 Pore Shape 

Features related to pore shape (ShapeVA3d, Elongation, and Flatness) are closely linked 

to facies. Figure 2-11F illustrates the distributions of the average ShapeVA3d in the different 

facies. CSC has the highest average, which means that this facies has the lowest sphericity 

tendency (sphere is close to 1). This characteristic is related to the genesis of their growth-
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framework porosity, in which the voids are conditioned to the vertical growth of calcite shrubs. 

The IGR facies has lower averages, as its interparticle pores tend to be equidimensional, 

depending on the configuration of the particles, diagenetic processes, and selection of 

grainstones and rudstones. As a consequence, the distribution presents significant 

heterogeneity. Finally, the LMN distribution showed a greater tendency to sphericity, probably 

because the pores are small, mainly inferior to the sample resolution. Hence, pores whose size 

is close to the resolution limit will have a more equidimensional shape. Although the Person 

correlation coefficients are low (Table 2-2 ), except for LMN (r=0.58), there is an evident 

relationship between ShapeVA3d and Sor (Figure 2-10H). This may be related to the fact that 

the ShapeVA3d is calculated with the Volume and Area3d attributes. Therefore, there is a good 

correlation between ShapeVA3d and Area3d, especially in samples with a small pore size 

(Figure 2-10I). When the weighted average of the ShapeVA3d is calculated, the weight of the 

small pores is lost, increasing the variability of the average distributions (Figure 2-11G), 

particularly of the LMN and IGR, since large pores predominate in the CSC, unlike the other 

facies. Hence, the correlation with Sor decreases, although a relationship still can be observed 

(Figure 2-10J). ShapeVA3d median and standard deviation have a poor correlation with Sor 

(Table 2-2 ), as we can see the same tendency observed in previous features, where CSC has 

higher values than other facies. In contrast, the LMN distributions have the lowest average 

standard deviation and median. 

The Elongation-related features have similar behavior to ShapeVA3d ones, with strong 

faciological control (Figure 2-11H). Once again, the nature of the CSC genesis makes pore 

Elongation more pronounced in this facies than in others, while LMN pores have the lowest 

Elongation. Considering all samples, there is no reasonable relationship between Elongation 

and Sor (Table 2-2 ). However, when looking only at CSC, the Elongation-related features 

appear to have some relationship to it. The pores tend to be less elongated in the other facies, 

given their genesis. Although weak, the relationship between average Elongation and Sor in 

CSC facies is observed. The greater the average Elongation (elongated pores have Elongation 

close to zero), the greater the Sor (Figure 2-10K). In addition, the standard deviation with r 

equal to 0.63 stands out, indicating that the heterogeneity of the Elongation somehow affects 

the Sor. There is a good correlation between the average and standard deviation of the 

Elongation (Figure 2-10L), which implies that the greater the average Elongation, the greater 

its variability. Considering that the pores of CSC generally have large dimensions, small pores 
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may increase the mean Elongation (less elongated pores), thus increasing the standard 

deviation. In other words, pore elongation seems to be directly related to CSC Sor (Figure 

2-10M). On the other hand, the other facies do not show a good relationship between Sor and 

the Elongation feature. 

 
Figure 2-11 - Boxplots exhibit statistical features9 distributions calculated from the pore attributes. 

 

Finally, the features related to the flattening of the pores have their distributions 

controlled by the facies (Figure 2-11I), as occurs with the previous features. The IGR show 

higher values of average Flatness, which indicates low flatness of the pores since the 

organization of particles tends to generate predominantly equidimensional pores. Considering 

the laminated nature of the LMN, we should expect that this facies had greater flattening of the 
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pores. However, there is significant heterogeneity in the distribution of average Flatness. The 

statistics are possibly influenced by small pores close to the image resolution. This bias is solved 

with the weighted average, which will attribute more weight to the larger pores, consequently 

generating distributions that are more in line with expectations (Figure 2-11J). Although the 

correlations of Sor with features related to Flatness are low (Table 2-2 ), Figure 2-10N shows 

that there is a clear trend between the average Flatness and Sor, indicating that pore flatness 

may have some control on Sor as observed in the elongation correlations. 

2.5.2.3 Pore Orientation 

The pore orientation has similar average values between the facies, around 60° about the 

z-axis, given by the OrientationPhi attribute (Figure 2-11K). LMN has a high orientation 

dispersion, while the other facies have a narrower distribution but with outliers at higher angles. 

According to Pearson's correlation coefficient, the orientation of the pores only impacts the Sor 

in the CSC facies, since in the other facies, no correlation is observed (Table 2-2 ). Hence, this 

is probably because the pores of the other facies have a greater tendency to equidimensionality. 

However, when analyzing the scatter plot average OrientationPhi vs. Sor (Figure 2-10O), we 

observe a high dispersion, with a very weak tendency to increase Sor to angle × for the CSC 

facies. During the waterflooding test, the flow occurred along the z-axis, so the greater the angle 

between the pores and the z-axis, the greater the Sor. However, several other factors also affect 

the Sor, which could mask the effect as the samples are very distinct. Adebayo et al. (2017) 

investigated the influence of anisotropy on residual oil, showing that the vertical test has a more 

significant amount of residual oil, which corroborates our evidence. Finally, we observed that 

the mean angle with the x-axis (»), given by the OrientationTheta attribute, has similar 

distributions between the different facies (Figure 2-11L), while also not showing any 

relationship with Sor (Table 2-2 ). 

2.5.3 ML Model 
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2.5.3.1 Cross-Validation and Test Results 

According to the R2 obtained in the cross-validation, the best models for each algorithm 

presented similar results (Table 2-3). When using RCAL and µCT data, the R2 ranged between 

0.51 ± 0.07 for XGBoost and 0.54 ± 0.12 for Gradient Boosting. Although Gradient Boosting 

has the highest R2, we noticed a higher standard deviation, indicating that its model is more 

unstable compared to other techniques, which showed a standard deviation equal to 0.07. We 

also observed that Gradient Boosting showed the best result with a smaller number of features 

(6), while AdaBoost and XGBoost used 12 and 19 features, respectively. Among the features 

of RCAL, porosity was the only one included among the features used by the best models. 

When using only the features calculated with µCTs, the AdaBoost algorithm showed worse 

results in cross-validation, with low R2 (0.44) and high standard deviation (0.11). On the other 

hand, Gradient Boosting and XGBoost had similar results, with a coefficient of determination 

of 0.55 ± 0.08 and 0.54 ± 0.10, indicating that the latter two should be preferred when 

considering only the result of the cross-validation. 

The test result, considering the models with RCAL, showed a coefficient of determination 

within the range defined by the standard deviation of the cross-validation, which suggests that 

the models are predicting the Sor as projected in the selection of hyperparameters, with R2 

similar for the three algorithms tested. The root mean squared error (RMSE) of Gradient Boost 

and AdaBoost was similar, 4.55 and 4.62%, respectively. XGBoost showed the worst RMSE, 

equal to 5.19, indicating lower model accuracy (Figure 2-12). Regarding the distribution of 

residuals, the Gradient Boosting model showed the best result, with an average of 0.06 ± 4.65%, 

while AdaBoost showed intermediate values (0.66 ± 4.68%) and XGBoost the worst result (0.29 

± 5.31%) (Figure 2-13). Regarding the normality of the residuals, there is a good correlation 

between the theoretical and the ordered quantiles (Figure 2-14), indicating that their behavior 

is close to normal, with no significant differences among the three models. This fact is 

confirmed by the Shapiro-Wilk normality test, which suggests that the null hypothesis of 

normality cannot be rejected in any of the three models considering a 90% confidence level 

(Table 2-4). Assuming a 90% confidence interval, only the predicted vs. measured regression 

obtained with the XGBoost algorithm intercepts zero with a slope equal to 1; hence, this model 

has a lower bias than the other models obtained with the different algorithms, which only 

intercept zero with 95% confidence (Table 2-4). In conclusion, although the RMSE of the 
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AdaBoost and Gradient Boosting models is superior, we observed that the regression between 

measured and predicted Sor has a higher bias than XGBoost, which indicates that this algorithm 

will have a greater capacity to predict extreme values. 

 

 

Table 2-3 Cross-validation best model results, including features, hyperparameters, average and std R2. 
 

Algorithm Features Hyperparameters Avg 
R2 

Std R2 

µCT  
and  
RCAL 

AdaBoost 

Average Area3d, Average Log 
CroftonPerimeter, Median Log 
CroftonPerimeter, Average 
CroftonPerimeter, Weighted Average 
Log EqDiameter, Average 
EqDiameter, Std EqDiameter, Median 
Orientation2Phi, Median 
Orientation2Theta, Std 
Orientation2Theta, Weighted Avg 
OrientationTheta, Porosity 

base_estimator = 
decision tree, 
learning_rate = 4, loss = 
exponential, 
n_estimators = 50 

0.52 0.07 

Gradient 
Boosting 

Average Area3d, Std EqDiameter, 
Median Orientation2Phi, Std 
Orientation2Theta, Porosity 

alpha = 0.9, 
learning_rate = 0.05, 
max_depth = 2, 
min_samples_split = 2, 
min_samples_leaf = 1, 
n_estimators = 50, 
subsample = 0.2 

0.54 0.12 

XGBoost 

Average Area3d, Average Log 
CroftonPerimeter, Max Log 
CroftonPerimeter, Median Log 
CroftonPerimeter, Average 
CroftonPerimeter, Average Log 
EqDiameter, Weighted Average 
EqDiameter, Average EqDiameter, Std 
EqDiameter, Max Volume, Median 
Orientation2Phi, Std Orientation2Phi, 
Median Orientation2Theta, Std 
Orientation2Theta, Median 
OrientationPhi, Weighted Average 
OrientationTheta, Std 
OrientationTheta, Porosity 

base_score = 0.5, 
booster = 'gbtree', 
colsample_bylevel = 1, 
colsample_bynode = 1, 
colsample_bytree = 0.2, 
gamma = 0, 
importance_type = 
'gain', learning_rate = 
0.5, max_delta_step = 0, 
max_depth = 1, 
min_child_weight = 1, 
n_estimators = 30, 
n_jobs = 32, 
num_parallel_tree = 1, 
reg_alpha = 0.5, 
reg_lambda = 0.3, 
scale_pos_weight = 1, 
subsample = 1, 
tree_method = 'exact' 

0.51 0.07 



62 
 

Algorithm Features Hyperparameters Avg 
R2 

Std R2 

µCT 

AdaBoost 

Average Log CroftonPerimeter, 
Median Log CroftonPerimeter, 
Weighted Average CroftonPerimeter, 
Average EqDiameter, Std EqDiameter, 
Average VoxelFaceArea, Max 
Volume, Median Orientation2Theta, 
Std Orientation2Theta, Avg 
OrientationTheta, Median 
OrientationTheta, Std OrientationTheta 

base_estimator = 
decision tree, 
learning_rate = 4, loss = 
exponential, 
n_estimators = 100 

0.44 0.11 

Gradient 
Boosting 

Weighted Average CroftonPerimeter, 
Average EqDiameter, Std EqDiameter, 
Average VoxelFaceArea, Median 
Orientation2Theta, Std 
Orientation2Theta, Average 
OrientationTheta, Median 
OrientationTheta 

alpha = 0.9, 
learning_rate = 0.05, 
max_depth = 2, 
min_samples_split = 2, 
min_samples_leaf = 1, 
n_estimators = 60, 
subsample = 0.5 

0.55 0.08 

XGBoost Average Log CroftonPerimeter, 
Weighted Average CroftonPerimeter, 
Weighted Log EqDiameter, Median 
Log EqDiameter, Std Log EqDiameter, 
Average EqDiameter, Std EqDiameter, 
Avg Perimeter, Max Log 
VoxelFaceArea, Avg VoxelFaceArea, 
Std Volume, Std Orientation2Phi, 
Average Orientation2Theta, Median 
Orientation2Theta, Std 
Orientation2Theta, Average 
OrientationTheta, Weighted 
OrientationTheta, Median 
OrientationTheta 

base_score = 0.5, 
booster = 'gbtree', 
colsample_bylevel = 1, 
colsample_bynode = 1, 
colsample_bytree = 0.1, 
gamma=0, 
importance_type = 
'gain', learning_rate = 
0.5, max_delta_step = 0, 
max_depth = 2, 
min_child_weight = 1, 
n_estimators = 40, 
n_jobs = 32, 
num_parallel_tree = 1, 
reg_alpha = 0, 
reg_lambda = 0.5, 
scale_pos_weight = 1, 
subsample = 1, 
tree_method = 'exact' 

0.54 0.10 

 

Excluding RCAL, the model created with Gradient Boosting showed the highest R2 

(0.63), which is within the range obtained in the cross-validation, in addition to the lowest 

RMSE (4.38%) among the tested models. Consequently, their mean residuals were close to zero 

(Figure 2-13), and their dispersion was low (0.02 ± 4.49%). The null hypothesis of normality 

of the Shapiro-Wilk test (Table 2-4) is not rejected in either model for a 90% confidence level, 
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as illustrated in the QQ Plots (Figure 2-14D to F). Furthermore, the predicted vs. measured 

regression analysis showed that the models built with the XGBoost and Gradient Boosting 

algorithms have slope one and cross zero at a 90% confidence interval, demonstrating a good 

ability to predict extreme values. 

 
Figure 2-12 - Scatter plots exhibiting predict vs. measured Sor for the best models. A to C represents the 

models built with µCT, while D to F used only µCT data. 

 

 
Figure 2-13 - Box plots show Sor residual distributions considering models built with RCAL (A) and without it 

(B). 
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Figure 2-14 - Q-Q plots presenting the relationship between ordered and theoretical quantile errors of the 
models built with µCT (A to C) and only with µCT (D to F). The dashed red line limits the 90% 

confidence region. 

Table 2-4 - Shapiro-Wilk normality and regression analysis tests, considering regressions between predicted 
and measured Sor. 

 
Algorithm Shapiro-

Wilk 
Test 

Parameter Coeff Std 
Error 

Confidence Interval 

  
p-value 

   
<95% >95% <90% >90% 

µCT 
and 
RCAL 

XGBoost 0.440 
Intercept 5.094 4.298 -3.870 14.059 -2.318 12.507 

Slope 0.824 0.152 0.508 1.141 0.563 1.086 

AdaBoost 0.414 
Intercept 7.080 3.624 -0.478 14.639 0.831 13.330 

Slope 0.765 0.128 0.499 1.032 0.545 0.986 

Gradient 
Boosting 

0.506 
Intercept 6.468 3.600 -1.042 13.977 0.259 12.677 

Slope 0.766 0.127 0.501 1.031 0.546 0.985 

µCT 

XGBoost 0.270 
Intercept 3.824 4.355 -5.261 12.909 -3.687 11.336 

Slope 0.855 0.154 0.535 1.176 0.590 1.121 

AdaBoost 0.767 
Intercept 7.673 3.735 -0.119 15.465 1.231 14.115 

Slope 0.735 0.132 0.460 1.010 0.508 0.963 

Gradient 
Boosting 

0.904 
Intercept 5.397 3.539 -1.985 12.779 -0.707 11.501 

Slope 0.803 0.125 0.543 1.064 0.588 1.019 

 

In general, it is observed that both the models built with RCAL and those without this 

data presented similar results. RCAL should improve models9 prediction considering that they 

provide petrophysical information. However, the results of the predictions without them were 

similar. This is probably because the information contained in the RCAL was accessed by the 
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extracted µCTs attributes, although the resolution did not resolve part of the porosity: density 

is poorly correlated with Sor and it was not used in any of the models; in addition, albeit it has 

entered the models with RCAL, porosity has a low correlation with Sor, resulting in a small 

contribution in the models. Even though permeability has a positive correlation with Sor (r = 

0.5), it has a lower correlation than features related to pore size and variability, which may 

explain why this feature was deprecated. Therefore, apparently, RCAL does not contain 

additional information for the Sor prediction in relation to the µCTs pore attributes. Given the 

limited number of samples, both results are satisfactory, which indicates that there is no need 

to aggregate RCAL data. Hence, it speeds up the prediction process provided that RCAL is only 

obtained after cleaning the samples, which can take months. Finally, the Gradient Boosting 

algorithm had the best results given the metrics used to evaluate the models. 

2.5.3.2 Feature Importance 

Although only porosity has been included in the best models with RCAL, employing them 

influences the elimination of features by RFE, implying different selections of parameters 

(Table 2-3). The most important features in the models where RCAL was used correspond to 

the pore size and orientation categories (Figure 2-15). Features related to pore size showed good 

correlations with Sor; conversely, orientation was less evident than pore size. The most frequent 

features and more weight in the three models were average Area3d and std EqDiameter. As 

discussed previously, these features showed reasonable correlations with Sor and confirmed the 

relationship of Sor with pore size and its heterogeneity. Furthermore, orientation parameters 

with some correlation, such as the median OrientationPhi and Orientation2Phi, were also 

important, and their load was above 0.05. On the other hand, features like median 

Orientation2Theta did not show a clear correlation, although important in the models. Finally, 

among the RCAL data, we note that only porosity was used, although it does not have a 

reasonable correlation with Sor. While porosity does not correlate with Sor (Figure 2-9), this 

feature does have a relationship with Sor and average Area3d (Figure 2-16A). We noticed that 

porosity tends to amplify Sor in samples with smaller pores. Figure 2-16B shows the 

relationship of the slope regression coefficient between Sor and average Area3d considering 

incremental moving windows of porosity. Samples included in windows with smaller porosities 
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show smaller slopes of the linear correlation between Sor and average Area3d. This effect 

possibly has lithological control, as the CSC facies tend to have greater Sor and pore size, 

although it has relatively lower porosity. Instead, IGR tend to increase Sor with smaller pores 

and higher porosities to CSC. As shown in Figure 2-16C, the median Orientation2Phi shows 

that the samples with larger pores have smaller values, which should help the algorithms to 

predict samples with larger Sor. Finally, even though the median Orientation2Theta is 

important in the models, it does not show a clear relationship to Sor and median Area3d (Figure 

2-16D). 

 
Figure 2-15 - Feature importance (>0.05) of models built with µCT. 

The three best models built without RCAL had the same most important features (std 

EqDiameter and average VoxelFaceArea) related to the pore size category. Concerning the 

other features, these models presented differences (Figure 2-17): the model built with XGBoost 

put more weight on features related to pore size, while AdaBoost balanced it with orientation 

features. The Gradient Boosting, whose model showed the best results, in addition to the 

features mentioned above, used the average EqDiameter, the weighted average Crofton 

Perimeter, and finally, the average OrientationTetha. 



67 

 
Figure 2-16 - Scatter plot illustrating Sor vs. average Area3d colored by porosity (A), median Orientation2Phi 

(C), and median Orientation2Theta (D). Figure B shows the relation of the slope coefficient of regression 
between Sor and average Area3d to porosity moving windows, illustrating the effect of increasing porosity 

combined to average Area3d on Sor. 

 
Figure 2-17 - Feature importance (>0.05) of models built with µCT. 
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Lastly, permeability was not chosen in the best models, although there is a clear 

relationship with Sor (Figure 2-9). Also, density was not used, which was expected given the 

low correlation with Sor, which emphasizes the observation that mineralogy should not be 

crucial for the Sor differences. Although they correlate with Sor, features related to the pore 

shape did not have a high weight in the best models. Attributes related to the pore size category 

highly correlate, indicating that the algorithms used have high generalization power even with 

correlated variables. Still, we observed that even attributes without apparent control over Sor 

are useful for prediction, showing the robustness of the Ensemble Learning techniques. 

2.6 Conclusions 

This work sought to use RCAL data and pore attributes extracted from µCt scans to 

predict Sor in carbonates from the Barra Velha Formation, Santos Basin, Offshore, Brazil. In 

addition, it aimed to improve the understanding of how pore morphology controls Sor in these 

rocks. Thus, we emphasize as the main conclusions of this work: 

 The three studied facies have a very distinct porous framework, given the genesis 

of their formation and specific diagenetic alterations. So, these particularities 

imply distinct petrophysical and Sor characteristics. 

 Density values do not show a clear relationship with Sor, denoting those 

mineralogical changes are not an essential factor in residual oil control of Pre-salt 

rocks. 

 Features related to pore size and its heterogeneities have the best correlations 

among the studied attributes, indicating that rocks with larger pores tend to have 

a more heterogeneous framework and, consequently, a more significant amount 

of trapped oil after the waterflood. 

 The orientation and shape of pores are related to facies: particulate rocks such as 

IGR have equidimensional pores, which tends to generate poor correlations with 

Sor; conversely, CSC pore shape is controlled by the growth of calcite crystals, 

and LMN has pore morphology impacted by the laminated nature of the rock. 

Thus, CSC and LMN tend to show some correlation between orientation and form, 

in contrast to IGR. 
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 The ML models showed satisfactory results, given the number of samples. These 

models can therefore reduce the uncertainty of Sor in reservoirs. Moreover, the 

methodology based on µCT pore attribute extraction can be adapted in different 

reservoirs. 

 Comparison between the three LM models built with and without RCAL did not 

show significant differences. Considering that the RCAL data takes time to be 

obtained, we assume that models made only with µCT are the best option. Still, 

among the tested algorithms, the best model was built with Gradient Boosting. 

 Finally, the models indicated that the features with greater importance are related 

to pore size and orientation, confirming the impact of these properties on Sor. 
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3. Article 2 - HERLINGER, R.; ROS, L. F. DE; SURMAS, R.; VIDAL, 

A. Residual oil saturation investigation in Barra Velha Formation 

reservoirs from the Santos Basin, Offshore Brazil: A 

sedimentological approach. Sedimentary Geology, v. 448,  2023.  

3.1 Abstract 

Residual oil saturation (Sor) is a petrophysical parameter of great relevance, as it is used 

for flow simulation, production forecast, and reserve estimation. However, oil trapping is rarely 

investigated from a geological point of view. This work integrates petrography, RCAL, SCAL, 

and X-ray µCT to understand how lithological characteristics control Sor in the lacustrine 

carbonate reservoirs of the Pre-salt section of the Santos Basin, offshore eastern Brazil. The in-

situ facies, composed of calcite shrubs and spherulites, and magnesian clays, have Sor directly 

related to the diagenetic evolution of the Mg-clays, including processes of replacement by 

dolomite and dissolution and their relationships to the calcite shrubs and spherulites. The 

intense replacement of the clay matrix by dolomite, followed by dissolution, developed 

intercrystalline porosity with a small pore-to-throat ratio, favoring water sweeping. On the other 

hand, the preservation of primary porosity among shrubs or the development of large matrix 

dissolution pores favors oil trapping. In intraclastic rocks made by redeposited fragments of 

shrubs and spherulites, the main control of Sor is depositional texture: rocks with larger grain 

size tend to have greater porosity heterogeneity and, consequently more oil trapped. On the 

other hand, fine-grained calcarenites tend to have a more homogeneous porous medium, which 

enables oil displacement. Finally, the imaging of Sor in reservoir conditions indicates mixed 

wettability. However, there is no clear relationship between Sor and predominant mineralogy, 

which should be investigated in future works. 

Keywords: Sor, Pre-Salt, Diagenesis, Wettability, X-ray µCt 

 

 

 

 



71 

3.2 Introduction 

Understanding residual oil saturation (Sor) in carbonate rocks tends to be challenging 

since these reservoirs often present mixed- or oil-wettability (Alhammadi et al., 2017; 

Anderson, 1985; Faramarzi-Palangar et al., 2022; Ferrari et al., 2021; Salathiel, 1973) and 

present highly heterogeneous porous systems, as in the Brazilian Pre-salt rocks (Herlinger, 

Zambonato and De Ros, 2017; Lima and De Ros, 2019). Oil trapping in reservoirs after 

waterflood results from several factors, including rock characteristics, such as mineralogy and 

texture, the morphology of pores and their throats, the composition of the fluids involved, and 

the environmental conditions of the reservoirs, such as pressure and temperature. These 

interactions among mineralogy, texture, fluids, and environmental characteristics impact 

wettability (Anderson, 1985, 1987), interfacial tension (Hoeiland et al., 2001; Ling and He, 

2012; Wardlaw, 1982), and distribution of capillary forces within the fundamental factors for 

the flow and entrapment of fluids (Blunt, 2017; Chandler et al., 1982; Perkins, 1957). 

Initial studies with direct observation of displacement mechanisms and multiphase 

trapping go back to experiments in glass microtubes by Roof (1970). In his seminal study, Roof 

directly observed the so-called snap-off mechanism, where the non-wetting phase is disrupted, 

and the oil remains trapped within the center of the pores. The author theoretically related and 

visually verified the proportions between the morphologies of pores and throats and their impact 

on non-wetting phase trapping. Later, several theoretical, simulation, and experimental studies 

with micromodels and sphere packs showed the influence of textural factors, such as throat/pore 

ratio, porosity, coordination number (number of throats per pore), and heterogeneity on oil 

trapping and consequent recovery efficiency (Chandler et al., 1982; Chatzis, Morrow and Lim, 

1983; Cieplak and Robbins, 1988, 1990; Larson, Scriven and Davis, 1977; Lenormand and 

Zarcone, 1984; Lenormand, Zarcone and Sarr, 1983; Mohanty, Davis and Scriven, 1987; 

Stegemeier, 1977; Wardlaw, 1982; Yuan, 1981). 

Fluid trapping is highly dependent on reservoir wettability, which determines their initial 

configuration, flow, and retention mechanisms (Gharbi and Blunt, 2012; Humphry et al., 2014a; 

Ryazanov, Sorbie and Dijke, van, 2014; Spiteri et al., 2008; Wolf, Siebert and Surmas, 2020). 

Typically, under water-wet conditions, oil occupies the center of the pores at the initial 

irreducible water saturation (Swirr) condition, as aforementioned. In contrast, the water will be 

confined to the corners and roughness of the constituents9 surfaces at high capillary pressures. 
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As the water pressure increases, the inflow of water generates a displacement of the 

oil/water/rock interface, leading to the oil phase disconnection observed by Roof (1970). Hence, 

in heterogeneous porous media, water displaces the oil, initially occupying the smaller regions. 

This leads to oil trapping by snap-off in larger pores, a process commonly related to a high 

pore/throat size ratio. This displacement pattern is named percolation with trapping (Blunt, 

2017; Chandler et al., 1982) (Figure 3-1). 

 
Figure 3-1 - Diagram showing the displacement pattern predominance, considering the contact angle and 

the degree of heterogeneity of the porous media (modified from BLUNT (2017)). 

In very homogeneous media under mid-water- to strong oil-wet conditions (contact angle 

~60 to 180°), there is cooperation among the pores and throats (Blunt, 2017; Blunt, King and 

Scher, 1992; Lenormand and Zarcone, 1984; Lenormand, Zarcone and Sarr, 1983; Valvatne 

and Blunt, 2004), favoring waterflooding and decreasing Sor. In this type of displacement 

pattern, referred to as frontal advance (Figure 3-1), variations in pore and throat dimensions are 

less critical because the differences between threshold pressures are smaller, resulting in a 

uniform displacement (Blunt, 2017). In homogeneous media, considering strong water-wet 

conditions, the growth of clusters of the wetting phase may occur instead of frontal advance. 

When these regions merge, oil is trapped (Blunt, 2017; Chatzis, Morrow and Lim, 1983; 

Lenormand and Zarcone, 1984). Finally, during waterflood in a heterogenous oil-wet reservoir, 

water first preferentially displaces oil from large pores. Subsequently, the displacement 

continues by layers of oil adhered to the minerals in a pattern called invasion percolation with 

trapping (Dias and Wilkinson, 1986). After the layers collapse and disconnect, the oil is retained 

adhered to the minerals. 
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More recently, the advancement of X-ray imaging techniques and the possibility of 

directly observing fluids in high resolution allowed a significant improvement in understanding 

pore-scale processes. Several studies accurately show the configuration of fluids and their 

relationships with pores and minerals. This made it possible to evaluate displacement processes 

and trapping mechanisms directly, including measurements of contact angles, snap-off 

dynamics, and oil entrapment by layers (Andrew, Bijeljic and Blunt, 2014a; Singh et al., 2017; 

Singh, Branko and Blunt, 2016). These advances validated theoretical concepts and 

observations made in micromodels and calibrated simulation models. 

Although undeniable advances have been made to understand multiphase flow and 

trapping, its connection with reservoir geological features is still treated superficially, especially 

concerning carbonate rocks. This work, therefore, aims to integrate petrography, routine and 

special core analysis (RCAL and SCAL), and digital rock (DRP) to assess the impact of 

diagenetic and depositional processes on oil trapping in the Pre-salt Barra Velha Formation 

reservoirs of the Santos Basin, Brazil. 

3.3 Geological Setting 

The Santos Basin is located on the southeastern Brazilian margin (Figure 3-2), limited to 

the north by the Cabo Frio High and to the south by the Florianópolis platform. It was formed 

under a tectonic extension regime during the breakup of the Gondwana continent during the 

early Cretaceous/Later Jurassic, preceding the separation of South American and African 

continents and culminating in the formation of the Atlantic Ocean (Austin and Uchupi, 1982; 

Cainelli and Mohriak, 1999; Davison, 2007; Nürnberg and Müller, 1991; Rabinowitz and 

LaBrecque, 1979). According to Moreira et al. (2007), the stratigraphy of the Santos Basin is 

divided into three Super-sequences: Rift, Post-rift, and Drift (Figure 3-3). During the early rift 

formation, the Precambrian basement was covered by the Camboriú tholeiitic volcanic rocks 

during the Lower Cretaceous (Mizusaki et al., 1992). The sedimentary infill of the Santos Basin 

begins with rocks from the Piçarras Formation in the Barremian, which includes the deposition 

of siliciclastic rocks and Mg-clays ooids and peloids, accumulated in a high alkalinity 

environment, as well as hybrid sediments (Leite, Silva and De Ros, 2020). The Itapema 

Formation, deposited during the Jiquiá Local Stage, is composed of thick accumulations of 

bioclastic bivalve rocks (<coquinas=) (Chinelatto et al., 2020b; Rocha, Favoreto and Borghi, 
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2021) in addition to peloids and ooids of Mg-clays, which often occur mixed with the bioclastic 

sediments (Leite, Silva and De Ros, 2020). Dark shales occur interspersed with the bioclastic 

deposits and represent the main source rocks of the basin. The top of these deposits is 

recognized as a regional stratigraphic marker, resulting from basin uplift and erosion, which 

marks a drastic change in environmental conditions (Dias, 2005). 

 

 
Figure 3-2 - Map illustrating the Santos Basin and the study location (dashed areas). 

The Barra Velha Formation occurs unconformably covering the Rift Super-sequence, and 

is separated into Lower and Upper by the Intra-Alagoas unconformity. Their sediments are 

formed by the intercalation of precipitated calcite shrub crusts, deposits of Mg-clays with calcite 

spherulites, laminated Mg-clays replaced by microcrystalline calcite, dolomite and silica, and 

intraclastic rocks (Basso et al., 2021; Carramal et al., 2022; Carvalho et al., 2022; Gomes et al., 

2020b; Netto, Pozo, Manuel, et al., 2022; Netto, Pozo, M., et al., 2022; Silva, da et al., 2021; 

Wright and Barnett, 2015, 2020). Due to the lack of data, Moreira et al. (2007) initially 

interpreted these accumulations as deposited in a transitional to marine environment. 

Subsequently, after the giant hydrocarbon accumulation discoveries, the Barra Velha Formation 

deposits were reinterpreted as deposited in an alkaline lacustrine environment (Wright and 

Barnett, 2015). Aside from these studies in the Santos Basin, studies of the equivalent deposits 

in the adjacent Campos and Kwanza (Angola) Basins revealed close depositional, diagenetic, 
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and mineralogical similarities (Herlinger, Zambonato and De Ros, 2017; Lima and De Ros, 

2019; Sabato-Ceraldi and Green, 2017; Saller et al., 2016).  

 

 

Figure 3-3 - Stratigraphy of the Santos Basin (Moreira et al., 2007). 

Calcite crusts, also referred to as shrubstones or stromatolites, are constituted by fibrous 

calcite aggregates crystals (<shrubs=) with divergent extinction and fascicular-optic habit 

(Herlinger, Zambonato and De Ros, 2017; Lima and De Ros, 2019; Rodríguez-Berriguete et 

al., 2022). The aggregates encrust each other or other materials, growing vertically and 

coalescing horizontally, resulting in the development of crusts of varying dimensions. The 

syngenetic precipitation of calcite is closely related to the deposition of Mg-clays, which occurs 

as laminations, peloids, ooids, and as a coating in particles of different origins (Carramal et al., 

2022; Carvalho et al., 2022). These clays often occur interspersed with the calcite crusts, filling 

the inter-shrubs spaces. 

Spherical, fibro-radial calcite aggregates (spherulites) were precipitated during early 

diagenesis replacing and displacing the Mg-clay laminations. Remnants of Mg-clays included 

in the calcite shrubs indicate that they also frequently replaced the clays. Mg-clays are highly 
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reactive, resulting in their dissolution, which generated abundant secondary porosity (Carramal 

et al., 2022; Tosca and Masterson, 2014; Tosca and Wright, 2015; Wright, 2022). In addition, 

the Mg-clays were frequently replaced by dolomite crystals and other mineral phases. Where 

the clay matrix was dissolved, calcite spherulites and dolomite crystals are commonly observed 

<floating= in the secondary pores. Recently, (De Ros and Oliveira, 2023) proposed a system for 

the simple classification of the in-situ rocks of the Brazilian Pre-Salt, based on the proportion 

among shrubs, spherulites, and matrix.  

In addition to the in-situ rocks, re-sedimented particulate deposits constitute important 

reservoirs in the Barra Velha Formation (Barnett et al., 2021; Rodríguez-Berriguete et al., 

2022). These facies are mainly formed by intraclasts of fragmented calcite shrubs and 

spherulites (Gomes et al., 2020b), associated with intraclasts of the Mg-clay matrix, Mg-clay 

ooids and peloids, in addition to subordinate phosphate fragments, ostracods, siliciclastic, and 

volcanoclastic grains (Carramal et al., 2022; Carvalho et al., 2022; Netto, Pozo, M., et al., 

2022). Although common, the clay peloids and ooids are often challenging to identify, as they 

were usually entirely replaced by calcite or dolomite. Dolomite, calcite, and quartz are the main 

diagenetic constituents, replacing and cementing the particles (Basso et al., 2021; Carvalho et 

al., 2022). 

3.4 Materials and Methods 

3.4.1 RCAL and SCAL 

This study was carried out with routine and special core analysis (RCAL and SCAL) data 

from 131 plug samples with 1.5= diameter, cut from 28 wells belonging to several fields located 

in the Santos Basin. Eleven wells are comprised within the black polygon (Figure 3-2), sampled 

in the Upper and Lower Barra Velha Formation, both intraclast- and in-situ-dominated sections. 

The red, blue, and yellow areas have 4, 7, and 5 wells, respectively, and were mostly sampled 

in the Upper Barra Velha Formation, while the white area has only one well and was sampled 

in the Upper Barra Velha Formation. Wells in the red area were sampled in both in-situ- and 

intraclastic-dominated sections, while wells in the white and yellow areas were sampled 

exclusively in in-situ-dominated sections; finally, wells in the blue area were sampled mostly 

in in-situ-dominated sections. The data include 131 porosity, permeability, Sor and Swirr results, 
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and mercury injection capillary pressure (MICP) data from 70 samples. The analyses were 

performed according to the recommendations of the American Petroleum Institute (API, 1998).  

Porosity was measured in a porosimeter, where the plug is placed in a chamber with a 

known volume. The rock volume is then deduced from the pressure difference between the 

empty and full chamber, from which the porosity is estimated. Permeability was determined in 

a permeameter: the sample was inserted into a chamber under confinement. Then the gas is 

injected into the sample so that there is percolation. The pressure difference between the inlet 

and the outlet will be related to permeability by Darcy's law: 

 

where q is the total discharge, k is the permeability, A the cross-sectional area of flow, µ 

is the fluid viscosity, L is the length of the sample, and dP the pressure drop. In the MICP 

method, a fragment of about 1cm3 is inserted in a holder under vacuum conditions. Then, 

mercury is injected at incremental pressures. As the pressure increases, the mercury intrudes 

smaller and smaller throats, from which it is possible to extract pore throats distributions from 

the pressure and the intruded volume according to the Young-Laplace equation: 

 

where rth is the throat radius, Ã the interfacial tension, » is the contact angle, and Pc is the 

capillary pressure. Swirr was reached after centrifugation (CORELAB ACES-200). The samples 

were then aged to restore the wettability before the waterflood experiment. Sor was obtained 

after waterflood by low capillary number unsteady state water-oil relative permeability tests, 

employing formation and injection brines and dead oil. The test starts at Swirr condition, then 

water is injected into the sample and the oil starts to be displaced by the water. As time passes, 

oil production decreases, until it ceases. At this point, the oil is trapped by capillary forces and 

is considered residual oil. The petrophysical analyses were performed at Petrobras Research 

Center (CENPES). 

3.4.2 Imaging of the residual oil saturation 

For qualitative assessment of fluid distribution after water flooding, five 1.5= diameter 

plug samples were selected for X-ray microtomographic imaging (X-ray µCT). Rocks were 

imaged in the Sor condition after the waterflood, according to the previously discussed method. 
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The fluids used correspond to dead oil and injection waters doped with iodine to enhance 

oil/water contrast. A GE VTomex L300 equipment was used for sample scanning, operating in 

voltage 160kV, current 240µA, and exposure time of 500ms, totaling 72 minutes of acquisition 

per plug. To reduce the noise and the beam-hardening effect (Brooks and Chiro, 1976), a 1cm 

quartz filter was used. Plugs were imaged at a resolution between 38 and 39.2µm. Due to the 

resolution limitation, rocks with large pores were selected. The images were segmented with a 

machine learning method called Trainable WEKA Segmentation (Arganda-Carreras et al., 

2017) to individualize oil, water, and solid phase and these were processed by AvizoTM 

software. 

3.4.3 Petrography 

The samples were cleaned from oil and impregnated with blue epoxy resin to identify the 

porosity, and dyed with a solution of alizarin and potassium ferrocyanide to distinguish the 

carbonate phases (Dickson, 1965). Eighty thin sections were point-counted (300 points) 

(Chayes, 1949; Hutchison, 1974; Plas, Van Der and Tobi, 1965) to characterize and quantify 

the primary and diagenetic constituents, pore types, textures, structures, and their 

interrelationships. The thin section is swept in regular steps to regularly cover the area. At each 

step, the constituent that occurs exactly at the intersection of the reticule is recorded. The 

descriptions were registered, quantified, and interpreted in the software PetroledgeTM. The in-

situ rocks were classified according to the system proposed by De Ros and Oliveira (2023), 

while the particulate rocks were classified according to Grabau (1904). In addition, 

photomicrographs of 123 samples were segmented to quantify pore size, and the particle size 

was measured in 63 samples. Photomicrographs were analyzed in Fiji software (Schindelin et 

al., 2012). To implement the segmentation, the images9 contrast was adjusted, then they were 

filtered, when necessary, and finally segmented by cutoff pore/rock. 

3.5 Results 

3.5.1 Petrography, SCAL, and RCAL 
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3.5.1.1 In-Situ Rocks 

The main primary components of in-situ rocks correspond to Mg-clays and calcite shrubs. 

Even though Mg-clays were mostly dissolved or replaced in the studied samples (Figure 3-4A, 

B, D, and F), their original content (average 22.6%, maximum 89.7%) was estimated by the 

dissolution volume and replacement minerals. The clays occur as laminated matrix and peloids, 

which are replaced and/or encrusted by calcite shrubs, and replaced by calcite (mainly as 

spherulites, but other habits are common), silica (average 1.0%; maximum 10.7%), and 

dolomite (average 14.1%; maximum 76.0%). Calcite shrubs are, in general, a few millimeters 

long. Their vertical and horizontal coalescence formed calcite crusts that constitute, on average, 

45.9, and up to 86.3% of the analyzed samples (Figure 3-4C, D, E, and F). Replacement of the 

shrubs by dolomite (average 2.5%; maximum 19.3%) and silica (average 1.2%; maximum 

11.0%) is common, although the average replacement volume is less than 5%. 

Interstitial spaces among the calcite shrubs may have been originally empty, as growth-

framework pores, or filled with Mg-clays. Primary inter-shrub growth-framework porosity 

averages 2.1%, reaching 11% in shrubstones. Such primary porosity was reduced mainly by 

dolomite (average 0.8%; maximum 11.3%), calcite (average 0.2%; maximum 5.3%), and silica 

(average 0.4%; maximum 11.0%) cementation. Along with Mg-clays and calcite shrubs, 

spherulites with submillimeter to millimeter diameter constitute the main components of the 

analyzed in-situ rocks (average 27.2; maximum 80%) (Figure 3-4B and F). Spherulites were 

formed replacing and displacing the clay matrix. Spherulstones, where the clays were mostly 

dissolved, suffered compaction. In those where the matrix has been replaced mainly by 

dolomite, the spherulites appear <floating= among dolomite crystals (Figure 3-4B and F). 

Asides from inter-aggregate dissolution and growth-framework porosity, the in-situ facies 

contain a fair amount of intra-aggregate porosity inside partially-dissolved calcite shrubs and 

spherulites (average of 2.5; maximum 10%). The proportion between Mg-clays, shrubs, and 

calcite spherulites allowed the classification of the in-situ samples as shrubstones (29%), shrub-

spherulstones (22%), spherulstones (13%), Mg-clay mudstones (5%), muddy shrubstones 

(14%), and muddy spherulstones (17%) (Figure 3-5). 
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Figure 3-4 - Template with photomicrographs (uncrossed polarizers) showing important petrographic 

aspects of the in-situ rocks (porosity impregnated by blue epoxy resin), and respective petrophysical 
properties including Sor, laboratory (helium) porosity (ø), permeability (k), and pore throats radius 
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distribution. A) Mudstone with original matrix dissolved and replaced by dolomite and calcite small crystals, 
resulting in a highly homogeneous pore system. B) Muddy spherulstone with calcite spherulites (yellow 

arrow) partially <floating= in matrix-replacive dolomite (red arrow), with intercrystalline porosity (blue 
arrow) and intra-aggregate porosity from the partial dissolution of spherulites (black arrow). MICP indicates 

a homogeneous porous media. C) Shrubstone with well-preserved calcite shrubs (red arrow) and growth-
framework porosity (yellow arrow) partially reduced by dolomite cementation (blue arrow). D) Muddy 

shrubstone composed of calcite shrubs (yellow arrow) and clay matrix partially replaced by dolomite (black 
arrow) and partially dissolved, with the formation of vugs resulting in a heterogeneous pore throat 

distribution. E) Shrubstone composed of calcite shrubs (black arrow) locally replaced by silica (blue arrow), 
with preserved growth-framework porosity (yellow arrow). F) Muddy shrubstone consisting of calcite shrubs 

(yellow arrow) and spherulites (white arrow) with matrix mostly dissolved (red arrow) and partially 
replaced by dolomite (black arrow). 

 
Figure 3-5 - Classification of the in-situ quantified samples based on the original percentage of Mg-clays, 

calcite spherulites, and shrubs (De Ros and Oliveira, 2023). 

The average porosity of the studied samples occurs around 15%, with no significant 

difference between the facies; shrubstones have the smallest porosity (13.1%), while shrub-

spherulstones have the largest (17.1%). Average permeability, in turn, is greater where shrubs 

are present (shrubstone 3 738.6mD; muddy shrubstone 3 439.4mD; shrub-spherulstone 3 

972.9mD). On the other hand, in the facies where there is a predominance of spherulites and 

Mg-clay, the average permeability tends to have lower values (muddy-spherulstone 3 128.0mD; 

spherulstone 3 82.1mD; Mg-clay mudstone 3 18.5mD). The average P10 Throat Radius, which 

represents the larger throats, is higher in samples rich in shrubs (shrubstone 3 66.4µm) and 

lower in the results referring to samples dominated by Mg-clay (Mg-clay mudstone 3 1.9µm). 

On the other hand, excepting Mg-clay mudstones, which have a significantly lower P50 Throat 

Radius (0.5µm), other facies have similar average values, ranging from 4.7 to 10.6 µm. The 
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average P10 throat radius varies from 0.1 to 0.4µm. Finally, rocks with shrubs present higher 

Sor values (shrubstone 3 35.2%; muddy shrubstone 3 35.0%; shrub-spherulstone 3 35.2%mD), 

in contrast to rocks where there is a predominance of spherulites and Mg-clays (muddy 

spherulstone 3 25.6%; spherulstone 3 23.5%; Mg-clay mudstone 3 19.1%). Table 3-1 and Table 

3-2 summarize the petrographic and petrophysical results. 

Table 3-1 - Statistical summary including average, maximum, and standard deviation of constituents of in-
situ rocks.  

 Constituents (%) Average Maximum Std 
deviation 

Syngenetic  Mg-clay 0.4 8.0 1.5 
Calcite Shrub 40.5 81.0 28.1 

Diagenetic Calcite spherulite 23.3 75.0 22.2 
Silica replacing calcite shrubs 1.2 11.0 2.1 

Silica replacing spherulites 0.5 11.0 1.8 
Silica replacing Mg-clays + filling matrix 

dissolution porosity 
1.0 10.7 2.1 

Silica growth-framework pores filling 0.4 11.0 1.8 
Dolomite replacing calcite shrubs 2.5 19.3 3.9 

Dolomite replacing calcite spherulites 2.2 22.0 4.4 
 Dolomite replacing Mg-clays + filling 

matrix dissolution porosity 
14.1 76.0 14.3 

 Dolomite growth-framework pores filling 0.8 11.3 2.2 
 Dolomite replacing undifferentiated 

primary constituent 
0.1 4.7 0.8 

 Calcite replacing Mg-clays + filling matrix 
dissolution porosity 

0.2 5.3 0.9 

 Calcite growth-framework pores filling 0.2 5.3 0.9 
 Other diagenetic constituents 0.6 10.0 1.7 
 Matrix dissolution porosity 6.6 18.0 4.2 

Porosity Intra-aggregate porosity 2.5 10.0 2.5 
Growth-framework porosity 2.1 11.0 2.8 

Other porosity (vugs, fractures, channels, 
molds, and breccia) 

0.6 5.3 1.1 

3.5.1.2 Intraclastic Rocks 

The intraclastic rocks are predominantly massive, formed by submillimeter to millimeter 

particles (0.05 3 1.22, average 0.58mm), corresponding to calcarenites. Fine-grained 

calcarenites tend to be well sorted, while coarse-grained calcarenites are commonly poorly 

sorted. In order of abundance, most particle types are undifferentiated, spherulitic, and 

fascicular calcite intraclasts (Figure 3-6). In 36% of the samples (average 4.9%; maximum 

54.7%), there are peloids originally composed of Mg-clays (Figure 3-6A), that were extensively 
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replaced by calcite or dolomite, and/or of Mg-clay ooids with intraclast nuclei, also replaced by 

calcite (Figure 3-6F). Interparticle Mg-clays matrix thin intercalated levels were observed in 

14% of the samples (average 0.9%; maximum 17.3%). Ostracods (Figure 3-6A) and bivalve 

bioclasts, siliciclastic grains, and phosphate fragments are minor constituents. 

Table 3-2 - Summary of petrophysical properties, including helium porosity, permeability, Sor, and pore 
throat radius (TR) volume statistics (P10, P50, P90, and mode). 

  Shrubstones Muddy Spherulstone  
n Avg Std Min Max n Avg Std Min Max 

Phi (%) 18 13.1 4.2 6.7 20.8 11 15.4 4.0 6.8 21.3 

k (mD) 18 738.6 899.8 12.7 2709.0 11 128.0 276.7 4.0 951.0 

Sor (%) 18 35.2 9.3 20.3 48.2 11 25.6 10.8 14.8 55.8 

P10 TR (µm) 13 66.4 46.1 0.6 133.3 7 22.9 30.4 1.4 82.0 

P50 TR (µm) 13 9.7 8.4 0.3 29.8 7 4.7 6.2 0.6 18.3 

P90 TR (µm) 13 0.3 0.3 0.0 0.8 7 0.5 0.5 0.1 1.5 

Modal TR (µm) 13 35.6 37.7 0.4 125.5 7 7.9 13.1 1.0 37.2 
 

Spherulstone Mg-Clay Mudstone  
n Avg Std Min Max n Avg Std Min Max 

Phi (%) 8 14.7 2.6 12.0 19.1 3 14.7 6.3 9.0 21.4 

k (mD) 8 82.1 124.9 5.8 379.0 3 18.5 26.2 3.2 48.7 

Sor (%) 8 23.5 4.7 19.5 33.6 3 19.1 2.6 17.0 22.0 

P10 TR (µm) 2 34.2 44.7 2.6 65.8 2 1.9 0.0 1.9 1.9 

P50 TR (µm) 2 10.6 14.1 0.7 20.6 2 0.5 0.2 0.4 0.7 

P90 TR (µm) 2 0.1 0.0 0.1 0.1 2 0.1 0.0 0.1 0.1 

Modal TR (µm) 2 23.9 32.4 1.0 46.8 2 1.0 0.9 0.4 1.6 

 Muddy Shrubstone Shrub-spherulstone 

 n Avg Std Min Max n Avg Std Min Max 

Phi (%) 9 16.3 3.2 13.0 20.7 14 17.1 3.6 9.9 23.7 

k (mD) 9 439.4 334.3 98.5 861.0 14 972.9 2036.8 14.0 7893.0 

Sor (%) 9 35.0 10.0 21.9 54.0 14 35.2 9.1 16.3 47.7 

P10 TR (µm) 3 47.3 16.6 32.7 65.4 10 32.7 23.0 4.5 84.0 

P50 TR (µm) 3 7.6 7.0 2.0 15.4 10 6.0 5.4 1.3 18.4 

P90 TR (µm) 3 0.3 0.2 0.1 0.5 10 0.4 0.3 0.1 1.1 

Modal TR (µm) 3 18.1 22.6 1.0 43.7 10 17.0 16.6 0.8 53.1 

 Intraclastic Calcarenite 

 n Avg Std Min Max 

Phi (%) 67 17.7 4.1 9.7 32.5 

k (mD) 67 397.1 736.2 1.5 4714.0 

Sor (%) 67 26.5 10.6 9.1 57.2 

P10 TR (µm) 33 15.1 12.5 2.1 46.4 

P50 TR (µm) 33 4.4 4.5 0.7 20.6 

P90 TR (µm) 33 0.4 0.2 0.2 0.5 

Modal TR (µm) 33 9.7 9.9 0.7 31.0 
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Figure 3-6 - Photomicrographs (uncrossed polarizers) exhibiting aspects of the intraclastic rocks (porosity 

impregnated by blue epoxy resin), and petrophysical properties, including Sor, laboratory (helium) porosity 
(ø), permeability (k), and pore throats radius distribution. A) Well-sorted hybrid arenite composed of calcite-
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replaced Mg-clay peloids (red arrow), ostracod bioclasts (yellow arrow), and calcite intraclasts. B) Poorly-
sorted intraclastic calcarenite, in which the pore system was homogenized by compaction, particle 

rearrangement, and cementation by dolomite (yellow arrow) and quartz (red arrow), as seen in throat 
distribution. C) Well-sorted intraclastic calcarenite, where MICP data indicate greater heterogeneity than the 

previous sample, although for its better selection. D) Well-sorted intraclastic calcarenite cemented by 
dolomite (yellow arrow) with two populations of pore throats. E) Poorly-sorted intraclastic calcarenite with 

high variability of pore throats. F) Calcarenite with Mg-clay ooids replaced by calcite (white arrow) or 
partially dissolved (black arrow), and primary and secondary porosity lined and filled by dolomite (red 

arrow). 

Dolomite is the main diagenetic constituent (Figure 3-6D and F), and commonly occurs 

as interparticle cement filling pores or lining (average 9.7; maximum 23.7%) and replacing 

particles (average 8.5; maximum 37.0%). Calcite commonly replaced particles (average 4.0; 

maximum 44.0%), while calcite interparticle pore-filling cement is scarcer (average 0.9; 

maximum 7.7%). Silica occurs in minor quantities, replacing particles (around 1.1%; maximum 

7%) and cementing interparticle pores in small amounts (average 0.4; maximum 7.7%) (Figure 

3-6B). Pyrite, dawsonite, bitumen, barite, and other secondary components are occasionally 

observed. 

Primary interparticle porosity occurs preserved in different degrees (2.7 to 17%; average 

9.3%), partially reduced by cementation and compaction. Secondary intraparticle porosity 

arises, in some cases, in greater volume than primary porosity (average 3.8, maximum 10.7%). 

Secondary porosity also occurs as vugs, molds, and interparticle matrix dissolution pores. 

Finally, interparticle packing is highly variable according to the interparticle packing proximity 

(Kahn, 1956; average 42.1; maximum 83.0%). 

The petrophysical properties of intraclastic rocks are highly variable: porosity varies 

between 9.7 and 32.5%, with an average of 17.7%; the permeability ranges from 1.5 to 

4714.0mD (average 397.1mD), and the Sor averages 26.5% (9.1-57.2%). The average P50 

throat radius is 4.4µm, ranging from 0.7 to 20.6 µm; the P10 throat radius ranges from 2.1 to 

46.4µm (average 15.1 µm). Finally, the average P90 throat radius is 0.4 µm, occurring between 

0.2 and 0.5 µm. The summary of petrophysical and quantitative petrography data of the primary 

and diagenetic constituents of the intraclastic rocks are found in Table 3-2 and 7. 

3.5.2 Imaging the residual oil saturation 

Macroscopically, the trapped oil clusters are conditioned by the texture and structure of 

rocks in terms of abundance, morphology, and dimension, as seen in Figure 3-7. Of the five 

plugs studied, two have a predominance of residual oil in the center of the large pores, indicating 
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a water-wet behavior, one has oil located dominated in the corners of the pores and as layers 

covering the solid surfaces, denoting oil-wettable favorability, while the last two have a mixed-

wetting behavior (Table 3-4, Figure 3-8). Clusters in the center of the pores exhibit spherical 

droplets or more complex shapes (Figure 3-9A), frequently extending through large pores 

without constrictions (i.e., pore throats) surrounding spherulites or shrubs (Figure 3-9B and C). 

Droplets with prolate or oblate shapes are mainly observed in the shrubstones (Figure 3-9D and 

E). Oblate forms partially adhered to the walls are observed in flat growth-framework, fractures, 

and channel pores. Under oil-wet conditions, the morphology of the trapped oil tends to assume 

more complex flattened shapes than in water-wet rocks, given their tendency to adhere to solid 

surfaces (Figure 3-9F to H), and typically shows smaller average volume than the non-wetting 

oil clusters (Table 3-4). 

 
Figure 3-7 3 3D segmented images showing oil clusters, evidencing the macroscopic distribution of residual 
oil, illustrating the influence of porous media heterogeneities on the distribution of oil clusters. The sample 

number corresponds to 1 to 5, from left to right (Scale bar = 1cm). 
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Table 3-3 - Statistical summary including average, maximum, and standard deviation of constituents of 
intraclastic rocks. 

   Constituents (%) Average Max Std 
deviation 

Primary Calcite intraclasts 53.9 83.0 24.1 

Mg-clay ooids 7.4 75.7 19.6 

Mg-clay peloids 4.9 54.7 14.5 

Mg-clay matrix 0.9 17.3 3.1 

Diagenetic Intraparticle calcite 4.0 44.0 11.7 

Interparticle calcite 0.9 7.7 1.6 

Intraparticle dolomite 8.5 37.0 8.4 

Interparticle dolomite 9.7 23.7 7.7 

Intraparticle silica 1.1 7.0 1.5 

Interparticle silica 0.4 7.7 1.4 

Others 0.1 2.0 0.4 

Porosity Interparticle 9.3 17.0 3.5 

Intraparticle 3.8 10.7 2.4 

Others (vug, channel, mold) 0.3 2.7 0.6 

Total 13.5 22.0 3.4 

 Packing 42.1 83.0 18.2 

Table 3-4 - Average oil cluster volume and flatness (sphere equals 1), porosity, permeability, density, Sor, 
facies, and wettability tendency of samples. 

Sample Volume 
(nm2) 

Flatness 
(adim) 

Porosity 
(%) 

k 
(mD) 

Density 
(g/cm3) 

Sor 
(%) 

Facies Wettability 

1 2.6E+16 0.43 12.5 86.2 2.71 21.7 Spherulstone Water 

2 3.5E+16 0.45 13.1 677 2.72 23.9 Shrubstone Water 

3 1.9E+16 0.37 18.8 1866 2.71 32.0 Shrubstone Mixed 

4 2.5E+16 0.41 12.6 210 2.72 12.6 Muddy 
Shrubstone 

Mixed 

5 1.5E+16 0.35 15.3 104 2.71 26.6 Shrubstone Oil 

3.6 Discussion 

3.6.1 Petrography, RCAL, SCAL, and Sor 

3.6.1.1 In-situ Facies 

The porosity of in-situ rocks is dominated by the dissolution of Mg-clays (Table 3-1, 

Figure 3-10A), a process common in most facies, except in shrubstones, where the growth of 
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calcite shrubs developed mainly primary growth-framework porosity (Figure 3-4; Table 3-1). 

Although matrix dissolution contributes significantly to the development of porosity, rocks with 

large volumes of matrix dissolution porosity tend to have smaller pores and significant amounts 

of microporosity (Figure 3-10B), defined as the difference between laboratory (helium) and 

petrographic porosity. 

 
Figure 3-8 3 X-ray µCT illustrating the relationship between rock (yellow arrows), water (blue arrows), and 

oil (red (non-wetting) and green (wetting) arrows). A) Water-wet spherulstone with abundant matrix 
dissolution porosity, with oil preferentially occupying large pores. B) Oil cluster with complex shape engulfing 
dolomite crystals (yellow arrow) filling growth-framework pore. C) Oil trapped as droplets among dolomite 
crystals. D) Oil-wet shrubstone with oil trapped in the corners of the pores. E) Mixed-wet muddy shrubstone 

composed essentially of calcite. 

In rocks where shrubs predominate, the framework is heterogeneous, controlled by the 

vertical growth of the millimetric aggregates (Figure 3-4C and E). This arrangement makes the 

rocks less susceptible to compaction and, consequently, large primary or secondary pores are 

preserved (Figure 3-4C, D, and E). Since dolomite crystals or calcite spherulites often replace 

the Mg-clay matrix, these diagenetic minerals control the arrangement between pores and 
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throats. Equidimensional dolomite crystals tend to replace the matrix with nearly regular 

spacing, resulting in a very distinct peak population in pore throat distribution (Figure 3-4A, B, 

C, D, and F). Where dolomite precipitation predominates over the generation of secondary 

porosity, the tendency is to produce a very homogeneous intercrystalline pore system, even 

with the presence of spherulites (Figure 3-4A and B) or shrubs, a fact that can be observed in 

the MICP data (Figure 3-10C). 

 

 
Figure 3-9 3 Typical oil cluster shapes under water- (A to E) and oil-wet (F to H) conditions. A) Near spherical 

oil drops with different dimensions usually located in the center of the pores. Large oil clusters occur in 
complex pores without constrictions surrounding spherulites (B) and shrubs (C). Oil clusters conditioned to 
elongated (D) or flattened (E) pore morphology. F to H) Complex clusters in oil-wet rocks, where flattened 

forms adhere to minerals and in the corners of pores. 
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In contrast, when there is a large amount of secondary porosity, pores tend to be larger, 

and their throats will be controlled by the relative location of spherulites and shrubs. 

Consequently, there will be greater heterogeneity in both the pore size and the distribution of 

their throats (Figure 3-4F). The predominance of shrubs results in rocks with larger pores and 

throats compared to spherulstones or Mg-clay mudstones, but with significant heterogeneity 

(Figure 3-4C and D). Though heterogeneous, shrubstones are much more permeable than rocks 

dominated by Mg-clays (Table 3-2) given that the volume connected by larger pores essentially 

controls permeability (Figure 3-10D). 

 
Figure 3-10 3 Relationship between laboratory (helium) porosity and matrix dissolution petrographic 

porosity (A) and microporosity (B). C) P10 P90 throat ratio represents the ratio between throats intruded by 
10 (largest throats) and 90% (smallest throats) of mercury volume. This ratio measures how the pore system 

is heterogeneous, exhibiting the clear effect of matrix-replacive dolomite on the homogenization of porous 
media. D) Scatter plot illustrating the relationship between horizontal permeability and P10 throat radius 
and the faciological impact on these properties. F) Diagram indicating the influence of the matrix-replacive 

dolomite on residual oil saturation and its relationship with pore size. 

Since there is a great diversity and complexity of porosity-generating processes, which 

results in a great variety of pore types and their relations, a direct relationship between total 

porosity and Sor is not evident. Hence, this contradicts the general assumption that increasing 

porosity would increase pore connectivity, increasing the coordination number (number of 

throats per pore) and reducing Sor (Yuan, 1981). Intercrystalline porosity among dolomite 

crystals tends to show high connectivity, unlike intra-aggregate pores within shrubs and 

spherulites, which are poorly connected, while growth-framework pores among shrubs are 
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highly complex. Thus, coordination number cannot be simply related to porosity on Pre-salt in-

situ facies. 

Pore size positively correlates to Sor values, indicating strong textural control on oil 

trapping. Shrubstones with large primary or secondary pores tend to retain more oil (Table 3-2). 

This is related to more oil trapped in larger pores by snap-off, a process typical of heterogeneous 

water-wet media, as aforementioned. Since permeability is higher in facies with large pores and 

throats (Figure 3-10D), rocks with higher permeability retain more undrained oil.  

Matrix-replacive dolomite correlates negatively with Sor (Figure 3-10E), indicating that, 

as previously discussed, its presence generates a more homogeneous intercrystalline pore 

system (Figure 3-10C). This favors the homogeneous oil displacement by frontal advance, 

probably preventing water fingering, which results in low Sor. Thus, in other words, rocks with 

a predominance of Mg-clays over syngenetic calcite precipitation may develop, upon 

replacement of the Mg-clays by dolomite, pore systems that favor oil recovery. In this way, a 

typical stratigraphic succession with variation in the proportions of calcite shrubs and 

spherulites, and Mg-clay generate typical petrophysical trends: the predominance of clays and 

calcite spherulites implies a decrease in permeability and Sor and an increase in Swirr, in 

contrast to the predominance of shrubs, which generates opposite trends (Figure 3-11). 

However, these trends will only be valid in the case of non-preservation of Mg-clays, that is, in 

the presence of reservoir rocks. 

 
Figure 3-11 - Idealized stratigraphic succession and its impact on petrophysical trends, including Sor, Swirr, 

and permeability. 
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Finally, variations in mineralogy do not clearly affect Sor, indicating that the textures, 

habits, and fabric, i.e., how diagenetic and primary constituents are related, are more critical for 

oil trapping variations. This is probably because calcite and dolomite, the predominant minerals 

in these rocks, do not differ significantly in terms of wettability when subjected to the same 

fluids and reservoir conditions (Alqam et al., 2021; Ferrari et al., 2021; Muñoz, Winter and 

Trevisan, 2015). 

3.6.1.2 Intraclastic Facies 

The porosity of intraclastic rocks shows controls typical of particulate rocks, similar to 

siliciclastic rocks. Interparticle cementation in these rocks is dominated by dolomite, which 

constitutes around 10% of the rock volume, while the average interparticle porosity is 9.3%. 

This indicates that most of the primary porosity was reduced by compaction, as shown in 

(Figure 3-12A), considering an initial porosity of around 40%. Furthermore, the control of 

cementation over compaction is clearly observed, as pre-compactional cement tends to inhibit 

compaction (Figure 3-12B), thus preserving interparticle volume. Intraparticle dissolution is 

abundant and corresponds to important generation of secondary porosity (Figure 3-6F, Table 

3-3). Hence, the pore system of the intraclastic rocks was controlled by a combination of 

depositional and diagenetic factors. Particle size remains a fundamental control of their pore 

system: coarse-grained calcarenites tend to have larger pores and throats, with greater 

heterogeneity due to their worse selection (Figure 3-12C), in contrast to fine-grained ones 

(Figure 3-6). 

Although cementation and compaction decrease interparticle porosity, their influence on 

throat size and throat/pore ratio differs. When porosity reduction is dominated by cementation, 

a strong impact on the throats is observed concerning pore size (Figure 3-12D), increasing the 

system9s heterogeneity and often resulting in bimodal distributions in MICP (Figure 3-6D). 

This is because dolomite generates a secondary intercrystalline pore system within the 

interparticle spaces, mainly impacting the largest pores. On the other hand, where pre-

compactional cementation was sparse, and consequently, compaction was stronger, the impact 

of dolomite on the pore/throat size ratio was smaller (Figure 3-12E). Finally, as discussed 
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above, permeability was mainly controlled by interparticle porosity, jointly controlled by 

compaction and cementation, and secondarily by clast size, as indicated in Figure 3-12F. 

 
Figure 3-12 3 A) Diagram illustrating the role of compaction and cementation on the reduction of 

interparticle porosity, interparticle volume, original porosity destroyed by cementation, and compaction 
(PDBC). Most of the primary porosity was destroyed by compaction (Houseknecht (1987) plot modified by 
Ehrenberg (1989)); B) Scatter plot relating cementation, interparticle porosity, and PDBC. C) Relationship 

between average particle size and P10 P90 pore throat ratio; colored by the amount of interparticle porosity, 
showing the impact of grain size and preservation of primary porosity on the heterogeneity of the pore 

system. Figures D and E relate the impact of interparticle dolomite cement and packing on the pore/throat 
radius ratio. F) Influence of the amount of interparticle porosity on the permeability, colored by particle size. 

Figures G, H, and I show the relationship between Sor with mean particle size, P10/P90 pore throat radius 
ratio, and Swirr. 

Particle size is an important control of Sor in these rocks, as well as on the other 

petrophysical properties (Figure 3-12G), implying stratigraphic control (Figure 3-11). The 

larger the particle size, the smaller the sorting and the greater the Sor (Figure 3-13), a correlation 

described by laboratory studies using siliciclastics and synthetic models (Coskun, Wardlaw and 

Haverslew, 1993; Taiwo et al., 2016). As particle size conditions the pore systems, coarser 
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rocks have greater heterogeneity, increasing the complexity of the porous media. A direct 

relationship between diagenetic processes and products with Sor is not observed, probably 

because of the limited number of samples and groups with different diagenetic patterns. 

Intraclastic rocks with low cement content tend to have more homogeneous pore systems, while 

cementation and partial or total particle dissolution tend to generate heterogeneity. However, 

these processes are frequently related.  

 

 
Figure 3-13 3 Relation between particle size distribution, mean particle size, particle sorting coefficient (very 
well selected close to 0 (Folk and Ward, 1957)), and Sor. The dashed blue line is a moving average that shows 

the tendency of increasing Sor with incremental sorting coefficient and mean particle size. 

 

In some cases, the combination of compaction and cementation can homogenize the pore 

system (Figure 3-6B). However, this relationship is not observed in all samples given the 

heterogeneity of the diagenetic processes. Thus, the homogenization of the porous medium 
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conditioned by depositional and diagenetic processes decreases the Sor, which is observed in 

the MICP data (Figure 3-12H). As particle size controls pore throat size, Sor positively 

correlates with permeability and negatively with Swirr (Figure 3-12I), indicating that 

depositional energy, apart from controlling reservoir quality, also impacts the potential amount 

of oil that can be trapped. As for the in-situ facies, mineralogical variations, mainly related to 

the relative proportion of calcite and dolomite, do not impact the observed differences of Sor. 

In conclusion, like the in-situ facies, the homogeneous pore system of the fine-grained 

calcarenites tends to have lower Sor, probably related to greater sweep efficiency, preventing 

fingering development, and increasing the effectiveness of the frontal advance. 

3.6.2 Sor Imaging 

The X-ray µCT imaging of the plugs revealed important details about the shape and 

location of the oil trapped in the rocks of the Barra Velha Formation. Although the resolution 

of the images does not allow the entire pore system to be resolved, the imaging clearly shows 

the location and affinity of the oil to the large pores, especially when the oil is the non-wetting 

phase. On the other hand, under oil-wetting conditions, oil layers can be below resolution, 

which hinders their identification. In general, there is a variation in terms of wettability for both 

inter-sample and intra-sample (Figure 3-8). This variation is not clearly related to the 

predominant mineralogy of the samples, indicating that, in addition to not having a direct 

relationship with Sor variations, the mineral composition may act along with other factors for 

wettability alterations. Since the pressure and temperature conditions, and the fluids used in the 

experiments are the same, differences in wettability might be associated with undetectable 

mineral constituents, remains of drilling fluid, or residual organic compounds after sample 

cleaning. 

Small amounts of Mg-clays not detected by petrography could generate differences in 

surface charges since smectites (saponite and stevensite) typically have a high density of 

negative surface charges (Nadeau, 1985; Sperry and Peirce, 1999), which could favor water-

wetting (Ballah et al., 2016; Jia et al., 2022). The bitumen typically favors oil wettability 

(Alqam et al., 2021; Sakthivel, 2021) and is often observed in thin sections. On the other hand, 

basic components present in bitumen, such as quinolines, a basic heterocyclic nitrogenous 

compound, could be solubilized and favor water-wettability in carbonates (Benner and Bartel, 

1941). Aside from the natural constituents of reservoirs, facies with large pores tend to be 
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invaded by barite particles, a high-density mineral used in the drilling fluid to increase the mud 

weight and favor the formation of mud cake. Although barite was not detected in the thin 

sections during petrography, probably removed in the preparation process, they are typically 

observed in X-ray µCTs as high attenuation spots. Although the impact of mud filtrate invasion 

in sample cores has been studied in other reservoirs (Amanullah and Allen, 2013; Elkatatny et 

al., 2019), its influence on the wettability in carbonate rocks is still uncertain. To summarize, 

even though we have enumerated some hypotheses, the controls of wettability in these rocks 

are very uncertain and should be appropriately investigated in future works. 

The morphology and relationship of the oil blobs in large pores indicate that part of the 

oil is trapped by snap-off (Figure 3-8A to C, and Figure 3-9A), a disconnection mechanism of 

the oil phase typical of water-wet reservoirs. This process tends to retain large amounts of oil 

in pores that extend over large regions, mainly in growth-framework or large dissolution pores 

among shrubs (Figure 3-9C) or spherulites (Figure 3-9B). The morphology of growth-

framework porosity and lack of compaction generate pore systems without clear development 

of throats. Hence, the average size ratio between pores and their respective throats calculated 

by MICP data in shrubstones tends to be close to 1. Consequently, a large part of the pore 

volume is connected without the presence of throats. Thus, a pore network model would be 

very unrepresentative of this rock type. 

Although less abundant in volume, when throats occur, they are much smaller than the 

pores. Thus, if the snap-off arises, the volume of oil retained is large due to the high relative 

volume that the pores occupy. This could explain why in-situ rocks with larger pores and greater 

heterogeneity tend to have higher Sor, given the mixed wettability behavior observed in these 

rocks. Unfortunately, we do not have X-ray µCt Sor images from particulate rocks. Hence, this 

oil trapping interpretation cannot be extrapolated to those rocks. Lastly, the retained fraction 

adhered to minerals as a wetting fluid is difficult to evaluate, mainly because the resolution 

often does not allow its distinction. 

Finally, as studied by other authors (Honarpour and Saad, 1994; Iverson, Dunn and 

Ajdari, 1996), the direction of the test concerning the rock fabric influences the results, given 

the tensor nature of permeability. Thus, anisotropic laminated rocks with great contrast of 

porosity and permeability may favor water fingering during waterflood, which can increase the 

Sor if the plug is not sampled parallel to the rock fabric. This can be seen in samples 2 and 4 

(Figure 3-7), where the concentration of oil droplets is clearly controlled by textural contrast. 
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This factor may show more impact in heterogeneous rocks, possibly increasing Sor in the 

laboratory, which may generate pessimistic results from the actual reservoir values. 

 

3.7 Conclusions 

We performed an integrated study using petrography, RCAL, SCAL, and X-ray µCT 

imaging to understand how depositional and diagenetic lithological features control Sor in the 

rocks of the Barra Velha Formation of the Santos Basin Pre-salt section. Our main conclusions 

are: 

 The critical element for understanding petrophysical controls, including Sor in-situ 

rocks, is understanding Mg-clays deposition, dissolution, and replacement processes. 

Partial replacement of the matrix by dolomite followed by dissolution developed 

intercrystalline pore systems, in which homogeneity favors water sweeping. On the 

other hand, the preservation of large primary growth-framework pores among shrubs or 

the development of large matrix dissolution pores facilitates oil trapping. 

 In intraclastic calcarenites, the main control of Sor is depositional: rocks with greater 

granulometry tend to show greater oil retention. Conversely, fine-grained ones tend to 

have more homogeneous pore systems, which facilitates oil displacement. 

 Oil trapping occurs by snap-off, adherence to minerals, and in pore corners, denoting 

mixed-wet conditions. Although the carbonate mineralogy should favor oil-wettability, 

the control of the partial water-wet behavior remains unclear and should be 

appropriately investigated in future works. 
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4. Article 3 - HERLINGER, R.; BONZANINI, L. A. F.; VIDAL, A.  

Residual Oil Saturation in Pre-salt Brazilian Carbonates: A Multi-

approach Core-to-log Case Study. Journal of South American Earth 

Sciences, v. 140, 2024. 

4.1 Abstract 

Accurate residual oil saturation (Sor) measurement is paramount for successful reservoir 

management and has significant economic implications. Considerable uncertainty surrounds its 

estimation due to inaccurate direct measurements and non-representative lab results. This case 

study combines well logging, petrography, RCAL, and SCAL to estimate and understand Sor 

in Pre-salt reservoirs in Santos Basin, Brazil. The results indicate that the distribution of Sor is 

strongly influenced by lithology. In-situ facies have higher Sor values than reworked facies due 

to their greater textural and porous complexity. It has been observed that laboratory experiments 

and well logging results show a correlation between irreducible water saturation, porosity, and 

permeability with Sor, thus validating the upscaling of laboratory data. The dielectric tool 

provides the most accurate results in Sor logging evaluation. This is due to its shallow depth of 

investigation, high sampling rate, and the elimination of uncertainty associated with electrical 

parameters and salinity used in the Archie equation. Nuclear magnetic resonance (NMR) 

logging can qualitatively identify regions with higher remaining oil, which can be correlated 

with areas of high Sor. Still, it cannot quantitatively directly assess residual saturation by the 

conventional cutoff approach. Conversely, machine learning results indicate that NMR T2 

times can be used to predict Sor values obtained by dielectric logging.  

 

Keywords: Sor, Pre-salt, SCAL, RCAL, dielectric logging 
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4.2 Introduction 

Residual oil saturation (Sor) is a concept used to describe the amount of oil that cannot 

be removed from the pores after a non-miscible phase displacement (Donaldson, 1989; Valenti, 

Valenti and Koederitz, 2002). Once a reservoir containing oil is subjected to water sweep, 

whether from injection or the aquifer, the oil phase, after being disconnected, becomes trapped 

by capillary forces (Blunt, 2017). This oil can no longer be removed by regular water sweeping 

unless enhanced oil recovery (EOR) techniques are used, such as the use of surfactants for 

instance, which will change the physicochemical conditions of the fluids, thus changing their 

configurations, which can mobilize more oil (Anto and Bhui, 2022; Massarweh and 

Abushaikha, 2020). The quantification and understanding of Sor is of great importance for the 

oil industry, as it is information used to simulate flow in reservoirs, from which production 

forecasts come. Therefore, it is noteworthy that the accurate determination of Sor has a great 

economic impact, determining the economicity of a project and the calculation of reserves. 

Additionally, this information is valuable for reservoir management studies and can aid in 

guiding studies related to EOR studies (Masalmeh, 2013; Pathak et al., 2012), which are 

fundamental for increasing the recovery factor of oil fields. 

Sor estimation can be done directly in the reservoir by well logging evaluation, laboratory 

experiments, or simulation. In the well, microresistivity log data are typically used in an 

aqueous fluid logging environment using the Archie relationship, where the filtrate removes the 

mobile oil. The remaining oil fraction is considered the Sor. In addition to resistive tools, 

dielectric, pulsed neutron, and carbon/oxygen logging stand out for in-situ Sor estimation 

(Chang et al., 1988a; Pathak et al., 2012; Wolff, Al-Jalahma and Hook, 1993). However, the 

drilling fluid filtration process is not always efficient, which can interfere with the evaluation, 

returning pessimistic Sor values depending on the tool's depth of investigation, hydrocarbon 

quality, exposure time, and reservoir characteristics, such as porosity and permeability. 

Therefore, to obtain more accurate results, they must be calibrated with laboratory data 

(Mohamed et al., 2011). 

In laboratory settings, the waterflood experiment is the most commonly used technique 

for obtaining Sor (McPhee, Reed and Zubizarreta, 2015). In this procedure, the previously 

cleaned samples are soaked in water and drained with oil injection until irreducible water 

saturation (Swirr) is achieved. After aging to reach the original wettability, water is injected to 
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displace mobile oil. Hence, Sor is the oil volume trapped in the rock. Oil and water tests can be 

performed in either a steady or non-steady state. In the steady state method, oil and water are 

injected together while gradually increasing the water flow rate to remove the oil. On the other 

hand, the non-steady state method involves injecting only water at a constant pressure or 

volume. Due to cost and assay complexity, laboratory data is scarce, and the sampling tends to 

be biased since experiments run better in good porosity and permeability samples. 

Fluid flow in porous media is influenced by capillary, viscous, and gravitational forces. 

In low capillary number flows, which are typically found on the reservoirs (Bashiri and Kasiri, 

2011; Blunt, 2017; Guo, Song and Hilfer, 2020; Speight, 2017), where the flow velocity is low, 

Sor is primarily controlled by capillary forces, which are governed by contact angle, interfacial 

tension, and porous media geometry (Blunt, 2017). The contact angle is linked to rock 

wettability, which affects how the oil will be trapped in the rock. On average, siliciclastic rocks 

tend to be water-wet, while carbonate minerals are often oil-wet due to lower surface charge 

content (Anderson, 1986, 1987). 

In a water-wet condition, oil is disconnected and trapped in the center of pores by 

capillary forces (Roof, 1970; Singh et al., 2017). Snap-off occurs when there is a significant 

difference between the size of the pore about the throat that connects it with the rest of the 

porous medium (Blunt, 2017; Chatzis, Morrow and Lim, 1983; Morrow, 1975; Wardlaw, 

1982). In oil-wet conditions, oil is removed in large quantities until the oily phase collapses, 

generating entrapment in the form of films or in the corners of the pores (Alhammadi et al., 

2017; Iglauer et al., 2012). Water sweeping tends to be more efficient in homogeneous media, 

which occurs as a frontal advance in water- and oil-wet conditions. Hence, heterogeneity 

increases the probability of water fingering, leaving undrained "islands" (Blunt, 2017; Chatzis, 

Morrow and Lim, 1983; Lenormand, Zarcone and Sarr, 1983). 

On one hand, the availability of laboratory data is limited and biased, while the logging 

estimates are plagued with inaccuracy and uncertainty. Hence, upscaling laboratory data 

becomes necessary to check and adjust logging data. With this objective, we integrate rock data 

with microresistivity, nuclear magnetic resonance (NMR), and dielectric logging to understand 

the response of these tools better, quantify, and understand Sor in Pre-salt reservoirs of the 

Santos Basin. For this purpose, we used formation evaluation and sedimentological approaches, 

mainly focusing on the dielectric tool. Finally, since this tool is rarely used, their results were 

applied to train machine learning algorithms to predict dielectric Sor using the NMR data.  
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4.3 Geological Setting 

The Santos Basin is located in southeastern Brazil, bordered by Cabo Frio High to the 

north and Florianópolis platform to the south (Figure 4-1). It was formed during the early 

Cretaceous/Late Jurassic period due to tectonic extension, preceding the separation of the South 

American and African continents and resulting in the formation of the Atlantic Ocean (Austin 

and Uchupi, 1982; Cainelli and Mohriak, 1999; Davison, 1999, 2007; Rabinowitz and 

LaBrecque, 1979). The Santos Basin's stratigraphy is categorized into three Super-sequences 

(Moreira et al., 2007): Rift, Post-rift, and Drift (Figure 4-2). 

 

Figure 4-1 Location of the Santos Basin and the Pre-salt Province (reproduced from Herlinger et al. (2020)). 

The initial phase of rift formation involved the coverage of the Precambrian basement by 

the Camboriú tholeiitic volcanic rocks during the Lower Cretaceous (Mizusaki, Thomaz Filho 

and Cesero, 1998). The deposition of siliciclastic rocks and Mg-clays ooids and peloids began 

with the Piçarras Formation in the Barremian, marking the start of the Santos Basin sedimentary 

filling. These sediments were accumulated in a highly alkaline environment, along with hybrid 

sediments (Leite, Silva and De Ros, 2020). The Itapema Formation, deposited during the Jiquiá 

Local Stage, is characterized by significant accumulations of bioclastic bivalve rocks known as 

"coquinas" (Chinelatto et al., 2020b; Rocha, Favoreto and Borghi, 2021). Additionally, peloids 

and ooids of Mg-clays are present, often mixed with the bioclastic sediments (Leite, Silva and 

De Ros, 2020). Dark shales are interspersed with bioclastic deposits and are the primary source 

rocks of the basin. The upper boundary of these deposits is identified as a regional stratigraphic 
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marker, resulting from basin uplift and erosion, resulting in a significant change in 

environmental conditions (Dias, 2005). 

 

 

Figure 4-2 - Stratigraphy of the Santos Basin (Moreira et al., 2007). 

 

The Barra Velha Formation covers the Rift Super-sequence unconformably and is further 

classified into Lower and Upper sections due to the Intra-Alagoas unconformity. The sediments 

comprising this formation consist of calcite shrub crusts, Mg-clay deposits with calcite 

spherulites, laminated carbonates, dolomite and silica, and intraclastic rocks (Basso et al., 2021; 

Carramal et al., 2022; Carvalho et al., 2022; Gomes et al., 2020b; Netto, Pozo, Manuel, et al., 

2022; Netto, Pozo, M., et al., 2022; Silva, da et al., 2021; Wright and Barnett, 2015). The Barra 

Velha Formation deposits were initially thought to have been accumulated in a transitional to 

marine environment due to the lack of data. However, after discovering giant hydrocarbon 

accumulations, the deposits were reinterpreted as forming in an alkaline lacustrine environment 

(Wright and Barnett, 2015). Close similarities exist in depositional, diagenetic, and 

mineralogical aspects between the equivalent deposits in the Santos, Campos, and Kwanza 

Basins (Herlinger, Zambonato and De Ros, 2017; Sabato-Ceraldi and Green, 2017; Saller et al., 

2016). 

During the early stages of diagenesis, calcite spherulites, which are spherical, fibro-radial 

calcite aggregates, were formed and replaced the Mg-clay accumulations. These spherulites 

displaced the Mg-clay laminations. The Mg-clays are highly reactive and can dissolve, which 



103 

creates a significant amount of secondary porosity (Carramal et al., 2022; Tosca and Masterson, 

2014; Tosca and Wright, 2015; Wright, 2022). Furthermore, the Mg-clays were frequently 

replaced by dolomite crystals and other mineral phases. Calcite spherulites and dolomite 

crystals are commonly observed "floating" in the secondary pores where the clay matrix was 

dissolved. Recently, De Ros and Oliveira (2023) proposed a simple system for classifying the 

in-situ rocks of the Brazilian Pre-salt based on the proportions of shrubs, spherulites, and 

matrix. This classification system is based on the idea that the proportion of these components 

can provide insights into the depositional environment, diagenesis, and rock reservoir quality. 

Calcite crusts, also known as shrubstones or stromatolites, are formed by the fibrous 

calcite aggregate crystals (shrubs). These crystals have divergent extinction and fascicular-optic 

habit (Herlinger, Zambonato and De Ros, 2017; Rodríguez-Berriguete et al., 2022). The shrubs 

encrust each other or other materials, growing vertically and merging horizontally, forming 

crusts of varying dimensions. Calcite precipitation is closely linked to the deposition of Mg-

clays, which occur as laminations, peloids, ooids, and coatings on particles of various origins 

(Carramal et al., 2022; Carvalho et al., 2022). These clays are often interspersed with calcite 

crusts, occasionally filling the spaces between the shrubs. 

Apart from the in-situ rocks, reworked rocks are significant reservoirs in the Barra Velha 

Formation (Barnett et al., 2021; Rodríguez-Berriguete et al., 2022). These sedimentary facies 

comprise calcite shrubs and spherulite fragments associated with Mg-clay matrix intraclasts, 

Mg-clay ooids and peloids. Additionally, these facies contain subordinate phosphate fragments, 

ostracods, siliciclastic, and volcanoclastic grains. Identifying clay peloids and ooids can be 

challenging as they are often wholly replaced by calcite or dolomite. Dolomite, calcite, and 

quartz are the main diagenetic constituents that replace and cement the particles (Basso et al., 

2021; Carvalho et al., 2022). 

4.4 Materials and Methods 

4.4.1 Well Data 

This study is based on a well situated in Tupi field in the Barra Velha Formation. The 

well was drilled with a diameter of 12.25=, and the logging data includes spectral gamma ray, 

resistivity, focused microresistivity, density, neutron, sonic, nuclear magnetic resonance 
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(NMR), dielectric logging, and elemental spectroscopy (Figure 4-3 and Figure 4-4). Water-

based drilling fluid with a salinity equivalent to 210,035 ppm was used for logging the well. 

The resistivity of mud, mud filtrate and cake were 0.0653, 0.035, and 0.1182 ohm.m at 73.5, 

72.5, and 73.5° F, respectively. In addition to the logging, a 38-meter core was collected from 

the top of the reservoir. The temperature ranged from 131 to 137° F from the top to the bottom 

of the well. Furthermore, 142 lateral samples were collected throughout the well. The data 

gathered from these samples were analyzed to provide a detailed view of the well, including 

the rock formation properties, density, porosity, and permeability. 

4.4.2 Rock Data 

Routine core analysis (RCAL) and special core analysis (SCAL) were done in plugs and 

sidewall core samples from the studied well and other field wells. The samples from analogous 

wells have similar lithological and petrophysical features, in addition to sharing comparable 

pressure and temperature conditions, as well as oil and water formation characteristics. The data 

include porosity, permeability, Sor, Swirr, m and n electric parameters, centrifuge and mercury 

injection capillary pressure (CentCP and MICP) sampled according to Table 4-1. In order to 

perform the waterflood procedure, the samples were first brought to the Swirr condition through 

centrifugation. Afterward, the samples were aged to restore their wettability before the 

waterflood experiment. The Sor value was obtained through low capillary number unsteady 

state water-oil relative permeability tests using formation and injection brines and dead oil. The 

analyses complied with the guidelines provided by the American Petroleum Institute (API, 

1998). 

After thoroughly cleaning, the samples were impregnated with blue epoxy resin to 

identify the porosity. Characterization of 35 thin sections was conducted to identify the primary 

and diagenetic constituents, pore types, textures, structures, and their interrelationships. The 

rocks were classified using the De Ros and Oliveira (2023) and Grabau (1904) methods. 

Table 4-1 3 Samples used in this study, including the ones collected in other wells (field samples) and those 
collected in the studied well (well samples). 

  
Porosity Permeability MICP Sor Swirr CentCP m and n 

Well Samples 

plug 136 136 26 5 5 10 - 

sidewall 

cores 

114 114 - - - - - 

Field Samples plug - - - 46 46 - 105 
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Figure 4-3 - Plot showing the main curves from the studied well: total and spectral gamma ray (tracks 2 and 
3), resistivity (track 4), density and neutrons (track 5), compressional and shear sonic logs (track 6), and 

transverse relaxation time (T2) (track 7). 
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Figure 4-4 3 Well logging exhibiting interpretation of elemental spectroscopy and dielectric logging: mineral 
model (track 3), dielectric and focused microresistivity, matrix permittivity, dielectric-derived salinity, and 

water-filled porosity (PWX_ADT) (tracks 4, 5, 6, and 7, respectively). 

4.4.3 Formation Evaluation 

The well interpretation included multimineral modeling based on linear inversion of 

elemental spectroscopy data. The most abundant constituents observed in thin sections of these 

wells were the minerals quartz, calcite, and dolomite, which were considered for the modeling. 

The porosity used in this study corresponds to the total porosity (PhiT) obtained with the NMR 
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logging. The Free (FF) and Bound Fluids (BF) were calculated with a cutoff of 100ms. Since 

resistivity curves typically show anomalously high values (e.g., 8,000 ohm.m), they were 

considered inappropriate for estimating Sw. Therefore, water saturation (Sw) was calculated by 

upscaling centrifuge capillary pressure curves by the saturation height method (Ahmed, 2010; 

Leverett, 1941; Skelt and Harrison, 1995). It was used the following adjustment equation: 

 

 

where Sw is the water saturation, Pc the capillary pressure,  the porosity and ,  ,  ,  

and  fit parameters. The permeability curve was calculated with an adapted Timur-Coates 

equation (Coates, Xiao and Prammer, 1999): 

 

 

where k is the permeability, and ,  and  are fit parameters. The curve was calibrated 

with RCAL permeability data to adjust the fit parameters by optimization using least squares 

to reach the least error. 

4.4.4 Sor Evaluation 

Sor was estimated with four different techniques, which include focused and dielectric 

microresistivity, dielectric water-filled porosity method, and core multilinear regression 

upscale.  

4.4.4.1 Regression Analysis 

Using laboratory data, a regression analysis was carried out with ordinary least squares 

to evaluate the Sor regressions with porosity, permeability, and Swirr to upscale the rock trends 

to logging data. Once we have the porosity, permeability, and Swirr calculated by well logging, 

the resulting equation can be applied to the well to have a continuous estimative of Sor based 

on laboratory results. 
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4.4.4.2 Focused microresistivity 

The water saturation in the flushed zone (Sxo) was calculated with the focused 

microresistivity using m and n lab average, which corresponds to 2.12 and 3.07, NMR total 

porosity (PhiT), and the resistivity of the filtrate in the reservoir condition with Archie's Law 

(Archie, 1942): 

 

where n and m are the saturation and cementation coefficients, Rxo the water resistivity 

in the washed zone, Rw the water resistivity, and an empirical regression constant that in this 

study was considered 1. Thus, with the relationship below, the Sor: 

 

4.4.4.3 Dielectric Logging 

The dielectric logging tool estimates the volume of water in a reservoir by using a 

property called permittivity (Calvert and Wells, 1977; Meador and Cox, 1975). When logging, 

an electric field is applied to the formation. The level of polarization affects the relative 

permittivity. Relative permittivity is a complex number that comprises an imaginary part 

proportional to conductivity and a real part representing the energy stored in polarization. This 

energy is known as permittivity. The dielectric dispersion, or mixing law, enables the 

computation of petrophysical parameters such as water-filled porosity (øw), conductivity, and 

water salinity. Several factors influence complex permittivity (Donadille, Faivre and Leech, 

2016; Psarras, 2018): 

 

where  is the complex permittivity, Ë the angular frequency,  the water conductivity, 

 the rock texture,  the total porosity,  the matrix permittivity,  the oil permittivity,  

the temperature, and  the pressure. The total permittivity is given by the CRIM equations 

(complex refractive inclusion model), according to the equation below (Meador and Cox, 1975; 

Penney, Calcraft and Pietsch, 1996; Pirrone et al., 2011): 
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where  is the total porosity, and [crim, [HC, [m, and [w are the permittivities of the 

medium, hydrocarbon, matrix, and water, respectively. Furthermore, the minerals' and fluids' 

permittivity will be necessary, and the multimineral model gives the proportion of them. The 

CRIM model does not consider the textural effect of the rock, taking only the components into 

account. The textural model considers the CRIM model and the textural effect to minimize the 

non-accounting of the incremental polarization generated by the interfacial mechanism in the 

CRIM equation (Seleznev et al., 2006). The model considers the permittivity of ellipsoidal 

grains and pores dispersed in a medium with CRIM as a background. The model introduces a 

depolarization factor, which ranges from 1 to 3 and can be used to adjust numerical data. As 

discussed previously, this model can help determine water saturation at lower frequencies. 

Mathematically, the model can be described as follows: 

 

where ·eff is the effective permittivity, ·j the complex permittivity of the j-th spheroidal 

inclusion of each phase,  the depolarization factor that is given by the pore geometry or 

inclusion considering spheroid proportions, and volumetric fractions:  matrix = (1- ),  water 

= ( Sw), and  oil =  (1-Sw). The volume of residual oil, then, is calculated by the equation 

below: 

 

4.4.4.4 Dielectric microresistivity 

The dielectric derived microresistivity Archie method used the salinity information 

obtained from the mathematical inversion of polarization data and the textural parameter MN 

(which replaces m and n) to calculate Sxo. This calculation was based on the relationship 

derived from Archie's law: 
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4.4.4.5 Machine Learning 

Clustering and curve prediction techniques were employed to analyze NMR data, 

assessing its capability to detect the residual oil. The algorithms used for curve prediction were 

Random Forest (Ho, 1995), Gradient Boosting (Friedman, 2001), and K-nearest neighbors (Fix 

and Hodges, 1989). The dataset included 978 data composed of 30 relaxation time bins, 

separated into training (80%) and testing (20%) used to predict the Sor of the dielectric logging. 

Bins whose correlation coefficient was greater than 0.95 were excluded, resulting in 27 bins. 

The unsupervised clustering was performed with k-means (Lloyd, 1982) to identify similar 

groups of rocks based on relaxing times higher than 100 ms to identify zones with high remnant 

oil content.  

4.5 Results 

4.5.1 Petrography 

The analysis of the core and description of the petrographic thin sections indicated a 

section dominated by intraclastic particulate rocks (Figure 4-5). Shrub-dominated rocks are the 

most relevant in-situ facies up to 2m thick. In contrast, the mud-dominated facies are 

subordinated in the sampled section with a few layers no more than 60cm thick. Intercalation 

of mud- and shrub-dominated in-situ rocks with calcarenites at the base of the cored section is 

observed, grading to calcirudites at the top of the reservoir. Figure 4-6 illustrates the 

macroscopic aspect of the main facies described on the core. 

4.5.1.1 In-situ Rocks 

The main primary components of in-situ rocks correspond to Mg-clays and calcite shrubs. 

The clays occur as laminated matrix and peloids, replaced and/or encrusted by calcite shrubs, 

and replaced mainly by calcite spherulites, and dolomite. The precipitation of calcite shrubs 

causes the formation of interstices, which Mg-clays may have filled during the formation of the 

crusts. Primary inter-shrub growth-framework porosity was not observed in thin sections. The 
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porosity is essentially secondary by matrix or intracrystalline dissolution. Along with Mg-clays 

and calcite shrubs, spherulites with submillimeter to millimeter diameter constitute the main 

components of the analyzed in-situ rocks (Figure 4-7). Spherulites were formed replacing and 

displacing the clay matrix. Dolomite is the main matrix replacer, while calcite and quartz are 

secondary. Pyrite, dawsonite, bitumen, barite, and other diagenetic components are 

occasionally observed. The proportion between Mg-clays, shrubs, and calcite spherulites 

allowed the classification of the in-situ samples, as shown in Figure 4-8, and the main 

components of these rocks are summarized in Figure 4-9. 

 
Figure 4-5 3 Well plot showing the core succession (track 4) and its relationship with GR (track 2), 

interpreted mineralogy (track 3), water-filled and total porosity (track 5), and dielectric Sor (track 6). 
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Figure 4-6 3 Macroscopic aspect of the studied rocks: A) Poorly-sorted calcirudite composed of floating 

millimetric to centimetric calcite and mudstone intraclasts supported by sand-sized particles; B) Well-sorted 
intraclastic grainstone with incipient cross-bedding; C) Partially silicified mudstone; D) Shrub-dominated 

facies composed mainly of calcite shrubs and interstitial dolomite. 

4.5.1.2 Intraclastic Rocks 

The intraclastic rocks are predominantly massive at thin sections, even though incipient 

cross-bedding can be observed in macroscopic cores. They are formed by submillimeter to 

millimeter particles, corresponding to calcarenites and calcirudites. At the core scale, poorly 

sorted calcirudite with centimetric floating intraclasts supported by sand-sized particles are 

observed. Fine-grained calcarenites tend to be well sorted, while coarse-grained calcarenites 

are commonly poorly sorted. In order of abundance, most particle types are undifferentiated, 

spherulitic, and fascicular calcite intraclasts (Figure 4-7). Mg-clay peloids and ooids replaced 
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by calcite are common, while volcanoclastics, siliciclastic grains, and phosphate fragments are 

minor constituents. 

 
Figure 4-7 - Photomicrographs (uncrossed (A and C) and crossed (B and D) polarizers) exhibiting aspects of 
the rocks: A and B) Rock composed of large shrubs (red arrow), covered by spherulites (white arrow), and 

matrix replacive dolomite (blue arrow); C and D: Intraclastic rock formed by spherulites (red arrow), 
fragments of mudstones (blue arrow), and shrubs (yellow arrow), cemented by pore filling and lining 

dolomite (green and white arrows). 

 

Dolomite is the main diagenetic constituent, commonly occurring as interparticle cement 

filling pores or lining and replacing particles (Figure 4-7). Calcite interparticle pore-filling 

cement is a secondary cement, while silica, pyrite, dawsonite, bitumen, barite, and other 

secondary components are occasionally observed. Primary interparticle porosity is poorly 

preserved and typically reduced by cementation and compaction. In most cases, secondary 

intraparticle porosity is in greater volume than primary porosity. Secondary porosity also occurs 

as vugs and molds. The main components are summarized in Figure 4-9. 
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4.5.2 RCAL and SCAL 

Table 4-2 presents the results of the RCAL and Sor. In the in-situ facies, the porosity 

ranges from 0.068 to 0.268, with an average of 0.155. The permeability ranges from 3.5 to 

7893.0 mD, with an average of approximately 771 mD. The Swirr varies between 0.080 and 

0.410 (average 0.257), whereas the Sor value averages 0.279 (0.126 to 0.540). 

Figure 4-8 - In-situ classification according to the original percentage of Mg-clays, calcite spherulites, and 
shrubs (De Ros and Oliveira, 2023). The samples' main constituents are found in Figure 4-9. 

Table 4-2 3 Statistical summary of RCAL, Swirr, and Sor laboratory results. 
 

In-situ Rocks Intraclastic Rocks 
 

Permeability 
(mD) 

Phi 
(dec) 

Swirr 

(dec) 
Sor 

(dec) 
Permeability 

(mD) 
Phi 

(dec) 
Swirr 

(dec) 
Sor 

(dec) 
n 30 30 30 30 19 19 19 19 

Average 771.2 0.155 0.257 0.279 404.1 0.149 0.240 0.228 

Standard 
Deviation 

1531.5 0.047 0.082 0.102 1066.1 0.042 0.077 0.107 

Minimun 3.5 0.068 0.080 0.126 1.5 0.089 0.098 0.070 

Maximum 7893.0 0.268 0.410 0.540 4714.0 0.246 0.363 0.477 

 

In the intraclastic rocks, the porosity ranged from 0.089 to 0.246, with an average of 

0.149. The average permeability was approximately 404 mD, ranging from 1.5 to 4714.0 mD. 
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The Swirr values were between 0.098 to 0.363, with an average of 0.240. The Sor values 

averaged at 0.228, ranging from 0.070 to 0.477. Finally, the MICP and CentCP data used in this 

study are exhibited in Figure 4-10. The CentCP shows Swirr ranging from 15.5 to 36.1% 

(average 24.5%). 

 
Figure 4-9 3 Proportions of main constituents of studied rocks. 

 

Figure 4-10 3 MICP data from in-situ (A) and intraclastic (B) rocks, and CentCP data (C). 
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4.5.3 Regression Analysis 

Laboratory Sor exhibits a positive correlation with porosity and permeability, and a 

negative correlation with Swirr, as shown in Figure 4-11. The Pearson's correlation coefficients 

between Sor and Swirr, porosity, and permeability were -0.67, 0.62, and 0.43, respectively. The 

regression analysis indicated that the best model is built with porosity and Swirr. The regression 

p-values were 0.0021, 0.0023, and 0.0537 for the constant, Swirr, and porosity, respectively. 

Hence, the null hypothesis that the coefficients are zero was rejected, considering a confidence 

level of 90%. This correlation satisfactorily predicts Sor (root mean squared error equals 0.073), 

as shown in Figure 4-11. This generates a multilinear regression equation for Sor upscaling 

from rock data as follows: 

Sor = -0.64 Swirr + 0.69 Phi + 31.0509    (4.10) 

 
Figure 4-11 - Correlation between Sor and porosity, permeability, and Swirr (A, B, and C), and predicted versus 

actual Sor (D). 

4.5.4 Formation Evaluation 

The well's porosity averaged around 14%, while the Sw average is nearly 27%. The 

average permeability is approximately 11mD. The mineralogical modeling showed that the 

mineralogy is dominated by calcite (60%), followed by dolomite (29%), and finally quartz 

(8%). The dielectric porosity indicated an average water-filled porosity of about 10% and 
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salinity of 135,000 ppm in the area investigated by the tool. The Sor calculated using data from 

the dielectric tool is roughly 26%, whereas the Sor obtained with conventional microresistivity 

is significantly higher (55%). The result obtained by upscale laboratory data was around 26%, 

consistent with the dielectric logging data. Figure 4-12 shows the calculated curves. 

 
Figure 4-12 3 Well plot exhibiting resulting curves: saturation height water saturation (track 4), porosity 
(track 5), permeability (track 6), Sor from multilinear correlation, dielectric, Archie result from dielectric 

microresistivy and conventional microresistivity (tracks 7, 8, 9, and 10), and core location in track 11. 
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Considering the core interval, the average porosity of the intraclastic facies is 

approximately 13%, which is quite close to the in-situ facies at 14%. Similarly, the Swirr showed 

25.5% and 27% averages for the intraclastic and in-situ facies, respectively. However, the 

average permeabilities between the in-situ and intraclastic facies differed significantly, with the 

in-situ facies boasting a much higher 12mD compared to the 2mD of the intraclastic facies. 

Additionally, the Sor was consistent between the dielectric tool and multilinear model for the 

intraclastic facies, hovering around 23%. Meanwhile, the Sor for the dielectric logging and 

multilinear correlation averaged 25% and 28% for in-situ facies (Figure 4-13). Finally, Archie's 

relationship with the conventional microresivity tool showed 56% and 51% Sor for the 

intraclastic and in-situ facies, respectively, while Sor calculated with dielectric microresistivity 

was very similar to the dielectric water-filled porosity approach. 

 
Figure 4-13 3 Histograms illustrating the Sor distributions of lab (A), upscaled multilinear correlation (B), 

and dielectric logging classified by facies (C), and dielectric Sor classified by NMR electrofacies (D). 

The NMR clustering data yielded three electrofacies based on NMR relaxation times. The 

average Sor values of the dielectric logging are approximately 19.5%, 31%, and 37%, 

respectively, for the three electrofacies (Figure 4-13D Figure 4-14), showing significant 

differences according to T2 relaxation times. The prediction models achieved similar results 

(Figure 4-15), with a reasonable prediction of water-filled porosity. The Random Forest 



119 

Regressor was the best model to reproduce the actual data. Its R2 value was 0.56, and the rooted 

mean squared error was 0.016, considering the predicted and the actual Sor from the test set. 

 
Figure 4-14 3 Clustering results showing the relationship between clusters (track 5), NMR t2 (track 6), and 

dielectric Sor (tracks 3 and 4). 

4.6 Discussion 

4.6.1 RCAL, SCAL, and Sor and upscale 

According to the laboratory data, Sor has a good correlation with Swirr (r = -0.67) and Phi 

(r = 0.62) and a fair correlation with logPerm (r = 0.43) (Figure 4-11). Typically, Swirr has a 

negative correlation with Sor since, in general, the greater the amount of initial oil, the less 

likely this oil is to be mobilized, as observed by several authors (Blunt, 2017; Jerauld, 1997; 

Mansoori, Al et al., 2010). The positive correlation between porosity and Sor contradicts the 

assumption that porosity destruction during diagenesis would increase Sor (Blunt, 2017; 

Prodanovi�, Bryant and Davis, 2013; Yuan, 1981). These rocks' highly complex cementation 

patterns can profoundly alter the relationship between pores and throats since dolomite cement 

can compartmentalize primary pores, creating a new pore framework inside them.  
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Additionally, Swirr tends to increase with decreasing porosity and permeability, a commonly 

observed fact opposing the over-simplistic statement of these authors. Therefore, the decrease 

in porosity implies narrowing of throats, reducing permeability, and preventing oil access 

during drainage, which increases Swirr. 

 

Figure 4-15 3 Scatter plots showing the actual vs the predicted water-filled porosity, considering the sets 
train and test for the methods Random Forest Regressor, Gradient Boosting Regressor, and K-Nearest 

Neighbors. 
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Furthermore, it is observed that in intraclastic rocks, the decrease in porosity is related to 

greater homogenization of the porous medium, as shown by MICP (Figure 4-10), which leads 

to higher sweeping efficiency (Al-Shalabi and Ghosh, 2016; Blunt, 2017; Pandey et al., 2023). 

It seems that the destruction of porosity causes the aspect ratio to approach 1; that is, the 

difference between the size of pores and throats becomes small, hindering the oil trapping by 

capillary forces. Also, it is observed that there is a faciological control in the Sor, where the in-

situ facies that have a more heterogeneous porous media, as observed in the MICP data, tend 

to have greater Sor, in contrast to the reworked (Figure 4-10), which tend to have greater 

homogeneity. These observations indicate that the correlations are not casual and are supported 

by lithological relationships. This way, the correlations obtained in the laboratory can be used 

robustly, where the regression model with porosity and Swirr propagates the Sor directly to the 

well logging. 

4.6.2 Sor logging interpretation 

The logging interpretation indicated that laterolog microresistivity has a greater depth of 

investigation than dielectric logging. Consequently, the Sor values estimated by the 

conventional Sxo Archie approach are pessimistic (Figure 4-12), indicating that the laterolog 

microresivity does not provide adequate values for these reservoirs. On the other hand, the 

results obtained with dielectric log (water-filled porosity) present values close to laboratory 

data (Figure 4-13), demonstrating that, at the logged depth, the reservoir is in a condition close 

to Sor. Estimating Sor with resistivity, MN, and salinity data from the dielectric tool resulted 

in similar values to the method calculated with the water-filled porosity. In this way, it provides 

redundant information and cannot be used as an alternative scenario. 

A positive correlation between Sor and porosity and permeability, and a negative 

correlation between Swirr is observed in the log data (Figure 4-16). These relationships are also 

observed in laboratory data, as discussed previously (Figure 4-11), indicating that the Sor of 

the dielectric log is consistent with the experimental data. Furthermore, facies control is still 

observed, with in-situ facies showing higher values than the intraclastic ones (Figure 4-13), 

results observed both in laboratory data, in the result obtained by dielectric log, and in the curve 

obtained with multilinear regression. Although there is a correlation between the dielectric Sor 

curve and the multilinear regression curve, there is less variability in the regression results since 

the curve from the dielectric logging has a larger resolution than the curves used in the 
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construction of the saturation height model, thus impacting the upscale of rock data. As a result, 

the dielectric log shows more significant variability, even though the averages are close, 

indicating the validity of both methods, even with differences in sampling support. 

4.6.3 Lithology versus Logging 

It was observed that the grain size measured in thin sections corresponds well with the 

dielectric Sor (Figure 4-17), indicating that rocks with larger grain sizes present greater Sor. On 

the other hand, no significant difference is observed between the calcirudite and calcarenite 

zones in the cored region. This probably occurs because these calcirudites have pebble-sized or 

larger particles floating on the sand-sized particles. Therefore, what will matter for the flow of 

fluids will be the size of the clasts that support the pebbles. Moreover, there was no clear 

relationship between the amount of cement and compaction quantified by petrography and 

dielectric Sor values. 

 

Figure 4-16 3 Scatter plots illustrating the correlation of dielectric Sor with PhiT (A), Swirr (B), permeability 
(C), and Sor calculated with multilinear regression correlation (D). 
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Because these rocks' cement is typically pre-compactional, it directly controls 

compaction. However, the heterogeneity of diagenetic processes probably makes it difficult to 

match petrographic data with curves, the accuracy of which is hampered by the resolution and 

amount of noise. Clast size patterns tend to be less heterogeneous than diagenesis, which may 

explain the good correspondence. This relationship has been observed in other studies (Coskun, 

Wardlaw and Haverslew, 1993; Herlinger et al., 2023; Taiwo et al., 2016), indicating that the 

homogeneity of finer rocks facilitates oil recovery. Given the low sampling of in-situ rocks, no 

relationship was observed between petrography and logging data for these facies. 

The mineralogical content from mineral modeling does not show an apparent relationship 

with porosity or permeability. Although the main cement of these rocks is dolomite, this mineral 

also occurs by replacing particles or components of the in-situ rocks. So, although useful for 

petrophysical calculations, mineralogical curves do not help study porosity destruction 

processes by cementation in these rocks. Furthermore, it is observed that silica is a crucial 

porosity reducer. In this well, silica is mainly related to mudstones, so where this facies exists, 

silica peaks are typically observed, resulting in loss of porosity (Figure 4-5). Important silica 

cement is not abundant in thin sections as it is concentrated in thin layers. Highly silica-

cemented regions are typically not sampled due to their low porosity and permeability. 

 

Figure 4-17 3 Correlation between average particle size measured in thin section and dielectric Sor at 
corresponding depth. 

Moreover, there is no clear relationship between Sor and the dolomite/calcite ratio; 

similarly, calcite and dolomite content do not correlate to porosity, permeability, or Swirr. On 

the other hand, the destruction of porosity by silica leads to a decrease in porosity, as 

aforementioned. Consequently, it hinders the oil entrance, which increases Swirr and, 

consequently, reduces Sor. 
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4.6.4 NMR versus dielectric curves 

The Pearson's correlations between the water- and oil-filled porosity and the T2 bins 

indicate that the highest relaxation times are related to the residual oil (Figure 4-18). In contrast, 

water has shorter times, which is probably influenced by surface relaxation mechanisms. 

Furthermore, the oil-filled porosity correlates with T2 times about 1 ms, a relaxation time 

typically attributed to clay-bound water (Coates, Xiao and Prammer, 1999). However, water-

filled porosity does not correlate with these times, indicating that this porosity should be related 

to oil. 

Although it is interpreted that there were originally Mg-clays in these rocks, all of the 

original content was dissolved or replaced, as no traces of these minerals were observed in the 

investigated thin sections. On the other hand, bitumen is often observed in thin sections and is 

related in many Pre-salt fields in Santos, Campos, and Kwanza Basins (Guzzo et al., 2018; 

Lima et al., 2020; Liu et al., 2022) (Figure 4-19). Although it has been frequently recognized 

in Pre-salt, the sample cleaning process can partially or entirely remove this component 

(Schleifer, Kesse and Lawrence, 2018). Furthermore, several studies indicate bitumen 

relaxation times of around 1 ms (Li et al., 2020; Wen, Bryan and Kantzas, 2003; Yang and 

Hirasaki, 2008), consistent with the time observed in the correlations. Therefore, it is highly 

likely that the short relaxation times are related to bitumen. 

 

Figure 4-18 3 Chart illustrating the Pearson's correlation coefficient between the water- and oil-filled 
porosity and the porosity bins considering each T2 relaxation time interval. This graph shows the 

contribution of each time to each curve, indicating relevant correlation peaks at 1 and 1000 ms for oil, while 
water has an important peak at around 600 ms. 
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Figure 4-19 3 Examples of bitumen-rich shrubstones from analogous wells (red arrows): A) Bitumen lining 
and filling growth-framework pores; B) Cracked bitumen in growth-framework pore; C and D) Bitumen 

peloids filling growth-framework pores, covered by quartz cement. 

4.6.5 Clustering and Curve Prediction 

Since there is a good relationship between dielectric Sor and relaxation times, clustering 

methods are expected to identify areas with higher residual oil content. Thus, the cluster 

analysis showed good results, indicating three zones with significant differences in oil 

saturation calculated by the dielectric log (Figure 4-13 and Figure 4-14). The cluster with the 

highest oil saturation has higher NMR times, often with high values close to 3000 ms, coherent 

with Pearson's correlation. Moreover, the curve prediction methods can satisfactorily predict 

the water-filled porosity from which Sor is obtained, indicating that dielectric logging and NMR 

have similar depths of investigation. In addition, although cutoffs cannot accurately define fluid 

saturation, the time distributions appear to be influenced by different fluids, resulting in distinct 

signatures. Finally, it is highlighted that the model trained with dielectric data can propagate 

Sor in wells where this tool was not used. 
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4.7 Conclusions 

In this study, we integrated logging data, RCAL, SCAL, and petrography to understand 

and quantify Sor in a Pre-salt reservoir in the Santos Basin, Brazil, and concluded that: 

" Sor exhibits strong facies control, where in-situ facies have higher values than 

intraclastic ones, owing to their greater textural and mineralogical complexity. 

" There is a good correlation between Sor and Swirr, Phi, and permeability. This 

relationship can be observed in both laboratory and logging data, enabling us to upscale 

laboratory data. 

" Dielectric tool yielded accurate results for Sor logging evaluation due to its shallow 

depth of investigation and properly matched laboratory data trends. 

" NMR logging cannot directly measure Sor, but it can identify areas with more remaining 

oil, indicating regions with high residual oil. In addition, machine learning techniques can use 

NMR data to predict dielectric Sor. 

" According to the data interpretation, bitumen might be related to short relaxation times 

in NMR. It could be wrongly quantified as residual oil by the dielectric tool interpretation. 

Therefore, it is crucial to investigate the effect of bitumen on the logging tools' response in more 

depth in future studies. 
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5. Article 4 - HERLINGER, R.; ROS, L. F. DE; VIDAL, A. Assessing 

the Role of Dolomite in Oil Trapping in In-situ Brazilian Pre-salt 

Carbonate Reservoirs by Pore-Scale Modelling and Simulation. 

Petroleum Geoscience, v. 31, 2025. 

5.1 Abstract 

The main Aptian Pre-salt in-situ facies were modeled in 3D pore-scale to evaluate the 

impact of diagenetic textures; specifically, the influence of matrix-replacive dolomite on pore 

system development. Our objective is to evaluate how these textures affect residual oil 

saturation (Sor) under water- and oil-wet conditions through pore-scale simulations. We 

developed 12 models with varying proportions of dolomite and calcite spherulites, three models 

with calcite shrubs, 21 models with shrubs and regularly-spaced dolomite, and 9 models with 

shrubs and heterogeneously arranged dolomites. The methodology involved evaluating the 

tortuosity, surface area, and size distribution of pores and throats. Additionally, the Quasi-Static 

Morphology method was used to estimate the Sor. The results indicated dolomite significantly 

affects the pore system, leading to a more uniform medium, a decrease in the throat-to-pore size 

ratio, and an increase in surface area. The increase of dolomite decreases Sor in water-wet 

conditions. Conversely, in oil-wet simulations, increasing dolomite leads to an increase in oil 

entrapment. Previous research on waterflood experiments concluded that in-situ facies with 

high content of replacive dolomite tend to show low Sor. Hence, it is probable that much of the 

oil trapped in these rocks is a result of the snap-off under water- or mixed-wet conditions. 

 

Keywords: dolomite, simulation, pore-scale modeling, oil trapping, Pre-salt. 
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5.2 Introduction 

The Brazilian Pre-salt reservoirs from the sag stage (post-rift) of the Campos and Santos 

Basins host world-class hydrocarbon reserves. Exploration in Angola conjugate Kwanza-

Benguela and Namibe Basins also discovered reservoirs with the same genesis and 

characteristics. Nevertheless, while the origin of these unique deposits is the subject of 

controversial debate, their depositional and diagenetic evolution generated highly 

heterogeneous pore systems (Carvalho et al., 2022; Herlinger et al., 2020; Herlinger, 

Zambonato and De Ros, 2017; Saller et al., 2016). These rocks, deposited in an alkaline 

lacustrine environment, were predominantly formed by the in-situ precipitation of Mg-clays 

and calcite shrubs. During eodiagenesis, these clay minerals were replaced by calcite and 

dolomite spherulites. Subsequently, due to their high instability, the clay-rich sediment tends to 

undergo dissolution, resulting in complex porosity patterns (Herlinger et al. 2017; Carramal et 

al. 2022; Carvalho et al. 2022). 

The concept of residual oil saturation (Sor) refers to the portion of pore volume that 

remains filled with oil after displacement, trapped by capillary forces. This information is 

crucial for reservoir understanding and characterization, as it plays a significant role in reservoir 

simulation and in determining effective techniques for enhanced hydrocarbon recovery. 

Various studies, such as those by Rathmell et al. (1973), Chang et al. (1988), and Teklu et al. 

(2013), have emphasized the importance of quantifying and understanding Sor. Several factors 

contribute to the trapping of oil in reservoirs after waterflood. These factors include the 

mineralogy and texture of the rock, the morphology of the pores and their throats, the 

composition of the fluids involved, and the environmental conditions of the reservoirs, such as 

pressure and temperature. The interactions among these factors impact wettability, interfacial 

tension, and the distribution of capillary forces, which are fundamental to the flow and 

entrapment of fluids. Studies by Perkins (1957), Anderson (1987, 1985), Chandler et al. (1982), 

Wardlaw (1982), Hoeiland et al. (2001), Ling and He (2012), and Blunt (2017) have shed light 

on the complex nature of these interactions. 

Understanding of pore-scale petrophysical characteristics, especially multiphase flow, 

has dramatically improved with recent technological advances in pore-scale 3D imaging (Blunt, 

2017). Since Flannery et al. (1987) first imaged rocks both in synchrotron and with radioactive 

source equipment, the quality of the images, the capacity and the speed of processing have 
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evolved significantly. Although fundamental for understanding pore scale, tomographic 

imaging is expensive. In addition, the X-ray image has limited resolution, making it impossible 

to image and simulate textures with small dimensions. Furthermore, sampling often represents 

only a few facies, and rock characteristics may be affected during sampling, particularly of 

clay-rich rocks. On the other hand, pore-scale modeling can drastically save the number of 

experiments needed to establish the necessary link between rock types and sedimentological 

classifications (Mehmani, Verma and Prodanovi�, 2020). Furthermore, pore-scale modeling 

can be helpful for sensitivity studies. In other words, textural parameters can be systematically 

varied in order to assess the impact of textural modifications, such as progressive cementation 

or dissolution. 

The first process-based pore-scale models were built with spheres to model the 

compaction and cementation of granular rocks for permeability prediction (Bryant, Cade and 

Mellor, 1993). Since then, several studies have used sedimentological concepts, processes, and 

products for modeling and simulating petrophysical properties (Bakke and Øren, 1997; Hosa 

and Wood, 2020; van der Land et al., 2013; Øren and Bakke, 2002; Torskaya et al., 2014). 

Hosa et al. (2020) modeled Pre-salt shrubs to assess the impact of depositional and diagenetic 

processes on reservoir properties. However, the fundamental relationship between calcite 

shrubs, spherulites, and dolomite has not yet been evaluated. 

Dolomite is a common constituent of carbonate reservoirs, cementing pores, replacing 

primary or secondary constituents, or even wholly modifying their primary fabric (Machel, 

2004; Warren, 2000). It plays a significant role in petrophysical properties, and its impact on 

permeability and porosity has been debated for decades (Ehrenberg et al., 2006; Lucia, 2004; 

Mountjoy and Marquez, 1997). Luo and Machel (1995) studied aspects of dolomitization and 

its impact on capillary pressure mercury injection curves. Based on these data, they related the 

recovery efficiency from dolostones to the dispersion of pore throats. However, little has been 

done since then to understand the impact of dolomite on multiphase flow and oil retention in 

porous media. Therefore, we propose to model pore-scale textures of Brazilian Pre-salt in-situ 

post-rift (sag) reservoirs in order to perform numerical simulations to evaluate the impact of 

dolomite on oil trapping after waterflooding. 

5.3 Geological Context 
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The Campos and Santos basins are located on the southeastern Brazilian margin (Figure 

5-1). According to Moreira et al. (2007) and Winter et al. (2007), their stratigraphy is divided 

into three Super-sequences: rift, post-rift (sag), and drift. The continental deposits of the rift 

and post-rift (sag) stages were formed during the breakup of Gondwana, an event that precedes 

the drift deposits and the formation of the Atlantic Ocean (Austin and Uchupi, 1982; Nürnberg 

and Müller, 1991; Rabinowitz and LaBrecque, 1979). The Aptian post-rift (sag) deposits, focus 

of this study, cover the rift stage bivalve bioclastic limestones, shales, Mg-clay ooids arenites, 

hybrid rocks, volcanic rocks, sandstones, and siltstones (Armelenti et al., 2016; Carvalho and 

De Ros, 2015; Chinelatto et al., 2020b; Leite, Silva e De Ros, 2020; Mizusaki, Thomaz Filho 

e Cesero, 1998; Rehim et al., 1986; Thompson, Stilwell e Hall, 2015). 

Figure 5-1 - Map illustrating the location of the Brazilian Pre-salt Province and the Campos and Santos 
basins (reproduced from Herlinger et al. 2020). 

The sag deposits were formed in an alkaline lacustrine environment, which favored the 

syngenetic precipitation of Mg-clays in close relationship with calcite shrubs and spherulites 

(Carvalho et al., 2022; Gomes et al., 2020; Herlinger, Zambonato and De Ros, 2017; Netto et 

al., 2022; da Silva et al., 2021). In addition, intraclastic rocks formed by fragments from in-situ 

accumulations represent important reservoirs (Barnett et al., 2021). These sag deposits are 

covered by evaporites that mark the beginning of the marine sedimentation of the Brazilian 

marginal basins. 

Magnesian clays, represented mostly by stevensite, saponite, and kerolite, constituted the 

background of the sag lacustrine sedimentation. These clays are commonly associated with all 

facies as laminated matrix, ooids, or peloids and are present in both the in-situ and reworked 
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rocks (Carramal et al., 2022; Carvalho et al., 2022; Herlinger, Zambonato and De Ros, 2017). 

Rocks originally constituted by abundant Mg-clays are called mudstones (De Ros e Oliveira, 

2023) or laminites and are not normally considered reservoirs. In these rocks, the Mg-clays 

were commonly replaced by microcrystalline calcite, dolomite, and/or silica The association 

between Mg-clays and calcite spherulites represents the most recurrent in-situ facies. These 

rocks are classified as spherulstones or muddy-spherulstones, according to the original 

proportion between spherulites and Mg-clays (De Ros e Oliveira, 2023). Spherulites are calcite 

fibro-radial aggregates precipitated during early diagenesis within the Mg-clays, displacing and 

replacing them. Since the Mg-clays are unstable, abundant secondary porosity is generated by 

their dissolution (Tosca and Masterson, 2014; Tosca and Wright, 2014; Wright and Barnett, 

2015, 2020). In addition, the replacement of the Mg-clays by dolomite is common.  The 

dissolution of the Mg-clays after their partial replacement by calcite spherulites and dolomite 

crystals left these carbonates apparently <floating= in the secondary pores. Figure 5-2 illustrates 

common aspects of the spherulites and their relationships with the Mg-clays and with dolomite 

crystals. 

The calcite shrubs are fibrous aggregates with predominantly vertical orientation and 

increasingly divergent extinction, in a feathery habit also known as fascicular-optic (Kendall, 

1977). Typically, such shrubstones (sensu De Ros e Oliveira, 2023) were formed by calcite 

shrubs that coalesced vertically and horizontally, forming crusts (Carvalho et al., 2022; Gomes 

et al., 2020b; Herlinger, Zambonato and De Ros, 2017). In some cases, as with the spherulites, 

the shrubs were formed displacing and replacing the Mg-clays matrix. Hence, clay peloids or 

laminations are frequently included inside the shrubs, as well as fill the spaces among the 

shrubs.  

Dolomite is the most important component in the interstitial spaces of the shrubstones, 

filling the primary porosity or replacing Mg-clays, as in the spherulstones. Spherulites and 

shrubs are commonly associated in shrub-spherulstones (De Ros and Oliveira, 2023). Figure 

5-3 shows the relevant relationships between shrubs, matrix, and dolomite. Crusts essentially 

made of shrub framework usually contain primary porosity. Shrubs that were formed within the 

Mg-clay matrix may be separated by larger spaces. As in the spherulstones, the Mg-clay matrix 

among the shrubs was commonly partially replaced by dolomite crystals. After the dissolution 

of the clay matrix, a floating pattern can be seen in the interstitial dolomite. Furthermore, 

dolomites may also have lined primary pores among shrubs of the crusts, covering the surface 
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of the shrubs, as seen in Figure 5-3c. Figure 5-4 exhibits a schematic evolution for the in-situ 

Pre-salt rocks, including the interrelationships of Mg-clays, calcite shrubs and spherulites, and 

dolomite. 

 
Figure 5-2 3 a) QEMSCAN image illustrating a spherulstone composed of calcite spherulites locally replaced 

by silica. The porosity was generated by the dissolution of the Mg-clays matrix within which calcite and 
dolomite were formed, resulting in the <floating= pattern of spherulites and dolomite. The dashed rectangle is 
seen in detail in figure b. Silica and other minor phases have been omitted for a better understanding of the 
relationship between porosity, calcite, and dolomites. c) Backscattered electrons image of dolomite crystals 
(white arrow) that replaced partially Mg-clay laminated matrix (red arrow). d) Photomicrograph showing 

matrix-replacive dolomite crystals (red arrow), residual material from the dissolution of Mg-clay matrix 
(white arrow), and abundant intercrystalline porosity impregnated by blue-epoxy resin (uncrossed 

polarizers, //P). e) Photomicrograph exhibiting spherulites (stained pink; white arrow) and matrix-replacive 
dolomite (black arrow). The red arrow indicates intracrystalline porosity generated by the dissolution of the 

spherulites. (//P). 
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Figure 5-3 3 a) QEMSCAN image showing a shrubstone formed by heterogeneously distributed calcite shrubs 

(white arrow). In the area with denser shrub development to the left, primary inter-shrub porosity was 
partially cemented by dolomite (yellow arrow). In the area with shrubs and spherulites growing within the 

original Mg-clays matrix to the right, intense dolomite replacement was followed by dissolution of the 
remaining Mg-clay matrix, forming a heterogeneous pattern of denser and floating dolomite (red arrow). b) 

Photomicrograph of calcite shrubs (yellow arrow) with growth-framework porosity partially filled by 
dolomite (red arrow) (//P). c) Secondary electrons image (SEI) of dolomite rhombohedral crystals (red 

arrow) partially covering the shrub surface (white arrow). 

In addition to the rhombohedral matrix-replacive type, dolomite exhibits various timings 

and occurrences as indicated by numerous petrographic studies published in recent years 

(Herlinger et. al., 2017; Carramal et al. 2022; Carvalho et al. 2022) further corroborated by 

isotopic analyses (Godeau, 2021; Brito, 2024; Lima et al., 2020). Nevertheless, the matrix-

replacive type is the most commonly associated form of dolomite in reservoir contexts, both in 

the Santos and Campos Basins (Herlinger et. al., 2017; Carramal et al., 2022; Carvalho et al., 

2022). Other dolomite forms, such as microcrystalline or bridge-like varieties (Rochelle-Bates, 
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2022; Brito, 2024), are typically unrelated to reservoirs facies. Furthermore, saddle dolomites 

tend to occur in localized settings, as do other forms associated with hydrothermalism or late-

stage precipitation (Herlinger et. al., 2017; Lima et al., 2020). Consequently, our study focuses 

on rhombohedral matrix-replacive dolomite, which is more commonly linked to reservoir 

occurrences. 

 
Figure 5-4 3 Schematic evolution of Pre-salt in-situ facies (modified from Herlinger et al. (2017)). 

5.4 Petrophysical Properties 

The in-situ rocks, as described above, were essentially formed by the syngenetic 

precipitation of different proportions of Mg-clays and calcite shrubs, followed by the eogenetic 

formation of spherulites and/or shrubs and dolomite. As Mg-clays are highly reactive, they were 

extensively replaced by the carbonates and later dissolved, generating the floating aspect of 

dolomite crystals and calcite spherulites. This evolution generated significant petrophysical 

differences, conditioning the pore systems of these rocks. 
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The mudstones or laminites, originally constituted by abundant Mg-clays, are normally 

not considered reservoirs. However, according to SCAL and RCAL data compiled from Santos 

Basin rocks (Herlinger et al., 2023; Herlinger and Vidal, 2022), some Mg-clay mudstones 

suffered extensive dissolution, with porosity around 20 %, although with relatively low 

permeability, rarely exceeding 100 mD due to their small pores and narrow throats. These rocks 

tend to have highly homogeneous MICP data and Sor around 20 %. 

The muddy-spherulstones and spherulstones tend to have porosity values similar to the 

porous mudstones. Conversely, their average permeability and Sor are around 100 mD and 25 

%, respectively, with little variability observed in MICP data. Finally, the shrubs-rich facies 

often have lower porosity, but with permeability typically exceeding 100 mD, displaying a 

highly heterogeneous pore system, and Sor averaging around 30 %. 

5.5 Methodology 

5.5.1 3D Pore-scale Models 

We have developed 48 3D pore-scale models using 10003 voxels to represent the 

characteristic Pre-salt in-situ facies. Our approach for rocks dominated by Mg-clays and 

spherulites was based on the conceptual model that considers that dolomites and spherulites 

were precipitated in the Mg-clays matrix, which dissolution left the carbonates with a distinctive 

"floating" appearance. The components' dimensions were chosen according to observations in 

thin sections and SEM images shown in several studies (Herlinger et al., 2017, 2023; Lima and 

De Ros, 2019; Carramal et al., 2022; Carvalho et al., 2022). Although their dimensions may 

vary, matrix-replacement dolomites typically have an average side length of less than 100 

micrometers. On the other hand, spherulites and, especially, shrubs can exhibit greater 

variability, ranging from tens of micrometers to millimeters. However, given the limitations of 

the models size due to computational costs, dimensions were chosen that would fit within the 

model without compromising the geometric representation of the pore space. Calcite spherulites 

were represented as spheres and with a mean diameter of 500 µm and a standard deviation of 

50 µm, distributed into three percentages (43.2, 56.25, and 70.88 %). The dolomite crystals 

were positioned in the interstitial spaces previously occupied by Mg-clays and represented by 

cubes arranged regularly with little disturbance to optimize porosity and prevent crystal 
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overlapping. We have created 12 models considering the average spacing among the dolomite 

crystals of approximately 10, 14, 20, and 30 µm. Each dolomite model boasts a 50 µm side and 

5 µm standard deviation. All spherulstone models were built with 1 µm resolution. 

Additionally, we built models of shrubstones with three different volumes of calcite 

shrubs: 90.0, 80.10, and 70.26 %. The growth-framework porosity was filled with regularly-

spaced cubes representing the matrix-replacive dolomite. The spacing between the dolomite 

crystals was around 15, 20, 30, 50, 70, 120, 160, and 175 µm, resulting in 21 models. We also 

created nine more models with heterogeneously arranged pore-filling dolomites, which were 

used to achieve porosity levels of 25, 15, 10, and 7.5 %. In the heterogeneous arrangement, the 

cubes are placed randomly and can overlap each other. The shrubs had a mean size of 750 µm, 

with a standard deviation of 75 µm, and the dolomites had a mean side of 50 µm and a standard 

deviation of 5 µm, just like in the spherulstone models. All shrubstones had a resolution 

equivalent to 2 µm. Figure 5-5 illustrates some examples of the 3D pore-scale models. 

5.5.2 Simulations 

The determination of Sor was performed in Geodict# software (Geodict, 2024), using 

drainage and imbibition simulations through Quasi-Static Morphology (Hilpert and Miller, 

2001), also known as Full-Morphology (FM) method. This method calculates the distribution 

of wetting and non-wetting phases at a specific capillary pressure. It operates on the assumption 

of a low capillary number, wherein the effects of gravitational and viscous forces are negligible, 

and a well-defined contact angle exists between the phases. In this way, the replacement of the 

non-wetting phase by the wetting phase is controlled by factors such as surface tension, contact 

angle, capillary pressure, and minimum pore access radius, which are interconnected by the 

Young-Laplace equation: 

 

Where r is the pore radius, Ã the interfacial tension, » is the contact angle, and Pc is the 

capillary pressure. All simulations assumed a temperature of 80° C and surface tension of 0.03 

N/m. The fluids used for brine and oil had the following properties: density of 1.14 kg/m³ and 

0.7 kg/m³, dynamic viscosity of 3.41 x 10-4 kg/m s and 2.99 x 10-7 kg/m s, and kinematic 

viscosity of 2.8 x 10-6 m²/s and 2.99 x 10-7 m²/s, respectively. For water-wet conditions, the 

model was initially saturated with water and then drained by oil until irreducible water 
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saturation (Swirr) was reached, using a contact angle of 60°. Imbibition was then modeled 

starting from Swirr until the oil saturation stabilization, computed as the Sor of the rock. In oil-

wet conditions, the brine drained the oil-saturated material with a contact angle equivalent to 

120° until the water could not remove the oil. 

 
Figure 5-5 3 Examples of models of spherulstones (a and b) and muddy spherulstone (c), shrubstones with 

different proportions of calcite shrubs and regularly-spaced dolomite crystals (d to f), and shrubstones with 
heterogeneous dolomite spacing (g to i). Models a to c have 1mm, and d to i has 2mm of side. Light gray are 

spherulites (a to c) and shrubs (d to i) of calcite, and dark gray are dolomites. 

In addition to the waterflood simulations, tortuosity, surface area, and the distributions of 

pores and pore throats were estimated in the Geodict 2023# software. The pore size was 

calculated according to the maximum sphere that can be placed in the pore space; in other 

words, each voxel included in the sphere received the value of its diameter. The pore throats, 

in turn, were estimated in the same way as in the porosimetry by mercury injection capillary 

pressure technique. If the pore is accessible from a small throat, then its voxels will receive the 
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diameter of the throat independently of pore size. Also, unconnected pores were not included 

for the throat distribution calculation. To calculate mineral surface area, the Crofton formula 

uses an integral over 1D rays that relate to the 3D surface area (Ohser and Mücklich, 2000). 

The surface area can be determined by analyzing the intersection points of rays in all directions 

with the structure. Finally, tortuosity considers the shortest path to be followed through the 

sample. 

5.6 Results 

The samples containing calcite spherulites and dolomite exhibit porosities ranging from 

8.9-35.9 %, with a dolomite proportion of 10.2-40.4 %. The pore throat distributions had a P50 

range of 9.1-34.1 µm, while P10 and P90 ranged from 4.3-16.6 µm and 13.4-43.6 µm, 

respectively. The pore size was slightly larger than the throats, with mean P10, P50, and P90 of 

9.7 µm, 20.1 µm, and 29.9 µm, respectively. The average tortuosity was around 1.07, with a 

maximum ranging from 1.16-1.22. The surface area increased progressively with the addition 

of dolomite, ranging from around 15,000 m²/m³ to 38,000 m²/m³. The average Sor in water- and 

oil-wet conditions was 22.6 % (15.4-31.8 %) and 16.5 % (7.8-27.3 %), respectively.  

The models made only with calcite shrubs had a mean P10, P50, and P90 pore throat 

distribution of 58.2 µm, 158.4 µm, and 317.5 µm, respectively. The pore size distribution's 

mean P10, P50, and P90 were 62.4 µm, 174.8 µm, and 329.1 µm. The tortuosity was 

proportional to the amount of calcite, with a mean of 1.4 and an average maximum of 1.8. The 

porosity of these models increased surface area, with measurements ranging from 

approximately 3,200-5,400 m²/m³. Finally, water-wet Sor was, on average, 28.3 %, while in the 

oil-wet condition, it was substantially lower, around 2.1 %. 

The porosity of shrubstones made with regularly-spaced dolomites varied from 4.4-29.5 

%, and the proportion of dolomite from 0.1-16.8 %. The pore throat distributions had a P50 

between 13.3 µm and 169.4 µm, with P10 and P90 values ranging from 6.2 µm to 72.6 µm and 

18.9 µm to 291.7 µm, respectively. The pore-to-throat were larger than the spherulstones and 

muddy-spherulstones, with mean P10, P50, and P90 of pore diameters of 28.6 µm, 66.6 µm, 

and 100.1 µm. The average tortuosity was roughly 1.43, and the maximum varied from 1.43- 

2.47. The surface area averaged approximately 8,700 m²/m³ (ranging from 3,282.96-19,436.85 
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m²/m³). The Sor in these samples was 27.9% and 11.1% for oil- and water-wet conditions, 

respectively. 

Models made with calcite shrubs and heterogeneous-spaced dolomite had a mean P10, 

P50, and P90 of the distribution of pore throats from 6.0-32.8 µm, 17.6-67.7 µm, and 52-126.5 

µm, respectively. The pore size distributions P10, P50, and P90 were from 8.5-33.9 µm, 25.0-

79.7 µm, and 60.7-138.0 µm. Tortuosity ranged from 1.16-2.01, and the maximum ranged from 

1.44-2.63 µm. Furthermore, the surface area ranged from around 3,250-12,500 m²/m³. Finally, 

the average Sor in water-wet conditions was approximately 33.7 %, while in oil-wet conditions, 

the value was around 10.8 %. For more information, please refer to Appendix F. 

 
Figure 5-6 3 Results of pore throat size distributions in models constituted by calcite spherulites and dolomite 
crystals. The figure correlates the increase in calcite and dolomite spherulites with porosity (as indicated by 

the arrows), and underscores their influence on the distribution of pore throats. 

5.7 Discussion 

Based on the analysis of pore throat distributions, the facies consisting of calcite 

spherulites and matrix-replacive dolomite show that the porous media are mostly dominated by 

intercrystalline pores generated by the dolomite framework (Figure 5-6). The volume of 

spherulites does not significantly impact the distribution of pore throats in the models. 

However, in models constituted by shrubs with small amounts of dolomite, the shrub fabric 

greatly impacts pore size distribution, resulting in a highly heterogeneous polymodal throat 

distribution (Figure 5-7). The increase in the volume of shrubs affects the heterogeneity of the 

pore systems, as models with larger shrub amounts tend to have broader pore-throat 
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distributions. As dolomite becomes more abundant, the pore systems become increasingly 

homogeneous, as observed in models with both regular and heterogeneous dolomite 

distribution, even though the heterogeneous dolomite distribution results in less homogeneous 

media (Figure 5-8). The predominance of intercrystalline porosity generates homogeneous 

pore-throat distributions, as observed in Brazilian Pre-salt dolostones (Herlinger et al., 2023; 

Herlinger and Santos, 2018; Herlinger, Zambonato and De Ros, 2017). Furthermore, the 

increase in the amount of dolomite decreases the porosity and the pore throats, which 

contributes to the deterioration of the reservoir quality, as demonstrated in the seminal study of 

Wardlaw (1976). 

 
Figure 5-7 3 Pore throat distributions of models built with calcite shrubs and regularly-spaced dolomite. The 
arrows indicate the relative variation in the quantity of spherulites, dolomite, and porosity, highlighting their 

impact on the pore-throat distributions. 

When dolomite increases, pore throat size decreases (Figure 5-9a and b), negatively 

affecting the reservoir9s quality. However, when pores are regularly arranged, the rate of 

decrease in the size of pores is greater than that of the throats (Figure 5-9c). This means that the 

increase of regularly-spaced dolomite can increase the throat-to-pore ratio, a crucial control on 
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the recovery or trapping of non-wetting phase by snap-off (Roof, 1970; Wardlaw, 1982; 

Wardlaw and McKellar, 1981). In other words, a high pore-to-throat ratio increases the trapping 

by snap-off. Conversely, irregularly arranged dolomites increase heterogeneity and the 

disparity between throat and pore sizes (Figure 5-9d). The impact of dolomite on tortuosity is 

generally minor, as the crystals are small and do not impede the flow significantly. In contrast, 

calcite, especially in the shrub habit, largely increases the flow path since the distribution of the 

large aggregates directly increases tortuosity (Figure 5-9e). 

 
Figure 5-8 3 Distributions of pore throats from models with calcite shrubs and heterogeneously-spaced 

dolomite. The arrows represent the relative changes in the amount of spherulites, dolomite, and porosity, 
emphasizing their effect on the pore-throat distributions. 

The presence of dolomite, no matter whether regularly or heterogeneously distributed, 

has been observed to increase the surface area of the studied models. In models with regular 

dolomite, the rate of surface area increase remains consistent regardless of the facies or amount 

of calcite, highlighting the significant role of dolomite in enhancing the surface area (Figure 

5-9f). However, models with heterogeneous dolomite exhibit more variability in surface area 

(Figure 5-9g), and a linear relationship is not apparent. At high dolomite volumes, the surface 

area tends to stabilize or even decrease, which may be attributed to the resolution of the models. 

Due to the resolution limitations, dolomites fill up the entire pore space, which should not be 

expected in natural media since dolomite probably would leave submicron pores and throats. 
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Figure 5-9 3 Correlation between P50 pore throat diameter and regularly (a) and heterogeneously-
distributed dolomite (b); pore-to-throat ratio vs. regular (c) and heterogeneous dolomite (d); mean 

tortuosity vs. calcite content (e); surface area vs. regular (f) and heterogeneous dolomite content (g); 
spherulstones and muddy-spherulstones Sor vs. regular dolomite amount at water- (h) and oil-wet (i) 

conditions; spherulstones and muddy-spherulstones Sor vs. calcite at water- (j) and oil-wet (k) conditions; Sor 
vs. surface area spherulstones and muddy-spherulstones at oil-wet conditions (l); Sor vs. regular dolomite at 

water-wet conditions; and finally, Sor vs shrubstones P50 pore diameter (n) and calcite (o) at water-wet 
conditions. 
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In the spherulstones and muddy spherulstones, the amount of dolomite clearly influences 

Sor under both water- and oil-wet conditions (Figure 5-9h and i). In water-wet conditions, Sor 

decreases significantly as dolomite increases, stabilizing at levels above 25 % of dolomite. This 

is because an increase in dolomite leads to a decrease in the pore-to-throat size ratio, thereby 

exerting a direct control over Sor in these rocks. Conversely, the trend is reversed in oil-wet 

conditions, although the relationship between dolomite and Sor is less definite. Spherulstone 

models with higher calcite content (70.88 %) show a marked increase in Sor with dolomite, 

while models with less calcite display parabolic behavior, with Sor increasing up to around 25% 

of calcite and declining thereafter. 

Even though the calcite content correlates to Sor (Figure 5-9j and k), the amount of calcite 

spherulites does not seem to have a direct impact on oil trapping, as there is no strong correlation 

between Sor and tortuosity in these models, which should increase heterogeneity. On the other 

hand, calcite content does determine the volume of dolomite, with fewer spherulites allowing 

for more dolomite, which promotes homogeneity and facilitates oil recovery in water-wet 

simulations. Moreover, more dolomite leads to an increase in surface area that positively 

correlates with Sor up to a dolomite volume of approximately 25 % in oil-wet conditions 

(Figure 5-9l). Once the dolomite content reaches higher levels, the correlation no longer exists. 

When shrubstones are in water-wet conditions, regularly-spaced dolomite tends to 

decrease Sor due to the homogenization and decrease in pore-to-throat size ratio, as seen in 

Figure 5-9c and m. In models with higher calcite content (around 90 %), Sor increases 

progressively with the increase of pores and throats sizes, until it stabilizes at values around 40 

% Sor (Figure 5-9n). On the other hand, models with smaller amount of calcite have larger 

pores connected by large throats, resulting in lower Sor. In such models, calcite has a greater 

impact on Sor (Figure 5-9o), as it occurs in larger volumes of shrubs, progressively decrease 

the space between them, resulting in greater tortuosity and smaller pores and throats. Thus, 

larger calcite and smaller dolomite volumes may account for the higher Sor observed in 

shrubstones compared to other facies (Herlinger et al., 2023). 

In contrast to shrubstones with regular dolomite, models with heterogeneous dolomite 

produced conflicting results, as an increase in dolomite led to a higher pore-to-throat size ratio 

(Figure 5-9d), resulting in greater Sor. This differs from earlier studies (Herlinger et al., 2023), 

which suggested that more dolomite leads to a more uniform system, and, thus, to lower Sor. 

Despite regularly-spaced dolomite arrangement seeming unnatural, it is a straightforward and 
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satisfactory method of depicting intercrystalline porosity resulting from clay dissolution. When 

the rock is oil-wet, there is a clear correlation between the size of the pores and throats and the 

Sor value. Rocks with higher amounts of dolomite tend to trap more oil (Figure 5-10). This 

trend is in contrast to the behavior observed in water-wet conditions. 

 
Figure 5-10 3 Correlation between Sor and P50 pore throat diameter from shrubstones at oil-wet conditions. 

In general, when it comes to water wettability, models with large and poorly-sorted pores 

tend to trap large oil droplets (Figure 5-11a). Conversely, regularly-spaced dolomite 

significantly alters the pore-to-throat condition, trapping oil in small isolated drops (Figure 

5-11b). In oil-wet conditions, dolomite-free shrubstones have large throats, and oil is trapped 

in small amounts in constrictions and corners of the pore system (Figure 5-11c). Dolomite 

increases trapped oil under oil-wet conditions as bridges form between the crystals (Figure 

5-11d). Heterogeneously-distributed dolomite results in more trapped oil in water-wet 

conditions, owing to greater pore system heterogeneity than with regularly-distributed 

dolomite. However, there are no significant differences in oil retention between the two 

dolomite modes under oil-wet conditions. To sum up, based on previous research concluding 

that the better reservoir facies have higher Sor, it is likely that most oil trapped in these rocks 

is related to snap-off under water- or mixed-wet conditions. 

The results obtained indicate a clear link between deposition processes and diagenetic 

modification with hydrocarbon trapping in Pre-Salt reservoirs. Although clay-rich rocks often 

do not constitute reservoirs, areas with intense dissolution of Mg-clays can create conditions 

favorable for hydrocarbon storage. Therefore, the evolving diagenetic pattern, in addition to 

being crucial for hydrocarbon storage and flow, can influence the recovery factor of fields. In 

other words, it is observed that the presence of matrix-replacive dolomite may facilitate 

hydrocarbon sweep in facies where matrix dissolution occurred. However, these facies may 
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exhibit low permeabilities if dolomite precipitation was intense, which could impact well 

productivity. On the other hand, areas where the precipitation of shrubs was more intense tend 

to exhibit higher permeability, although they have a greater potential for oil trapping due to 

their higher pore complexity. 

 
Figure 5-11 3 Simulations demonstrating how dolomite amounts and distribution affect the saturation of oil 
and water in shrubstones under both water-wet and oil-wet conditions. Images a and b show the results of 

the water-wet simulation models free of dolomite (a) and with regularly-spaced dolomite (b). Models c and d 
depict oil-wet conditions. Finally, images e and f display heterogeneous-spaced dolomite in shrubstones under 

water- and oil-wet conditions. 

5.8 Conclusions 

After conducting pore-scale 3D modeling of in-situ facies from the Brazilian Pre-salt sag 

section, combining different proportions of calcite spherulites and fascicular shrubs, dolomite 

crystals and porosity, and characterizing the pore systems, we simulated imbibition and 

drainage processes under oil- and water-wet conditions. Our findings are as follows: 

 The amount of dolomite significantly affects the pore systems of the models. An 

increase in dolomite content leads to a more uniform medium, a decrease in the pore-

to-throat ratio, and an increase in surface area. 
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 The increase of calcite volume, especially in the form of shrubs, impacts the pore system 

heterogeneity and tortuosity. Furthermore, its increase can limit the possible amount of 

dolomite. 

 The increase of dolomite in water-wet conditions decreases the residual oil saturation 

(Sor). However, in oil-wet simulations, increasing dolomite leads to an increase in oil 

entrapment. 

 Based on previous research on the relationship between Sor, facies, and dolomite, it is 

probable that most of the oil trapped in the in-situ rocks is a result of snap-off under 

water- or mixed-wet conditions. 
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VIDAL, A. C. Coupling X-ray µCTs, BSE, and QEMSCAN Imaging 

to Unravel Details of Water Saturation and Oil Trapping in a 

Brazilian Pre-salt Carbonate Under Oil-wet Conditions. 

Tomography of Materials and Structures, submitted, 2025. 

6.1 Abstract 

We conducted drainage and imbibition cycles on a grainstone carbonate sample from the 

Barra Velha Formation of Brazil9s Pre-salt integrating X-ray tomography, backscattered 

electron (BSE), and QEMSCAN to understand fluid saturation and oil trapping under oil-wet 

conditions at pore-scale. The integration of µCT imaging with BSE and QEMSCAN 

significantly enhances our understanding of fluid saturation within the pore system, particularly 

in regions where X-ray imaging alone encounters limitations. QEMSCAN imaging, beyond 

resolving microporosity, provides critical insights into the mineralogical factors influencing 

fluid distribution, offering a deeper perspective on the saturation controls. Following the 

drainage and aging cycles, oil effectively displaced nearly all brine within the interparticle 

macropores, relegating the brine to small, isolated droplets formed through snap-off processes. 

Additionally, a significant proportion of intraparticle micro and macroporosity was occupied 

by oil after drainage, with further oil saturation occurring during aging, demonstrating the 

rock9s oil-wet affinity. Post-forced imbibition imaging revealed that nearly all the oil initially 

present in the interparticle macropores had been replaced by water, with only minor traces of 

oil remaining as thin films on mineral surfaces. Conversely, the intraparticle macro and 

micropores, which are typically less connected, retained most of the oil, highlighting the porous 

medium9s tendency to trap fluids in poorly connected regions. Finally, our experiments did not 

reveal any substantial effect of mineralogical variations on fluid saturation during any phase of 

the cycles. This suggests that the observed oil-wet condition is independent of relative 

mineralogical variations, particularly given the sample's dominance of calcite and dolomite. 

Keywords: Pre-salt, X-ray µCt, BSE, QEMSCAN, oil trapping 
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6.2 Introduction 

Initially, it was believed that oil reservoirs were all water-wet. According to Anderson 

(1985) this belief was made because rocks were deposited in an aqueous environment. Thus, 

before oil migration, the mineral surfaces were all covered by connate water. This would 

prevent the oil from coming into contact with the mineral surfaces. However, Nutting (1934) 

observed that the Tensleep Sandstone had oil films that spontaneously formed again after 

removal by organic solvents. After this seminal study, several other reservoirs were described 

as oil-wet, especially carbonate reservoirs, as Treiber & Owens (1972) and Chilingar & Yen 

(1983) demonstrated. The latter authors compiled contact angle data for 161 carbonates and 

concluded that 80% of the rocks studied had a contact angle greater than 100 degrees, therefore 

classified as oil-wet. 

Although classical contact angle measurement provides accurate information on the 

mineral surface's fluids affinity, it is measured on flat polished surfaces. In this way, the 

measurements do not take into account several factors that influence wettability and, 

consequently, the saturation of fluids in rocks, such as roughness (Chau et al., 2009; Lam et al., 

2002; Morrow, 1975), which can favor water-wettability, or precipitation of crude oil organic 

heavy components, such as asphaltenes and bitumen, leading to oil-wettability (Alqam et al., 

2021; Kaminsky and Radke, 1997; Leontaritis and Mansoori, 1988). Moreover, the porous 

geometry and distribution of pore throats are of great importance, as the oil will struggle to 

replace water from small pores, thus the wettability inversion tends to be inhibited in 

microporosity. In addition to directly measuring contact angles, wettability is also commonly 

estimated indirectly by experiments that use drainage and imbibition cycles, relating the volume 

of displaced fluids to wettability (Amott, 1959; Donaldson, Thomas and Lorenz, 1969). 

Although useful and widely used, the Amot and USBM indices do not indicate where the oil 

and water fractions are, in other words, the configuration of fluids inside the porous media. 

Furthermore, these results are affected by porosity and permeability, since spontaneous 

imbibition processes tend to be more efficient in rocks with a well-connected porous medium 

(Isah et al., 2023). 

In the last two decades, with the advancement of X-ray µCT techniques, pore-scale 

imaging has made it possible to verify the configuration of fluids inside the porous media 

(Blunt, 2001; Wildenschild and Sheppard, 2013). As a result, there was a great increase in 
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knowledge regarding wettability, with the possibility of direct measurement of the contact angle 

(Andrew, Bijeljic and Blunt, 2014c; Singh, Branko and Blunt, 2016), the study of fluid 

saturation, and multiphase flow (Karpyn, Piri and Singh, 2010; Kumar, 2009; Wang et al., 

1984). These new observations together with increased computational capacity have driven the 

refinement of pore-scale flow simulation techniques (Blunt, 2017, 2001; Blunt, King and Scher, 

1992; Valvatne and Blunt, 2004). 

As aforementioned, reservoirs are initially filled with water. Therefore, it is assumed that 

they were originally water-wet (Bobek, Mattax and Denekas, 1958; Richardson, Perkins and 

Osoba, 1955). In this way, the collapse of water films and the adhesion of organic components 

on mineral surfaces can lead to oil affinity. According to Yao et al. (2021), the stability of the 

water film is related to the charges at the rock/water and water/oil interface, whose main control 

is pH. If both interface charges are similar, an electrostatic repulsion occurs between the 

interfaces, resulting in film stability. Otherwise, an attraction between the interfaces leads to 

the destabilization of the film. In carbonates, the net charge at the rock/water interface usually 

is positive, while the oil/water interface is negative for pH greater than 3, as studied by Hirasaki 

(1991). In this way, the water film is destabilized, and wettability inversion can occur by 

asphaltene interactions with the rock. Although asphaltene precipitation is commonly referred 

to as a wettability inverter, typically light and medium crude oils have a greater capacity for 

asphaltene precipitation when compared to heavy oils (Boer, de et al., 1995; Leontaritis and 

Mansoori, 1988; Shikhov, Li and Arns, 2018). 

Although mechanisms of oil entrapment in oil-wet rocks have been known and studied 

for many decades, their imaging is often challenging, as the oil is retained in discontinuous 

films or in microporous areas that are commonly below the resolutions typically obtained by 

µCT X-ray techniques and commonly are blurred by noise. On the other hand, secondary 

electron microscopy (SEM) images have submicrometer resolution with a very low noise level. 

Therefore, this work aims to understand the fluids saturation and oil entrapment in oil-wet 

conditions coupling X-ray µCT, SEM, and QEMSCAN images, relating them to petrographic 

features in particulate microporous carbonate from the Barra Velha Formation (BVF), Santos 

Basin, Brazil. 

6.3 Geological Context 
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The Santos Basin is situated on the southeastern Brazilian coast between the Campos and 

Pelotas Basins, whose limits are the Cabo Frio High to the north and the Florianópolis High to 

the south (Figure 6-1). It has around 352,000 km2 and is located practically all offshore. The 

Basin's sedimentation began with the rifting of the Gondwana supercontinent during the Early 

Cretaceous, which evolved into a passive margin during the formation and development of the 

Atlantic Ocean (Davison, 2007; Rabinowitz and LaBrecque, 1979; Szatmari, 2000; Turner et 

al., 1994). The Basin's stratigraphy is divided into three Supersequences (Moreira et al., 2007): 

Rift, Post-rift, and Drift (Figure 6-2). 

  

Figure 6-1 - Approximated localization of the Santos Basin and the Pre-salt Province. (Reproduced from 
Herlinger et al., (2020)). 

The sample studied belongs to the BVF, whose reservoirs host the largest oil 

accumulations in the Brazilian Pre-salt. The BVF, deposited during the post-rift stage, covers 

the Itapema Formation stratigraphically located in the Rift Supersequence. The Itapema 

Formation is composed of thick bioclastic deposits known as Coquina (Carvalho Antunes, de, 

Guerrero and Jahnert, 2024; Chinelatto et al., 2020b; Rocha, Favoreto and Borghi, 2021), 

whose analogs in the Campos Basin have had significant production since the 1980s 

(Baumgarten, 1985; Baumgarten et al., 1988; Bruhn et al., 2003; Horschutz and Scuta, 1992; 

Thompson, Stilwell and Hall, 2015). BVF is separated into Lower and Upper by the Intra-

Alagoas unconformity. It is covered by the Ariri Formation formed by a thick package of 

evaporites deposited during the first marine incursions that mark the beginning of the drift phase 

of the Santos Basin (Moreira et al., 2007). 
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Figure 6-2 - Stratigraphy of the continental deposits of the Santos Basin (Moreira et al., 2007). 

The in-situ lacustrine carbonate deposits of the BVF were formed by the precipitation of 

calcite crusts with fascicular-optical texture that are referred to as stromatolites or shrubstones 

(Gomes et al., 2020b; De Ros and Oliveira, 2023; Terra et al., 2010), together with laminites 

formed by calcite and microcrystalline dolomite. Associated with carbonate precipitation are 

Mg-clays (Netto, Pozo, Manuel, et al., 2022; Netto, Pozo, M., et al., 2022; Silva, da et al., 

2021), whose preservation and dissolution relationships play an important role in the 

compartmentalization and generation of secondary porosity in these reservoirs and Campos 

Basin analogs (Herlinger et al., 2020; Herlinger, Zambonato and De Ros, 2017; Tosca and 

Wright, 2015; Wright and Barnett, 2015, 2020). Finally, intraclastic rocks, such as the one we 

are using in this work, were formed from intraclastic particles predominantly originating from 

the fragmentation of in-situ rocks (such as calcite shrubs and spherulites, and laminites), Mg-

clays ooids and peloids, and siliciclastic grains (Barnett et al., 2021; Herlinger et al., 2023; 

Rossoni et al., 2024). These intraclastic rocks constitute important reservoirs in the main fields 

of the Santos Basin (Barnett et al., 2021; Rodríguez-Berriguete et al., 2022). 

6.4 Materials and Methods 

6.4.1 Materials 
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The sample utilized in this study was extracted from a core and subsequently subjected 

to cleaning using the Soxhlet extraction technique for the removal of crude oil residues (API, 

1998). The porosity of the sample, determined through the helium pycnometer method, was 

found to be 21.2%, while its density was measured at 2.71 g/cm². The cylindrical plug, taken 

from the core, has a diameter of 7.79 mm and a height of 25.67 mm. Before saturating the 

sample, the plug underwent plasma cleaning process, as described in detail by Kumar (2009). 

This technique, notable for its operation at low temperatures and the absence of chemical 

solvents, efficiently removes organic impurities that adhere to the mineral surfaces. The plasma 

cleaning restores the sample's original wettability by eliminating any residual organic 

compounds. The apparatus employed consists of a vacuum chamber connected to a 

radiofrequency generator and a water vapor supply line. When the water vapor is ionized within 

the chamber, the organic contaminants break down and are expelled in the form of H¢O, CO¢, 

and CO (Kumar, 2009). 

The sample comprises a well-sorted, massive intraclastic grainstone, with sub-rounded 

particles averaging a radius of approximately 0.4 mm. Interparticle porosity is predominant, 

though reduced by rhombohedral dolomite cementation and compaction. The particles are 

occasionally replaced by dolomite, quartz, and alkali feldspar. Other diagenetic phases 

appearing as traces include pyrite, barite, dawsonite, rutile, and strontianite. Intraparticle 

dissolutions are abundant, with dimensions ranging from hundreds of micrometers to 

microporosity. In this study, we are assuming that all unsolved porosity by X-ray µCT imaging 

is considered microporosity, in other words, below our image resolution (3.57 microns). 

According to mineral mapping conducted with QEMSCAN, the sample comprises 93.4% 

calcite, 3.9% dolomite, 1.2% quartz, and traces of the minerals mentioned above. Figure 6-3 

illustrates the general aspect of the rock. 

The fluids used in the experiments comprise 1.5M sodium iodide (NaI) brine solution and 

a synthetic crude oil mixture. Synthetic crude oil contains 5% bitumen, 30% conventional crude 

oil, 30% n-hexadecane (C16H34), and 35% toluene. The SARA analysis of the oil reveals the 

composition as follows: 42.17% saturates, 38.12% aromatics, 3.95% resins, and 1.23% 

asphaltenes. 
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Figure 6-3 3 X-ray µCT longitudinal slice (a), QEMSCAN (b), and BSE (c) images showing the aspect of the 
studied sample. 

6.4.2 Methods 

6.4.2.1 Experimental Procedure 

The centrifuge method for fluid substitution and capillary pressure measurement was first 

introduced by Hassler and Brunner (1945) and later improved by Slobod et al. (1951). 

According to these authors, the capillary pressure ( ) can be related to the rotation speed ), 

distance from the rotor center ( ), and fluid density differences (�Ã):  
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In a drainage/imbibition experiment, a saturated core plug is rotated at varying speeds 

while the displacing fluid replaces the saturating fluid. Fluid saturation is measured after 

equilibrium is reached, allowing the calculation of capillary pressure based on rotation speed. 

To reduce pressure variation along the core, the sample was flipped during rotation. Due to the 

small pore volume, the fluid volumes are hard to measure directly. In this way, saturation was 

determined using image processing. The stages of the experiment are referred to as drainage 

(water replaced by oil) and imbibition (oil replaced by water), consistent with laboratory 

wettability experiments (McPhee, Reed and Zubizarreta, 2015). The experimental procedure 

had the following steps: 

1 - The sample was initially saturated with brine using a desiccator connected to a vacuum 

line to ensure thorough saturation. Subsequently, the sample was subjected to a pressing process 

to eliminate any entrapped air bubbles. This was achieved by applying a pressure of 560 bar for 

48 hours. 

2- Following the pressing process, the sample underwent its drainage phase by centrifuge. 

The sample was placed in a holder soaked in oil to perform the water replacement. The 

centrifugation was accomplished at a speed of 3000 RPM, which corresponds to a pressure of 

11.52 psi.  

3 - The next phase involved aging the sample in crude oil for a period of 16 days at a 

temperature of 60°C. During the aging process, the sample was X-ray imaged twice to monitor 

significant changes in saturation levels.  

4 - Once equilibrium conditions were established, the sample was subjected to 

spontaneous imbibition. In this stage, the sample was immersed in brine for a period of 5 days 

at 60°C.  

5 - Following this, the sample was submitted to forced imbibition in the centrifuge to 

replace the synthetic crude oil with brine. This process involved rotating the sample at two 

different speeds: 1000 RPM and 4000 RPM, corresponding to capillary pressures of 2.4 and 

38.8 psi, respectively.  

Throughout the experimental procedure, tomographic images were acquired at various 

stages to document the saturation changes in the sample. These stages included one image in 

the dry state, one image with the sample saturated with brine, one image after the first drainage, 

two images during the aging process (at 7 and 16 days), and one after spontaneous imbibition, 

and one image after each forced imbibition step.  
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6.4.2.2 Imaging 

The images were acquired using a helical space-filling scanning trajectory, as detailed by  

Sheppard et al. (2014) and Kingstone et al. (2018). In each imaging session, the sample was 

hosted in a Polyether ether ketone (PEEK) tube and scanned for approximately 24 hours. The 

tube was filled with crude oil for imaging post-drainage and aging processes, and with brine 

during both spontaneous and forced imbibition phases. To reduce beam hardening effect, 

backscattering, and water radiolysis (Burns and Sims, 1981; Elnur and Alshibli, 2023), 

aluminum filters were utilized on the X-ray source to attenuate low-energy (soft) X-ray photons 

(Cullity and Stock, 2014; Naji et al., 2016). Table 6-1 summarizes the acquisition parameters. 

Additionally, back-scattered electron (BSE) and QEMSCAN images were obtained from a 

polished section cut from the sample plug after the experimental procedures and subsequent 

cleaning by toluene for one week. 

Table 6-1 - X-ray acquisition parameters. 

 Dry and Saturated 
Drainage, Aging, and Spontaneous 
and Forced Imbibition 

Acquisition   

Mode 3040 x 3040 pixels 3040 x 3040 pixels 

Exposure time (seconds) 0.4 0.4 

Accumulations 12 12 

Geometry   

Sample distance to source (mm) 9 9,1 

Detector distance (mm) 350 350 

Voxel size (¿m) 3.574 3.614 

Vision Field (X) 9.436 9.54096 

Vision Field (Y) 9.436 9.54096 

Vision Field (Z) 25.735 15.61248 

Projections per revolution 3600 3600 

X-ray   

Voltage (kV) 100 100 

Current (micro ampere) 80 70 

Aluminum Filter on Source (mm) 4 4 
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Figure 6-4 3 Figure showing different steps of image processing (scale bar equals 4mm): dry (a) and 
registered brine saturated (b) images; c) difference between dry and saturated images, where lighter regions 

represent the influence of brine on X-ray attenuation; d) three-phase segmentation, including macropores 
(black), microporous (blue), and non-microporous minerals (olive); e) microporosity mapping, where darker 

values are higher values; f) registered drainage image; g) difference between dry and drainage images; h) 
water-filled microporosity mapping; and finally the segmented drainage image (i), showing that practically 

no water remained in macropores (oil in black and water in blue). 

6.4.2.3 Image Processing 

Following the reconstruction of the images, the µCTs were corrected to eliminate the 

beam-hardening effect. From a defined rotation axis (which should correspond to the 

experimental rotation axis) an average radial (distance from the rotation axis) intensity profile 
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was calculated. This profile is smoothed with a Gaussian function and then the µCT is 

normalized. Then, all the intensities are divided by this smoothed profile, therefore correcting 

the beam hardening artifact. Subsequently, all µCT, QEMSCAN, and BSE images were 

registered to the spatial coordinates of the dry image, by the methodologies described by 

Latham et al. (2008). Upon registration, the differential analysis between the dry image and the 

subsequent images was performed to evaluate subresolution porosity (Lin et al., 2016), which 

in this study we relate as microporosity. This procedure effectively neutralizes attenuation 

discrepancies among minerals, thereby accentuating differences in saturation, including both 

visible pores and sub-resolution pore regions (Figure 6-4c). 

Initially, three distinct phases were segmented using the differential images: 

macroporosity, microporous regions, and non-porous minerals (Figure 6-4d). The differential 

image was then utilized to quantify microporosity, specifically within the microporous regions. 

The other two regions were considered 0% microporous or macropore. It was posited that the 

smallest differences correspond to a microporosity of 0%, while the largest differences 

represent a porosity of 100% (Figure 6-4e). This approach facilitates the precise mapping of 

microporosity within the subsample. 

Given that the attenuation intensity of crude oil is akin to that of air, it became feasible to 

assess the water-filled microporosity by analyzing the differential between the dry image and 

the images saturated with brine and crude oil obtained during the drainage and imbition phases 

(Figure 6-4f and g). Subsequently, the ratio between the microporosity map and the water-filled 

porosity map was used to determine the water saturation (Sw) within the microporosity for both 

drainage and imbibition images. Finally, Sw in the macroporosity was ascertained through 

segmentation using the converging active contours (CAC) method (Sheppard, Sok and 

Averdunk, 2004) (Figure 6-4i). With Sw values obtained for both macro and microporosity, the 

total Sw could be estimated. Finally, crude oil and brine were segmented directly on BSE and 

QEMSCAN pores, allowing an increase in resolution which gives a detailed configuration of 

fluids occupancy inside porous media (Figure 6-5). 

6.5 Results and Discussion 

6.5.1 Drainage and Aging 
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After centrifugation at 3000 RPM, equivalent to 11.52 psi, practically all the water from 

the macroporosity was drained. According to the segmentation of µCTs, the Sw in 

macroporosity was around 1.59%, located in droplets generated by water snap-off or in 

intraparticle macropores. On the other hand, the Sw in micropores was 26.24%, significantly 

higher than in the macropores, resulting in a total Sw equal to 8.10%. After aging in crude oil, 

a small decrease in macro and micro Sw was observed, 1.5 and 24.95% after 7 days, and 1.33 

and 21.95% after 16 days, corresponding to a total Sw of 7.63 and 6.77%, respectively. This 

result indicated that the irreducible water was relegated to the micropores in both intraparticle 

and intracrystalline pores, even though most were filled with oil (Figure 6-6 and Figure 6-7). 

 
Figure 6-5 3 Segmented BSE (a) and X-ray µCT (b) registration, and coupled two-phase oil/brine 

segmentation (c) (scale bar equals 4mm). 

Water snap-off indicates affinity for oil, where most large pore surfaces were in contact 

with oil. No significant difference was observed in macro Sw during aging. This indicates that 

the water droplets were steadily trapped during drainage and were completely disconnected 

from the aqueous phase in the center of the pores. 

After aging, part of the intraparticle pores becomes filled with oil (Figure 6-6). This 

indicates that even narrow throats can be reached by oil, resulting in brine drainage in the 

microporosity. This confirms the strong oil-wettability condition even in regions where the rock 

did not come into contact with oil during centrifuge drainage. The irreducible water is 

predominantly located in the micropores, hence the greater the macroporosity, which is mostly 

well-connected interparticle pores, the smaller the microporosity, and consequently, the lower 

the water saturation in the sample. Since macroporosity is directly related to total porosity 

(Figure 6-8a), we can correlate total porosity and Swi. In other words, the higher the total 

porosity, the lower the Swi (Figure 6-8b). 
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Figure 6-6 3 Template showing details of the water replacement: a and b represent BSE and QEMSCAN 

images, while c, e, and g are X-ray µCTs after drainage and aging (7 and 16 days), and d, f, and h are the X-
ray coupled BSE segmented images. The image sequence clearly shows the oil increase in intraparticle pores 

during aging. 

The saturation profile across the sample does not show significant variation in Sw (Figure 

6-7). Provided the maximum pressure is found at the face of the sample, a Sw gradient should 

be expected. Considering the sample was flipped during the test, an increase in Sw should be 

expected in the center of the sample, where the capillary pressure was lower. This indicates that 

the predominantly oil-wet behavior of the rock is more important in brine replacement by oil 

than the imposed capillary pressure to which the sample was subjected. This observation 

indicates that oil-wet reservoirs should have a thin or negligible transition water zone. 
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Figure 6-7 3 Saturation profiles after drainage and aging, including micro (a), macro (b), and total Sw (c). 

6.5.2 Spontaneous Imbibition 

After spontaneous inhibition, the total Sw reached 21.45%, representing an increase of 

more than 10% compared to the Sw measured after drainage and aging processes. The macro 

Sw increased to 18.61%, while the micro Sw reached 28.05%. Although this process is referred 

to as spontaneous imbibition, we can see a typical oil drainage behavior (Figure 6-9). In the 

spontaneous imbibition stage, the sample was immersed (soaked) in brine within a test tube. 

Thus, despite being minimal, the pressure exerted by the brine column inside the test tube 



161 

(approximately 3 cm in height) is sufficient to displace some of the oil located within the 

macropores due to the wide pores and throats of this rock. Moreover, we can see that the water 

saturation is larger in the higher slices (Figure 6-10), which were at the bottom of the test tube 

during the spontaneous imbibition, asserting the impact of pressure on oil replacement, 

therefore assuring the oil-wet behavior speculated in the drainage step. 

 

 
Figure 6-8 - Correlation between total and macroporosity (a), Swi and total porosity (b), and total Sor and 

macro porosity (c), total porosity (d), micro Swi (e), and macro Swi moving averages across the sample, 
calculated slice per slice. 
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Despite the modest increase of approximately 6% in the micro Sw (a relatively minor 

augmentation when juxtaposed with the macro Sw), no significant alterations were discerned 

in the coupled segmentation (Figure 6-9). Given that the Sw calculation is conducted utilizing 

µCT scans with a resolution of 3.6 microns, the interface between macropores and the mineral 

surface becomes blurred, which hinders the segmentation. Consequently, a considerable portion 

of this nebulous region is categorized as microporosity, thereby affecting the quantification of 

micro Sw. In essence, the observed decrease in micro Sw is, in reality, attributable to oil 

drainage within the macropores. 

 
Figure 6-9 3 Plot showing BSE (a), QEMSCAN (b), and X-ray µCTs before (aging after 16 days) (c) and after 

spontaneous imbition (e), and the segmented coupled BSE X-ray µCTs (d and f). In the aging images (c and d) 
we can see droplets of brine inside the pores trapped by snap-off. The last image pair (e and f) shows the 

replacement of oil by water in the center of the pores, while small intraparticle pores remain mostly 
unaltered. 

The crude oil residing within the macroporosity was replaced by brine as the wetting 

phase, while only a minor fraction of the smaller pores, initially saturated with oil, was replaced 

by brine. This observation suggests that a small portion of the micropores exhibit water-wet 

characteristics. This underscores the fact that, despite the presence of a mixed wettability 

regime, the proportion of the rock wetted by oil in this sample is substantially greater than that 
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wetted by water. Consequently, given the oil affinity of the rock in this experiment, it can be 

classified as exhibiting an oil-wet regime. 

 
Figure 6-10 3 Plots exhibiting the micro (a), macro (b), and total (c) Sw profiles before (aging after 16 days) 

and after spontaneous imbibition. 

6.5.3 Forced Imbibition and Oil Trapping 

Following the first forced imbibition step at an equivalent pressure of 2.4 psi, the macro 

Sw was 98.29%, while the micro and total Sw were 67.82% and 89.14%, respectively. The 

second step indicated micro Sw increasing to 80.53%, while macro Sw rose to 99.69%, resulting 

in a final Sw of 93.94%. The analysis of saturation profiles indicates that oil displacement in 

the macropores was highly efficient, with no clear saturation gradient observed due to capillary 
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pressure differences along the sample. This is likely because the pressure required for oil 

displacement in the macropores is quite low. Conversely, the saturation profile in the 

microporosity shows a distinct gradation, with higher Sw values at the center of the sample, 

indicating that the pressure necessary for oil removal in this region was not achieved. The 

saturation profiles are found in Figure 6-11. 

 
Figure 6-11 - Saturation profiles after the three steps of forced imbibition (micro (a), macro (b), and total 

Sw). 

Although some residual oil is observed in the interparticle porosity, which constitutes the 

majority of the macroporosity, the quantity is quite small, confined to a few oil films and some 

more complex pore corners (Figure 6-12). Under oil-wet conditions, the residual oil is primarily 

controlled by capillary pressure; that is, the higher the pressure, the greater the amount of oil 
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displaced from the pores. Once the oil phase becomes disconnected, the oil can remain trapped. 

Given that the interparticle porous system of the grainstone specimen is well-connected, with 

large pores and throats, the oil is displaced with relatively low pressures, resulting in highly 

efficient oil displacement in the macropores. 

Conversely, it is observed that most of the residual oil is located within intraparticle pores 

of varying dimensions, predominantly small pores. These pores are formed by irregular 

dissolutions resulting from the destabilization of particles composed of magnesian clays, 

fracture enlargements, and intracrystalline porosity due to the internal dissolution of dolomites, 

among others. Since these pores tend to be poorly connected, their pore throats are narrow, 

which hinders oil drainage. 

 
Figure 6-12 3 Forced imbibition images: a and b are the BSE and QEMSCAN images, while c and d, and e and f 
are the pair X-ray µCT and the segmented coupled BSE X-ray µCT images of the two steps of forced imbibition 

at 2.7, and 21.8 psi. The images exhibit the oil trapped in small intraparticle pores and adhered as films to 
some mineral surfaces in interparticle pores. 

Sor decreases with the increase in macro porosity (Figure 6-8c), even though the 

correlation is quite scattered. This impacts the relationship between Sor and total porosity 

(Figure 6-8d), given that macroporosity constitutes most of the rock9s porosity. This occurs 

because the oil is trapped in the microporosity, and as porosity increases, the relative fraction 
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of particles reduces, where the microporosity is located. The initial oil saturations show 

different impacts on Sor: while micro Swi seems to not correlate with Sor (Figure 6-8e), macro 

Swi has a negative correlation (Figure 6-8f). Since both irreducible water and residual oil 

predominantly reside in the microporosity, an increase in both quantities should be expected in 

the presence of a high microporous volume, even though we cannot see a clear correlation. On 

the other hand, the greater the initial amount of oil in the macroporosity, the higher the Sor, as 

there is more oil to be trapped in the complex regions of the macropores. 

6.6 Role of Mineralogy 

The sample is predominantly composed of calcite (approximately 94%), with dolomite 

around 4% and quartz roughly 1%. As the particles are composed of calcite, most of the pore 

surface is constituted by this mineral (90.36%), followed by dolomite and quartz at 6.97% and 

1.45%, respectively. Thus, the amount of surface coverage is proportional to the mineral content 

in the sample. However, since the particles are made of calcite, its specific surface area tends 

to be lower than other minerals. Conversely, dolomite primarily occurs as crystals 

approximately 50 microns in size, filling the interparticle porosity, and exhibits a higher specific 

surface area when compared to calcite. Finally, quartz appears mainly as crystals that replace 

the particles, often with dimensions less than 10 microns. Although located within the particles, 

quartz is frequently associated with intraparticle pores, which results in a higher specific surface 

area compared to the other minerals. Figure 6-13 illustrates the textural and mineralogical 

characteristics of the rock. 

The amount of water adhered to calcite surfaces decreases from 16% to 13% during aging. 

In contrast, dolomite remained nearly unaltered around 9%, while quartz remained around 12%. 

The fact that dolomite preferentially occupies interparticle porosity, which primarily represents 

macroporosity, likely explains why its surfaces are more covered by oil, as the macro Sw was 

close to zero. On the other hand, intraparticle pores, typically micropores, are mainly coated by 

calcite and usually require higher pressures to be accessed due to their poor connectivity, which 

likely explains the higher amount of water adhered to calcite. Quartz, although mainly 

associated with intraparticle porosity, had a percentage of surfaces covered by water like 

dolomite, nearly 11%. Despite these variations, the differences between the minerals are small 

and do not imply a visible change in wettability after aging (Figure 6-14). 
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Figure 6-13 3 BSE (a) and QEMSCAM (c) showing details of mineral localization. The particles are made of 

calcite, covering most of the pore surfaces including inter and intraparticle. Dolomite is located mostly inside 
interparticle macropores, while quartz replaces calcite, which means it has contact principally with 

intraparticle pores. 

 
Figure 6-14 3 Water surface coverage considering calcite, dolomite, and quartz during the experimental 

steps. 
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Following the spontaneous imbibition step, the percentage of surfaces covered by water 

increased by approximately 6% in calcite, while both dolomite and quartz experienced 

an increase of 1 and 3%. Although the differences among the minerals are undeniably 

significant, it is observed that the larger volumes of oil entered the macropores in a 

heterogeneous manner. Consequently, it is plausible that the sampling may have been affected, 

given that the distribution of dolomite and quartz is not homogeneous throughout the sample. 

After the forced drainage steps, the number of surfaces wetted by water rose to 75 and 

78%, considering calcite and dolomite. This indicates that the relative abundance between these 

minerals does not imply differences that could impact oil trapping. On the other hand, the 

amount of water adhered to the quartz after forced drainage was 62%. Since quartz tends to be 

water-wet, this result seems counterintuitive. A possible explanation for this behavior lies in 

the fact that quartz occurs within rock particles. Since most of the residual oil is hosted in 

intraparticle pores (Figure 6-15), the association of these pores with quartz possibly explains 

this result. In this way, there is probably a superimposition of porous geometry on the mineral 

composition regarding the oil trapping. 

6.7 Conclusions 

In this study, we performed drainage and imbibition cycles on a grainstone carbonate 

sample from the Barra Velha Formation of Brazil's Pre-salt utilizing X-ray imaging in 

conjunction with BSE and SEM techniques. From our investigation, we have drawn the 

following conclusions: 

 Although the drainage and imbibition experiments conducted in a centrifuge 

yielded satisfactory results, they were not performed under reservoir conditions. 

Nevertheless, they represent a simple and cost-effective alternative that elucidates 

crucial aspects of multiphase configuration at the pore scale. 

 The coupling of µCT with BSE and QEMSCAN imaging significantly enhances 

the understanding of fluid saturation in pores where X-ray techniques have 

limitations related to resolution. In addition to resolving micropores, QEMSCAN 

mapping elucidates the fluid saturation mineral controls. 



169 

 
Figure 6-15 3 X-ray µCTs including the dry sample (a), brine saturated sample (b), and image after forced 

imbibition cycle (c). The comparison of the b and c images reveals the localization of trapped oil inside 
intraparticle pores (white arrows). In image b all pores are filled with brine, therefore they show a high 

attenuation value (bright gray), while the same pores in image c present lower attenuation when filled with 
residual oil (dark gray). 

 After drainage and aging cycles, oil replaced nearly all the brine in the 

interparticle macropores, relegating it to small, disconnected droplets caused by 

snap-off. Additionally, a significant portion of the intraparticle micro and 
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macroporosity was filled with oil after drainage, with a further increase during 

aging, highlighting the rock9s affinity for oil. 

 Post-forced imbibition imaging indicated that nearly all the oil content located in 

the interparticle macropores was replaced by water, with a small amount 

remaining as films covering the surfaces of the minerals. Conversely, most of the 

oil remained trapped in the intraparticle macro and micropores, regions where the 

porous medium tends to be poorly connected. 

 Finally, no significant impact of mineralogical variations on fluid saturation was 

identified in any of the experimental cycles, indicating that the oil-wet condition 

is not affected by the relative variations of the minerals, which are predominantly 

calcite and dolomite. 
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7. Article 6: HERLINGER, R.; KNACKSTEDT, M.; YOUNG, Y.; 

VIDAL, A. C. Pore Scale Fluid Saturation and Oil Trapping in 

Heterogeneous Carbonates Under Mixed-Wet Conditions: Insights 

from Brazilian Pre-salt Reservoirs. SPE Journal, Submitted, 2025 

7.1 Abstract 

This study investigates fluid saturation and oil entrapment mechanisms at the pore scale 

in a highly complex carbonate sample from the Barra Velha Formation, Santos Basin, Brazil. 

For this purpose, we performed drainage and imbibition cycles followed by X-ray imaging to 

evaluate the impact of sedimentological features such as primary and secondary textures and 

minerals on fluid saturation. Under the applied conditions, the sample behaved mixed-wet in 

macropores and water-wet in micropores. Rock texture was a critical factor influencing fluid 

distribution during primary drainage and forced imbibition. Both irreducible water and residual 

oil were predominantly trapped in intracrystalline pores, where narrow pore throats limited 

connectivity and accessibility. During primary drainage, oil initially behaved as a non-wetting 

phase, transitioning to oil-wetting at higher pressures in macropores, while its entry into smaller 

pores remained restricted. Aging and spontaneous imbibition caused fluid redistribution, with 

water returning to tighter regions, especially in dolomite- and quartz-rich areas. Oil entrapment 

was primarily dictated by rock texture, with minor influence from mineral species on local 

entrapment. This behavior is likely due to the dominance of calcite, which displayed a higher 

affinity for oil during aging and spontaneous imbibition. Imaging of secondary drainage 

revealed complex wettability patterns: smaller pores retained their water-wet behavior, while 

macropores exhibited mixed conditions. Mineral precipitation, recrystallization, and 

dissolution contributed to surface roughness, promoting water-wet conditions in some, resulting 

in highly heterogeneous saturation patterns. These findings provide detailed insights into fluid 

behavior in complex carbonate systems, emphasizing the interplay between rock texture, 

wettability, and fluid distribution, with implications for carbonate reservoir characterization and 

enhanced oil recovery. 

Keywords: Pre-salt, X-ray µCt, wettability, pore scale, oil trapping 
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7.2 Introduction 

The understanding of fluid saturation at the pore scale has significantly increased in recent 

years, driven by advancements in computational resources and X-ray tomographic techniques 

(Wildenschild and Sheppard, 2013). X-ray imaging with micron-scale resolution has enabled 

direct visualization of fluid configurations within pores, thereby confirming many theories 

proposed in previous decades (Blunt, 2017; Blunt et al., 2013). Moreover, this progress has 

improved simulation methods of pore-scale flow processes and machine-learning techniques to 

predict petrophysical properties (Alqahtani et al., 2020; Bakke and Øren, 1997; Blunt, King 

and Scher, 1992; Hazlett, 1995; Keehm, 2004; Sudakov, Burnaev and Koroteev, 2019). This 

information is crucial for geological modeling and simulation, thus reducing uncertainties in 

reservoir management, which can increase hydrocarbon recovery. 

The flow of fluids in porous media is governed by mineralogy, the involved fluids, flow 

velocity, and environmental conditions. The mineral composition is of great significance as it 

substantially impacts the wettability of the medium. Generally, carbonate reservoirs tend to 

have an affinity for oil, whereas siliciclastic ones are more favorable to water adhesion 

(Anderson, 1985, 1986, 1987). Even though this assumption is widely propagated; exceptions 

are related in the literature (Anderson, 1986). In addition to mineral composition, the nature of 

the involved fluids plays a crucial role in interfacial tension, thereby affecting wettability 

conditions (Alqam et al., 2021; Blunt, 2017; Iyi et al., 2021). The abundance of asphaltenes in 

crude oil is highly discussed as a common inverter of wettability, since this organic compound 

can precipitate on walls of minerals, favoring crude oil adherence (Iyi et al., 2021; Kim, Boudh-

Hir and Mansoori, 1990; Mohammed et al., 2021). Lastly, temperature and pressure conditions 

have a significant impact on interfacial tension, thus influencing contact angles and, 

consequently, the fluid configuration (Hassan, Nielsen and Calhoun, 1953; Jennings, 1967; 

Toutouni et al., 2021). 

The flow of fluids in reservoirs tends to have low velocities, typically referred to as low 

capillary number flow (Bashiri and Kasiri, 2011; Guo, Song and Hilfer, 2020; Speight, 2017). 

In these cases, the capillary forces will be more important than viscous ones. Hence, fluid 

configuration during water flooding processes will be strongly governed by capillary pressure, 

primarily controlled by the abovementioned parameters. Hence, the capillary forces will have 

an important impact on relative permeability, a paramount petrophysical property, whose 

Ã
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uncertainty may have a massive economic implication in oil production projects, since it hugely 

impacts production prediction curves. 

The term multi-phase flow refers to applications involving wetting and nonwetting fluid 

phases in porous media, including two-phase systems like oil-water and gas-water, and three-

phase systems like gas-water-oil (Blunt, 2017; Wildenschild and Sheppard, 2013). After some 

multi-phase imaging in soil science in the 1980s, Wang et al., (1984) published the first research 

in the petroleum engineering field where CT was used to map oil saturation distribution in a 

Berea sandstone core. Early studies in the 1980s used medical CT scanners, but these were 

limited in resolution, focusing on macro-scale phenomena rather than pore-scale details. Over 

time, advancements in lab-scale and synchrotron-based microtomography (µCT) significantly 

improved resolution, allowing for detailed pore-scale imaging of porous media and fluid 

distributions (Blunt, 2017; Sadeghnejad, Enzmann and Kersten, 2021a; Wildenschild and 

Sheppard, 2013). 

The first true pore-scale images were produced in the 1990s (Clausnitzer and Hopmans, 

2000; Jasti, Jesion and Feldkamp, 1993). Since then, µCT has become an essential tool in 

studying multi-phase flow in porous media, enabling high-resolution 3D imaging of pore 

structures and fluid interactions. Recent research continues to explore these applications, 

focusing on pore-scale resolution and processes in multi-phase systems. 

The overwhelming majority of pore-scale investigations published focus on samples with 

low heterogeneity, typically composed of particles, such as Bentheimer and Berea sandstones 

(Bakke and Øren, 1997; Humphry et al., 2014b; Peksa, Wolf and Zitha, 2015; Ryazanov, Dijke, 

Van and Sorbie, 2010; Valvatne and Blunt, 2004), and Ketton ooidal carbonate (Andrew, 

Bijeljic and Blunt, 2014b; Karlsons et al., 2022; Wang et al., 2024). Imaging these particulate 

samples, which have large pores and minimal interstitial cement, facilitates the examination of 

contact angles and interfaces, whose morphology often closely aligns with the resolutions 

achieved through X-ray tomography techniques. Conversely, this study aims to investigate fluid 

saturation and oil entrapment in a highly heterogeneous in-situ carbonate rock from the Barra 

Velha Formation, Brazilian Pre-salt, whose textures and mineralogy differ significantly from 

conventional carbonate reservoirs. Moreover, this theme is typically a petroleum engineering 

study area, hence here we intend to bring the discussion to the geologists' audience. To this end, 

drainage and imbibition cycles were conducted using a centrifuge, coupled with X-ray 
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tomography imaging, to understand the lithological control on fluid configuration and oil 

entrapment in these rocks. 

7.3 Geological Setting 

The Santos Basin, located on Brazil's southeastern margin, is bounded by the Cabo Frio 

High to the north and the Florianópolis platform to the south (Figure 7-1). It was formed during 

the early Cretaceous/Late Jurassic by tectonic extension, the event that preceded the separation 

of South America and Africa and led to the formation of the Atlantic Ocean (Blaich, Faleide 

and Tsikalas, 2011; Davison, 2007; Nürnberg and Müller, 1991). The basin's stratigraphy is 

divided into three super-sequences (Moreira et al., 2007): Rift, Post-rift, and Drift (Figure 7-2). 

 

Figure 7-1- Approximated Santos Basin and Pre-salt Province geographical position. (Reproduced from 
Herlinger et al., (2020)). 

The rift phase began with the deposition of Camboriú tholeiitic volcanic rocks over the 

Precambrian basement during the Lower Cretaceous (Mizusaki, Thomaz Filho and Cesero, 

1998). This was followed by the Piçarras Formation in the Barremian, characterized by 

siliciclastic rocks, Mg-clay ooids, and peloids deposited in a highly alkaline environment (Leite, 

Silva and De Ros, 2020). The Itapema Formation, accumulated during the Jiquiá Local Stage, 

is notable for its bioclastic thick bivalve rocks ("coquinas") deposits (Chinelatto et al., 2020b; 
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Rocha, Favoreto and Borghi, 2021). A regional stratigraphic marker at the top of these deposits 

generated by an uplift and consequent erosion marks deep changes in environmental conditions. 

  

Figure 7-2 - Stratigraphy of the continental deposits of Santos Basin (Moreira et al., 2007). 

The Barra Velha Formation unconformably covers the Rift Super-sequence and is divided 

into Lower and Upper sections by the Intra-Alagoas unconformity. This Formation was 

accumulated in an alkaline lacustrine environment and includes calcite shrub crusts, Mg-clay 

with calcite spherulites, laminated carbonates, dolomite, and intraclastic rocks (Barnett et al., 

2021; Gomes et al., 2020b; Herlinger et al., 2023; Netto, Pozo, Manuel, et al., 2022; Rodríguez-

Berriguete et al., 2022; Wright and Barnett, 2015, 2020).  

Calcite crusts, also known as shrubstones or stromatolites, are composed of fibrous calcite 

aggregates ("shrubs") with distinctive fascicular-optic extinction (Kendall, 1977), which grows 

vertically and merge horizontally, resulting in crusts of varying dimensions (Herlinger, 

Zambonato and De Ros, 2017; Lima and De Ros, 2019; Rodríguez-Berriguete et al., 2022; 

Wright and Barnett, 2015). These minerals are closely associated with Mg-clay deposition, 

which occurs as laminations, peloids, ooids, and coatings (Herlinger et al., 2020; Netto, Pozo, 

M., et al., 2022; Silva, da et al., 2021). The Mg-clays are highly reactive, often dissolving and 

generating secondary porosity (Tosca and Wright, 2015; Wright and Tosca, 2016). Frequently 

they were replaced by dolomite crystals and other minerals. Finally, calcite spherulites, which 
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are fibro-radial aggregates, often replace Mg-clays laminations during early diagenesis, in a 

similar way to what happens in the Campos basin Pre-salt reservoirs (Carvalho et al., 2022; 

Herlinger, Zambonato and De Ros, 2017; Lima and De Ros, 2019). 

7.4 Materials and Methods 

7.4.1 Materials 

The sample utilized in this study was plugged from a 1.5= horizontal plug, and cleaned 

according to Soxhlet methodology for crude oil extraction (API, 1998). The plug exhibits a 

helium porosity of 15.10 % and a permeability of 65.8 mD. The sub-plug extracted from the 

main plug has a radius of 6 mm and a height of 36 mm. After the sampling, the sub-plug 

underwent plasma cleaning according to the method described by Kumar (2009). This is a low-

temperature and free-of-solvents procedure that can remove organic compounds impurities 

adhered to mineral surfaces, therefore restoring the original wettability condition. The apparatus 

consists of a vacuum chamber linked to a radiofrequency generator and a water vapor line. Once 

the vapor gets ionized, the organic contaminants are removed as H2O, CO2, and CO (Kumar, 

2009). 

The sample comprises calcite spherulites with an average diameter of approximately 1 

mm (Figure 7-3), Mg-clay matrix replacive dolomite at the base (Figure 7-4a), and fine to silt-

sized quartz and alkali feldspar clasts. Calcite shrubs up to about 10 mm in height overlie this 

material, with the intershrub porosity heterogeneously filled mainly by dolomite (Figure 7-4). 

Finally, the shrubs are irregularly overlain by another muddy cycle, featuring spherulites and 

matrix replacive dolomite. In addition to the well-connected porosity between dolomite crystals 

and intershrub spaces (Figure 7-4c), the rock exhibits abundant intracrystalline dissolution 

porosity with various morphologies: microporosity marking the growth of the shrubs, related 

to dissolution or recrystallization processes, dissolutions associated with peloid inclusions 

within the shrubs, dissolved dolomite cores, as well as channels associated fractures 

enlargement (Figure 7-4). The mineralogy predominantly comprises calcite, with subordinate 

amounts of dolomite, quartz, and alkali feldspar. Additionally, smaller quantities of dawsonite, 

pyrite, goyazite, rutile, kaolinite, barite, fluorite, anhydrite, siderite, strontianite, zircon, apatite, 

and ilmenite were mapped by QEMSCAN (Table 7-1, Figure 7-5). 
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The fluids employed in the experiments consist of a 1.5M NaI brine solution and a 

synthetic crude oil mixture composed of 5% bitumen, 30% crude oil, 30% C16H34, and 35% 

toluene. The SARA (saturates, aromatics, resins, and asphaltenes) analysis and stability 

indicators of the oil constituents are presented in Table 7-2.  

 

Table 7-1 3 QEMSCAN mineral quantification. 

Mineral Composition Section 1 Section 2   
Area (%) Area (%) 

Calcite CaCO3 85.09 86.53 

Dolomite CaMg(CO3)2 8.92 9.40 

Quartz SiO2 2.40 2.32 

Alkali Feldspar (K,Na)AlSi3O8 1.10 1.05 

Dawsonite NaAlCO3(OH)2 0.40 0.35 

Pyrite FeS2 0.11 0.20 

Goyazite SrAl3(PO4)(PO3OH)(OH)6 0.08 0.09 

Rutile TiO2 0.01 0.02 

Kaolinite Al2Si2O5(OH)4 0.02 0.01 

Barite BaCO3 <0.01 <0.01 

Fluorite CaF2 <0.01 <0.01 

Anhydrite CaSO4 <0.01 <0.01 

Siderite FeCO3 <0.01 <0.01 

Strontianite SrCO3 <0.01 <0.01 

Zircon ZrSiO4 <0.01 <0.01 

Apatite Ca2(PO4)3F <0.01 <0.01 

Ilmenite FeTiO3 <0.01 <0.01 

Unclassified 
 

1.84 <0.01 

 

Figure 7-3 3 Photomicrography showing the main aspect of the sample. The sample is mainly composed of 
calcite spherulites (sph) and shrubs (shr), and matrix replacive dolomite (dol). The macroporosity is mainly 
formed by intershrub and intercrystalline porosity, while a large volume of micropores occurs inside crystals 

of shrubs, spherulites, and dolomite. 

 

 



178 

 

Figure 7-4 3 X-ray µCT central slice of studied sample illustrating components and textural aspects of the 
rock: a) calcite spherulites (sph) and matrix replacive dolomite (dol) associated with quartz (qzo) and alkali 

feldspar (k fel); b) calcite shrub (shr) with abundant microporosity (yellow arrow) and rounded 
intracrystalline pores formed by clay peloids dissolution (red arrow); c) intershrub porosity filled by partially 

dissolved dolomite (red arrow); d) channel porosity resulting from fracture enlargement (red arrow). 
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Figure 7-5 3 QEMSCAN mineral mapping. 

Table 7-2 3 Composition of the organic components of the synthetic crude oil mixture and their stability 
indicators. 

 Saturates  Aromatics  Resins   Asphaltenes  Volatiles + 
LOCa 

Asphaltenes 
to resins 

CIIb index 

 wt% wt% wt% wt% wt%   

Crude oil  38.4 5.6 6.2 1.49 48.3 0.24 - 

Bitumen  12.9 28.8 41.7 15.72 0.9 0.38 0.41 

Synthetic oil 42.17 38.12 3.95 1.23 14.54 0.31 1.03 
a LOC 3 loss on column (mainly dissolved gas and light-end paraffin).  

b CII (Colloidal Instability Index) = (Saturates + Asphaltenes) [wt%]/ (Resins + Aromatics) [wt%]. 
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7.4.2 Methods 

7.4.2.1 Drainage and Imbibition 

The centrifuge method for fluid substitution and capillary pressure measurement was 

initially proposed by Hassler & Brunner (1945) and later refined by Slobod et al. (1951). In a 

drainage/imbibition experiment, a saturated core plug is placed in a specific holder and 

subjected to rotation at different velocities. The displacing fluid is placed into the holder to 

replace the fluid saturating the sample. Once fluid saturation reaches equilibrium inside the 

core, the volume of produced fluid is measured, enabling the calculation of fluid saturation at 

the capillary pressure corresponding to the rotation speed, as described by Hassler & Brunner 

(1945): 

 

where r represents the distance from the centrifuge axis, Ë the rotational speed, and �Ã is 

the density difference between the fluid phases. Since capillary pressure varies with distance 

from the center of rotation, there is a corresponding variation in capillary pressure along the 

length of the sample, as illustrated in Figure 7-6. To minimize this pressure variation and ensure 

more homogeneous fluid saturation, the sample was flipped during the rotational process at 

each speed step. In each drainage and imbibition step, the sample was spun for at least 21 hours, 

with a minimum of 4 hours of rotation on each side. Given the small pore volume of the sample, 

the volumes of oil or water produced are quite small, making direct measurement rather 

imprecise. Therefore, saturation was determined through image processing, which will be 

detailed below. Although the replacement of the wetting phase by the non-wetting phase is 

typically defined as drainage, and the displacement of the non-wetting phase by the wetting 

phase is defined as imbibition, here we are referring to the stages as usually used in laboratory 

wettability and relative permeability experiments (McPhee, Reed and Zubizarreta, 2015). 

Hence, replacing water with oil was referred to as drainage, and replacing oil with water was 

referred to as imbibition to simplify the identification of experimental stages. 
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Figure 7-6 3 Cartoon showing the relationship between rotor distance and decrease of capillary pressure 

across the sample. 

7.4.2.2 Experimental Procedure 

The sample was initially imaged via X-ray tomography in its dry state and subsequently 

saturated with brine using a desiccator connected to a vacuum line. The sample was then placed 

under a press to ensure the removal of air bubbles at a pressure of 560 bar for 48 hours. 

Following this, the sample underwent brine drainage (primary drainage) by centrifugation. It 

was placed in a holder soaked in oil to facilitate water removal. Two centrifugation steps were 

performed at speeds of 400 and 1000 RPM, corresponding to pressures of 0.25 and 1.56 psi, 

respectively. The sample was imaged after each step. The sample was then aged in crude oil at 

60ºC for 7 days and scanned again to verify any significant changes in fluid configuration. Once 

equilibrium conditions were achieved, the sample underwent spontaneous imbibition. In this 

stage, the sample was immersed in brine for 13 days at 60ºC. Afterward, the sample was 

subjected to forced imbibition in the centrifuge for crude oil replacement by water. It was 

rotated at three speeds: 500, 1000, and 4000 RPM, corresponding to pressures of 0.38, 3.03, 

and 48.52 psi, respectively. Finally, the sample was soaked in crude oil for the second drainage 

stage at 60ºC, which lasted 27 days. Tomographic images were acquired after each experimental 

stage, including 1 in the dry state, 1 with the sample saturated with brine, 2 during the primary 

drainage, 1 after aging, 1 after spontaneous imbibition, 3 during forced imbibition, and finally, 

2 during the second drainage. 
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7.4.2.3 X-ray Image Acquisition 

The images were acquired following the helical space-filling scanning trajectory 

(Kingston et al., 2018; Sheppard et al., 2014). Each image acquisition took approximately 24 

hours, with the sub-plug hosted in a Polyether ether ketone (PEEK) tube, soaked in either crude 

oil or brine, depending on the experimental stage (drainage or imbibition). Aluminum filters 

were applied at both the source and detector to attenuate low-energy (soft) X-ray photons and 

prevent backscattering and water radiolysis (Burns and Sims, 1981; Cullity and Stock, 2014; 

Elnur and Alshibli, 2023; Naji et al., 2016). Table 7-3 summarizes the key acquisition 

parameter. In addition to the tomographic images, back-scattered electrons (BSE) and 

QEMSCAN images were acquired from two polished sections cut from the sub-plug after the 

experimental procedure and sample cleaning. 

Table 7-3 3 Main X-ray acquisition parameters. 

Sample state Dry 

Primary Drainage and 

Aging 

Spontaneous and Forced 

Imbibition, and Second Drainage 

Acquisition    

Mode (pixels) 3040 x 3040  3040 x 3040  3040 x 3040  

Exposure time (seconds) 0.4 0.4 0.4 

Accumulations 12 12 12 

Geometry    
Sample distance to 

source (mm) 14.3 15.3 15.3 

Detector distance (mm) 400 400 400 

Voxel size (¿m) 4.96925 5.31675 5.31675 

Vision Field (X) 13.51636 14.46156 14.46156 

Vision Field (Y) 13.51636 14.46156 14.46156 

Vision Field (Z) 29.8155 28.71045 28.71045 

Projections per 

revolution 3600 3600 3600 

X-ray    

Voltage (kV) 100 100 100 

Current (micro ampere) 80 80 60 

Aluminum Filter    

Detector (mm) 4 4 4 

Source (mm) 1 1 2 
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7.4.2.4 Image Processing 

After image reconstruction, they were initially processed to remove the beam hardening 

effect by applying a radial normalization. All acquired images, including X-ray µCT, 

QEMSCAN, and BSE were registered according to the dry sample (Latham, Varslot and 

Sheppard, 2008; Latham, Varslot and Seppard, 2008). Once registered (Figure 7-7b), the 

difference between the dry image and the other images was calculated (Figure 7-7c). This 

procedure eliminates attenuation differences between minerals, highlighting differences in 

saturation, including visible pores and regions with pores below the image resolution.  

The difference image between the dry and saturated images was used to segment porosity 

and microporosity (Lin et al., 2016). Initially, three phases were separated using the difference 

between dry and saturated images, including macropores, microporous (under-resolution 

porosity), and non-porous minerals (Figure 7d). Then, the difference image was used to 

calculate microporosity, which is applied only in the microporous region. The smallest 

differences correspond to microporosity 0, while the largest differences are porosity 100%. This 

way, it is possible to map the microporosity of the subsample (Figure 7-7e). 

As the attenuation of crude oil tends to be close to that of air, it is possible to evaluate the 

water-filled microporosity using the difference between the dry and the image-saturated with 

brine and crude oil (Figure 7-7g and i). Then, from the ratio between the microporosity map 

and the porosity map filled with water, the water saturation (Sw) in the microporosity is 

obtained in drainage and imbibition images (Figure 7-7j). Finally, Sw in the macroporosity was 

obtained by segmentation by the converging active contours (CAC) method (Sheppard, Sok 

and Averdunk, 2004) (Figure 7-7h). Once we have the Sw in both the macro and microporosity, 

the total Sw can be estimated. The figure 7-7 shows the image processing steps and saturation 

calculation procedure. 

7.5 Results 

After the drainage cycles, the total water saturation (Sw) in the sample reached values of 

71.52% and 34.37%, under capillary pressures of 0.25 and 1.56 psi, respectively. Micro Sw was 

measured at 90.61% and 48.02%, while macro Sw recorded values of 27.03% and 2.56%. 

During the aging process, total Sw exhibited a variation below 0.3%. After spontaneous 
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imbibition, total Sw increased by approximately 4% to 38.97%, while macro and micro Sw rose 

to 8.1% and 52.21%, respectively. Forced imbibition cycles raised total Sw to 71.72%, 79.50%, 

and 85.17% after the three steps, suggesting a residual oil saturation (Sor) of about 15%. Macro 

and micro Sw values were observed at 88.97%, 95.74%, and 97.25%, and 64.31%, 72.54%, and 

79.98%, respectively. Finally, in the second drainage phase, total Sw levels were 55.25% and 

48.13% after 11 and 27 days, with macro Sw at 36.46% and 27.75% and micro Sw at 63.30% 

and 56.87%. Figure 7-8 presents the relationship between saturation and capillary pressure (Pc) 

during the drainage and imbibition stages, as well as the saturation trend over time in the second 

drainage. Figure 7-9 and Figure 7-10 further illustrate the saturation profile throughout the 

sample, and Figure 7-11 exhibits the 3d segmented images showing the oil and water occupancy 

in macropores. 

The percentage of surfaces in contact with water exhibits distinct evolutionary trends 

across the primary minerals constituting the sample, as illustrated in Figure 7-12. Calcite, alkali 

feldspar, and kaolinite display a similar evolution, with a relatively modest rate of increase from 

the aging stage to the end of forced drainage. This behavior contrasts with that of quartz, and 

particularly dolomite, whose water contact increases are more pronounced than those of the 

previously mentioned minerals. Dawsonite, however, shows markedly different values, with 

significantly lower water contact percentages compared to the other minerals. 

7.6 Discussion 

7.6.1 Impact of Textures on Primary Drainage 

The sample under study exhibits high textural complexity, generally determined by the 

primary texture of the rock (Figure 7-4). Its laminated character introduces significant 

petrophysical contrasts, with regions dominated by muddy sediment originally composed of a 

mixture of Mg-clay and siliciclastic sediment. Although initially rich in Mg-clays, the muddy 

region is mainly composed of dolomite and spherulites, diagenetic components nucleated 

within the muddy sediment before clay destabilization (Herlinger, Zambonato and De Ros, 

2017; Tosca and Wright, 2015). As a result, while this region of the rock contains well-

connected pores between dolomite crystals and spherulites, the pores tend to be small and 

typically are below the resolution threshold used, thus being predominantly classified as 
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microporosity, which results in low permeability. Conversely, the shrub-rich regions contain 

large, well-connected pores, resulting in a greater pore volume and higher porosity. While 

intershrub pores are partially occupied by dolomite (Figure 7-3 andFigure 7-13), the volume is 

minor and does not significantly impede fluid flow. 

 

Figure 7-7 3 Fluxogram showing the main steps of image processing: a) dry image with higher attenuations 
represented by lighter colors; b) registered brine saturated image: brine has higher attenuation than 

minerals; c) attenuation difference between a and b images; d) three phase segmentation, exhibiting porosity 
(black), non-microporous (ocher), and microporous minerals (olive); e) porosity map: white represents 0% 
and black 100% of porosity; f) registered image with two fluids: higher attenuations with brine and lower 
representing crude oil; g) attenuation difference between a and f images; h) macropore segmentation with 

oil (black) and water (blue); i) water-filled microporosity map; and j) microporosity Sw map. 



186 

 
Figure 7-8 3 Plots illustrating the relationship between Sw and Pc during primary drainage and forced 

imbibition phases, as well as Sw versus time during the second drainage phase. 

Following the first drainage cycle step, oil effectively infiltrates the intershrub pores 

(Figure 7-13), whose throats possess substantial dimensions. Upon completion of the second 

drainage step, the entire intershrub pore volume becomes fully saturated with oil, representing 

the majority of the macroporosity (Figure 7-13). Consequently, the macro Sw approaches a 

value close to zero (Figure 7-8). The dolomite within these intershrub pores is sparse and does 

not hinder the replacement of water by oil. In contrast, the intercrystalline pores of the muddy 

region have smaller throats that are inaccessible under the imposed capillary pressure (3.03 psi). 

Furthermore, the rock contains a substantial amount of intracrystalline pores, especially within 

the shrubs observed in the BSE image (Figure 7-13b); however, the resolution of X-ray µCTs 

cannot adequately resolve it. These pores, resulting from dissolution and recrystallization 

processes, are poorly connected and inaccessible to oil under the current pressure conditions, 

leading to high micro Sw content (Figure 7-8 and Figure 7-13). 
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Figure 7-9 3 Saturation profile throughout the sample during drainage, aging, and spontaneous imbibition 

phases. 

After the first drainage step, water behaves as the wetting phase, indicating that oil 

displaces it through applied pressure without significant wettability inversion. This can be very 

clearly seen in the segmented image (Figure 7-13d and f), where the oil advances through the 

center of the larger pores. Thus, the rock retains its original wettability characteristics, 

confirming the effectiveness of plasma cleaning. At this stage, fluid saturation is strongly 

controlled by the texture governing pore throat geometry, while mineralogy appears to exert 

minimal impact, although crystal location and morphology may influence fluid flow dynamics. 

Following the second drainage step, water was trapped in some large pores by snap-off, 
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denoting that during the drainage cycle, the wettability was inverted inside the macroporosity 

at least in part of the pores. 

 

Figure 7-10 3 Saturation profile along the sample during the forced imbibition and secondary drainage steps. 
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Figure 7-11 3 Segmented 3D images in water (blue) and oil (gray). Images a to b correspond to the primary 

drainage cycle, c to e forced imbibition, and f to g second drainage. 
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Figure 7-12 3 Bar chart showing the percentage of mineral surfaces in contact with water during each 

experimental stage. 

7.6.2 Implications of Mineralogy on Wettability During Aging and Spontaneous Imbibition 

As previously discussed, in addition to the commonly observed textural complexity in 

marine carbonates, the sample exhibits a broad compositional diversity. This intricacy contrasts 

with marine carbonates, whose mineralogy predominantly comprises calcite and dolomite. The 

mineralogy typically found in non-marine carbonates results from deposition in a continental 

environment, where the compositional availability greatly influences geochemistry in the 

depositional setting (Armenteros, 2010; Gierlowski-Kordesch, 2009; Tanner, 2010), unlike 

marine carbonates which tend to have a homogenized composition. Besides depositional 

geochemistry, reservoirs in the Barra Velha Formation and analogous formations have 

experienced significant input from hydrothermal fluids that altered the primary textures and 

mineralogy (Herlinger, Zambonato and De Ros, 2017; Lima et al., 2020; Lima and De Ros, 

2019). Despite being quite varied, the mineralogy is dominated by calcite and dolomite, with 

smaller amounts of quartz, dawsonite, alkali feldspar, and other minerals. Given that the 

prevalent mineralogy is carbonate, it is expected that the wettability tends toward oil, as 

observed in most carbonate reservoirs mentioned in the literature (Chilingar and Yen, 1983; 

Treiber and Owens, 1972). 

After the drainage cycles, oil entry in small pores is limited (Figure 7-13). Conversely, a 

tendency for oil entry into these pores could be explained by oil-wet wettability. However, such 

behavior is not observed, indicating that the rock behaves as water-wet in smaller pores, as no 
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oil enters these pores during aging. Most microporosity is located inside calcite shrubs, although 

it is also noted that in tighter regions between dolomite crystals and quartz or alkali feldspar 

clasts, oil does not enter during aging either. Thus, it seems that mineralogy, although 

controlling pore morphology, does not influence wettability inversion in micropores due to 

mineral species variation. 

 
Figure 7-13 3 Template illustrating the dry sample X-ray µCT (a), BSE image (b), µCTs following the first 

(0.25 psi) and second (1.56 psi) drainage steps (c and e), and a segmented composition using µCT and BSE 
images, which reveals porosity that cannot be resolved by the resolution employed in the X-ray imaging, and 

therefore were quantified as microporosity. The BSE image (b) depicts the intershrub pores (white arrow) 
partially filled with dolomites (green arrow) and abundant microporosity. The µCTs (c and d) exhibit the oil 

with lower attenuation (white arrow) and the macro- and microporous brine-filled regions with higher 
attenuation (red arrow). The segmented coupled X-ray µCT/BSE images (d and f) illustrate the oil (purple) 

occupying the larger and brine (cyan) the smaller pores, wherein the advancement of the oil through the 
center of the pore (red arrow) can be observed, exhibiting a morphology typical of water-wet conditions after 

the first drainage step (d), and culminating in the total occupation of the pore. 

On the other hand, there is a general increase in the amount of water in contact with the 

minerals after aging (Figure 7-12), indicating that water trapped by snap-off during drainage 

may have been reconfigured, partially wetting the minerals. Although the number of surfaces 

in contact with water has increased across all minerals, the rate of increase varies by mineral. 

While calcite shows an increase of around 4% and alkali feldspar 7%, quartz increases by about 
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10%, and dolomite around 15%. This behavior indicates that mineralogy locally controls 

wettability, showing a greater favorability of dolomite and quartz to water compared to other 

minerals, a fact that can be directly observed in the images (Figure 7-14). So, although 

mineralogy is not impactful in the first drainage, it is observed that, during the resting stages, 

fluid reconfiguration occurs depending on the mineral location in the macropores. 

 
Figure 7-14 3 Template illustrating the increase in water clusters (highlighted in red) during the aging and 

spontaneous imbibition stages. The BSE image (a) reveals the highly heterogeneous porous framework 
dominated by calcite (indicated by the blue arrow) and dolomite (white arrow) minerals. Figure b presents a 

combined segmented BSE/µCT image showing water (cyan) and oil (purple) after the drainage phase. 
Figures (c) and (d) display the water increase after aging and spontaneous imbibition, respectively. 

After spontaneous imbibition, there is a greater increase in water-covered surfaces, with 

rates of 2.36, 15.63, 3.73, and 6.10% for calcite, dolomite, alkali feldspar, and quartz, 

respectively. This result confirms the changes generated during aging, indicating local 

variations in wettability caused by mineral variations. Furthermore, it is possible to identify that 

the mineral's location and its relationship with the surrounding mineralogy may affect these 

results, as minerals like dawsonite, for example, are located filling large pores where almost all 
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brine was displaced by oil during drainage. Hence, there are practically no surfaces in contact 

with water. Although other minerals may influence wettability, they do not occur in significant 

quantities and thus have a minimal global impact on the overall fluid saturation. Finally, it is 

paramount to emphasize that resolution may significantly influence the quantification of 

surfaces covered by water or oil, as fluid films are often thinner than the resolutions typically 

employed. 

7.6.3 Oil Trapping 

Given the observed mixed wettability behavior, it is anticipated that oil is entrapped both 

by adherence to minerals and by snap-off mechanisms. However, water wettability 

predominantly occurs in microporosity, whereas oil wettability prevails in macroporosity. As 

the oleic phase remains connected, oil drainage is observed, signifying that oil displacement by 

water occurs through the drainage of the wetting phase, essentially the inverse of the oil-to-

water displacement process in the initial experimental stage. This indicates that oil is 

continuously drained through smaller throats with increased capillary pressure, a phenomenon 

evident in the images (Figure 7-15). Since the pores and throats among the shrubs are 

considerably large, a substantial amount of oil is drained at low pressures. Oil snap-off trapping 

is not observed, indicating that the entrapment primarily occurs under oil-wet conditions in 

macropores. Since the smaller pores appear to be water-wet, oil snap-off may occur within these 

pores; however, due to resolution limitations, this process cannot be adequately observed. 

Similar to the first drainage, in forced imbibition, oil drainage is strongly conditioned by 

the imposed capillary pressure as discussed previously. Although the predominant mineralogy 

globally controls the overall wettability of the sample, no local variations are observed that 

could imply different oil entrapment patterns. During the steps of forced imbibition, 

discontinuous entrapment related to complex regions of the porous medium is observed (Figure 

7-15). In the first step, a large amount of oil is trapped between dolomite crystals, both those 

filling the intershrub porosity and those replacing magnesian clays in muddy regions of the 

sample. As pressure increases, part of this oil is removed, leaving most of the residual oil in 

intracrystalline pores, mainly within the calcite shrubs, where the connection is more complex, 

resulting in isolated clusters of trapped oil. 

Although mineralogy influences wettability, as discussed above, there is no clear 

preference for the adherence of residual oil to specific mineral surfaces. The evolution of 
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contacts between minerals and oil during the forced imbibition cycle is more related to the 

mineral's location within the porous framework. This means minerals in areas with greater 

accessibility, such as larger intershrub pores and throats, tend to experience more efficient oil 

removal. Consequently, minerals that tend to fill macropores (e.g., dolomite and dawsonite) 

located among the shrubs will exhibit a greater reduction in oil-mineral contact rates during 

forced imbibition than those that replace shrubs. This is because intracrystalline pores are less 

accessible and tend to retain more oil. Hence, while capillary pressure is predominant in the 

process, mineralogy significantly influences texture construction rather than controlling the 

adhesion forces that impact wettability variations observed during aging and spontaneous 

imbibition cycles. 

 
Figure 7-15 3 Trapping after forced imbibition cycle: (a) BSE image and segmented coupled BSE/µCT images 

after steps 1 (a), 2 (b), and (c) which corresponds to capillary pressure of 0.38, 3.03, and 48.52 psi. 

7.6.4 Second Drainage Cycle 

The secondary drainage imaging allowed for a very clear observation of the spontaneous 

displacement of water by oil within the porous medium. Although it is a common laboratory 

procedure for calculating wettability indices like Amott and USBM (Amott, 1959; Donaldson, 
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Thomas and Lorenz, 1969) along with the other drainage and imbibition cycles, this 

experimental stage is typically not imaged. Despite being underestimated, this stage reveals 

important details about the displacement process of the non-wetting phase in a rock that has 

undergone wettability inversion, detailing the degree of wettability reversibility. 

As macroporosity predominantly exhibits an affinity for oil as previously discussed, the 

entry of this phase occurs through the attraction of mineral surfaces. Oil saturation begins with 

films of this phase that grow until the macropore is completely filled (Figure 7-16). This process 

proved quite efficient in the sample, ultimately removing more than 70% of the oil present in 

the macropores (Figure 7-8), confirming the predominance of oil wettability in these pores. 

Sometimes, the filling is incomplete, with water trapped in the form of bubbles by snap-off, 

commonly observed throughout the images. 

 
Figure 7-16 3 Segmented X-ray µCT showing water replacement by oil spontaneously after 11 (a) and 27 (b) 

days. 
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Conversely, microporosity exhibits an opposing behavior, characterized by a limited 

entry of oil (Figure 7-17). Quantification through X-ray µCT indicated an increase of slightly 

over 20% in micro Sw (Figure 7-8). Although this value seems high, it is crucial to emphasize 

that the quantified microporosity in this study refers to the unresolved porosity of X-ray 

tomography. Consequently, a significant portion of these values represents the unsolved edges 

of macropores, resulting in an overestimation of microporosity. Figure 7-17c shows that part of 

the small pores was flooded with oil during drainage and it was mostly removed after forced 

imbibition Figure 7-17e. After the second drainage Figure 7-17g, the oil replaced the water in 

macropores, but part of the small pores where the oil entered during primary drainage remained 

with water. Thus, it is stressed that there was no wettability inversion in these pores in 

significative amounts, confirming the water-wet nature of the smaller pores. 

Even though there is a predominant preference for oil adherence, part of the 

macroporosity is water-wet, confirming that macropores, while preferentially oil-wet, exhibit 

mixed wettability, as previously discussed. This characteristic results in a rather complex 

pattern of oil-to-water displacement (Figure 7-18), whose resolution sometimes can hinder the 

interpretation. As oil grows in the pores from mineral surfaces and eventually fills the entire 

pore, the region filled with oil exerts enough pressure to displace water from the water-wet 

pores. Consequently, oil enters the center of the pore in water-wet regions, indicating a 

simultaneous drainage and imbibition process. This phenomenon often creates an intriguing 

pattern, where one surface of the pore is oil-wet, while the opposite surface can be water-wet, 

which results in deformed oil/water surfaces. Moreover, at least part of the wettability 

differences is linked to rock texture, as the roughness generated by textural complexity (e.g. 

calcite recrystallization, dolomite precipitation, or dissolution) creates water-filled spaces, 

leading to localized water-wettability differences as studied by various authors (Mehmani et 

al., 2019; Morrow, 1975; Wolansky and Marmur, 1998). This pattern is not evident during the 

first drainage, likely because the applied pressure allows oil to enter small indentations, 

confirming the impact of capillary pressure on wettability. 

Once again, the relationship between wettability and mineralogy is complex, with the 

mineral's location complicating the analysis. Qualitative observations from the images show 

that many dolomite surfaces are covered by water in pores inundated with oil, indicating that 

this mineral may have a greater affinity for water concerning calcite, although quantitative 

results are ambiguous due to the mineral's location. On the other hand, other abundant minerals 
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such as quartz and alkali feldspar are located in tighter regions of the porous medium where 

microporosity predominates. Consequently, oil does not enter these pores, complicating the 

interpretation of the role of these minerals on wettability, even though previous experimental 

stages suggest that quartz has a greater affinity for water compared to calcite and alkali feldspar. 

 
Figure 7-17 3 BSE (a) and segmented X-ray µCT/BSE images illustrate the evolution of fluid saturation 

during first drainage (c), forced imbibition (e), and second drainage (g). Figures b, d, f, and h provide close-up 
views of the dashed areas in figures a, c, e, and g, respectively. In figure h, the red-highlighted regions show 
the saturation differences between the primary and second drainage: in these pores, water was displaced 

during the primary drainage but remained present after the second drainage. 
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Figure 7-18 3 3D segmented images showing the evolution of saturation during the second drainage 

exhibiting highly complex pattern: a) After 11 days, the advancement of oil (black) can be observed as both a 
wetting phase (red arrow) and a non-wetting phase (black arrow) in the same pore, as well as the 

occupation of the pore by oil with a typical non-wetting pattern (yellow arrow); b) After 27 days, oil 
progresses in filling the pores, with the formation of water snap-off (blue arrows), confirming the mixed 

wettability condition. 

7.7 Conclusions 

In this study, we conducted drainage and imbibition cycles, followed by X-ray imaging 

at the pore scale, on a carbonate sample from the Barra Velha Formation in the Santos Basin, 

Brazil. The aim was to investigate fluid saturation and oil entrapment mechanisms at the pore 

scale. The main conclusions derived from the analyses are as follows: 

 During the experiment, the sample exhibited mixed wettability in macropores, whereas 

micropores predominantly displayed water-wet behavior. 

 The texture of the carbonate matrix played a critical role during the primary drainage 

and forced imbibition cycles, influencing the distribution of initial water saturation and 

residual oil. Irreducible water and residual oil were primarily trapped in intracrystalline 

pores, where the complexity of narrow pore throats limited connectivity and 

accessibility. 

 During the primary drainage cycle, oil first acted as the non-wetting phase and tended 

to wet the rock only under higher pressure conditions, particularly in macroporosity. In 

smaller pores, oil invasion was significantly restricted due to the geometric constraints 

of the pore throats. 



199 

 Through aging and spontaneous imbibition, fluids underwent reconfiguration, with 

water tending to migrate back into narrower regions, especially in areas associated with 

dolomite and quartz denoting the importance of these minerals on wettability. 

 Oil entrapment was primarily governed by the rock texture, with no clear influence from 

mineralogy. This behavior appears to be related to the predominant presence of calcite, 

which exhibited a higher affinity for oil compared to other minerals during aging and 

spontaneous imbibition stages. 

 Imaging after secondary drainage revealed important aspects of water-oil replacement 

behavior following wettability inversion. No significant wettability inversion was 

observed in smaller pores, while macropores were predominantly oil-wet, even though 

we can see locally a mixed-wet behavior generated by mineral variations and textural 

framework patterns. 

These findings provide detailed insights into fluid saturation and trapping mechanisms in 

complex carbonate systems, with significant implications for characterizing carbonate 

reservoirs and enhancing oil recovery strategies. 
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8.1 Abstract 

This study presents a methodology that integrates multiphase imaging with pore-scale 

simulations to derive relative permeability curves. Drainage cycles were performed using a 

centrifuge to displace brine with mineral oil until the sample reached the initial saturation 

condition for the experiment. Subsequently, the sample underwent spontaneous imbibition to 

replace the oil with brine. X-ray imaging was conducted after both the drainage and imbibition 

cycles to obtain saturation data for the sample. Post-drainage images were subdivided into sub-

samples to construct a capillary pressure curve. Hence, saturation was measured directly for 

each sub-sample, and pressure was estimated based on the distance from the centrifuge rotor. 

The relative permeability curve was derived through simulations conducted on segmented oil 

and water phases under various saturation conditions after spontaneous imbibition. The results 

obtained under water-wet conditions demonstrated agreement with experimentally derived 

relative permeability curves under analogous conditions. This methodology can be adapted and 

applied to predict these properties under reservoir conditions, providing valuable insights into 

the dynamics of multiphase flow. Unlike SCAL experiments, which do not allow for direct 

visualization of the porous medium, this approach enables the identification and analysis of 

operational challenges that might otherwise remain undetected or poorly understood. 

Keywords: relative permeability, X-ray µCT, digital rock physics 

8.2 Introduction 

Relative permeability traces back to the early days of the petroleum industry when there 

was a critical need to replicate waterflooding processes in laboratory settings to predict the 

behavior of fluids in the reservoir (Fettke and Copeland, 1931; Hassler, Rice and Leeman, 
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1936). This approach enabled the forecasting of reservoir productivity over its operational 

lifespan. Over the decades, relative permeability curves have become a benchmark in the 

petroleum industry, integrating into simulation models to predict fluid production (Behrenbruch 

et al., 2018; Moodie et al., 2021). Consequently, this laboratory data holds significant 

importance as it can influence the economic viability of a project, underscoring the critical need 

for its reliability (Moghadasi et al., 2015). 

Although they have been used for nearly a century, their results remain uncertain. These 

ambiguities may arise from a wide range of factors, including sampling, where the core must 

be intact, in other words, free from both natural fractures and those induced during sampling, 

as well as undamaged by the invasion of drilling fluids. Furthermore, the samples must be 

homogeneous (Mansour, Al et al., 2024) and representative in terms of rock typing (Kamath et 

al., 2005). Additionally, uncertainties tied to testing conditions, such as the methodology 

employed (steady-state or non-steady-state), can yield significantly different outcomes 

(Honarpour and Mahmood, 1988). Experiment parameters, including pressure, temperature, 

and capillary number, can also profoundly influence the results (Kamath et al., 2005). Capillary 

end effects may further disrupt measurements, sometimes drastically (Huang and Honarpour, 

1998). Issues like sample damage during testing, such as fines migration, can induce pressure 

drops, complicating the accurate determination of the curve's endpoint values (Zeinijahromi et 

al., 2016). Thus, the sole reliable approach is to observe fluid configurations at the pore scale 

directly through X-ray microtomography (µCT) to comprehend relative permeability results. 

Accordingly, we present a methodology for deriving relative permeability curves by integrating 

multiphase X-ray µCT with pore-scale simulations. 

8.3 Materials and Methods 

The subsample was extracted from a 1.5= core plug with helium porosity 23.4% and 

permeability 101mD obtained from a reservoir of the Barra Velha Formation, Brazilian Pre-

Salt. The sub-sample was plugged with a diameter of 3 mm and a length of 8.9 mm. The fluids 

utilized in the experiments consisted of a 0.75 M NaI brine solution and mineral oil (CAS 8042-

47-5). The rock specimen is a well-sorted, massive grainstone composed of carbonate particles 

approximately 100 µm in size composed predominantly of calcite. 
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The sub-sample was saturated with brine under vacuum, followed by pressing at 560 bar 

for 48 hours to eliminate air bubbles. Drainage was then performed by centrifuging the sample 

at 500, 1000, 2000, and 4000 RPM (0.13, 0.5, 2.02, and 8.1 psi) to displace the brine with oil 

for 21 hours. The sample was flipped during the process to ensure more homogeneous 

saturating through the sample. Then the sample underwent spontaneous imbibition soaked in 

water for 17 days. Throughout the experiment, tomographic imaging documented saturation 

changes at the dry state (Figure 8-1), brine saturated, post-drainage, and after-imbibition stages. 

The images were acquired using a helical scanning trajectory (Sheppard et al., 2014) with the 

sample placed in a 4 mm NMR glass tube and scanned for approximately 24 hours. The tube 

was filled with mineral oil for imaging after drainage and brine after spontaneous imbibition. 

The µCTs were acquired with a 1-second exposure time, 12 averages, a voltage of 100 kV, 60 

µA, and a resolution of 1.5 µm. 

 
Figure 8-1 3 Longitudinal (a) and orthogonal slices (b) of the µCT, along with the segmented image (c), 

illustrating the homogeneous nature of the sample (scale bar = 1 mm). 

After image reconstruction, the µCTs were corrected for beam-hardening effects using a 

smoothed radial intensity profile, followed by normalization. The differential images technique 
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was employed to estimate microporosity volume (Lin et al., 2016). Pore/solid and brine/oil 

segmentations were determined using the converging active contours (CAC) method 

(Sheppard, Sok and Averdunk, 2004), from which porosities and fluid saturations were 

calculated. The capillary pressures reached during centrifugation were estimated using the 

equation below: 

 

where  is the capillary pressure,  is the rotation speed,  is the distance from the rotor 

center, and �  represents the density differences between the fluids. Absolute permeability, as 

well as oil and water permeabilities, were directly simulated using the Stokes-Brinkman method 

implemented in the Geodict software, utilizing the left identity right (LIR) solver (Linden, 

Wiegmann and Hagen, 2015). The method proposed by Brinkman (1947) is described by the 

following equations: 

 

 

where  represents the fluid pressure,  is the fluid velocity,  is the permeability tensor, 

 is the fluid viscosity, and  is the effective fluid viscosity. The sample image was subdivided 

into 36 regions, each comprising 5003 voxels, to compute the saturation versus capillary 

pressure, enabling the extraction of a high-resolution capillary pressure curve. Subsequently, 

the relative permeability was determined based on 20 regions of the sample, also defined by 

5003 voxels. In the final drainage cycle, relative permeabilities were calculated concerning the 

initial saturation condition (Swi). In addition to the 5003 voxel models, two models with 10003 

and 12503 voxels were simulated. Finally, permeabilities corresponding to varying saturation 

states were derived from the µCT dataset obtained following the spontaneous imbibition 

process, and the relative permeability model was adjusted according to the Brooks-Corey 

modified power-law model (Lake et al., 2014): 

 

 

where  and  represent the relative permeabilities of oil and water, respectively, , 

, , and  denote the oil, residual oil, water, and initial water saturations, respectively, 

and  and  are the fitting exponents for oil and water. 
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8.4 Results and Discussion 

The total porosity of the sub-plug, as determined via µCT, was 23.54%, closely aligning 

with the helium experimentally derived value. The porosities of the 500³ voxel models exhibited 

a range between 22.01% and 25.02%, while the absolute permeabilities spanned from 172.9 to 

663.1 mD. For the larger models, with resolutions of 1000³ and 1250³ voxels, porosities were 

measured at 23.24% and 23.34%, respectively, with corresponding permeabilities of 263.7 and 

292.4 mD. Notably, porosities remained consistent across the investigated scales. 

Permeabilities, however, demonstrated greater variability due to the influence of minor internal 

heterogeneities, which can substantially reduce permeability in larger investigation volumes. 

The representative elementary volume (REV) analysis indicated that porosity variations 

become negligible for volumes exceeding 450³ voxels, suggesting that the utilized volume is 

larger than the REV (Figure 8-2a). Drainage results showed that, at a pressure of 0.13 psi, oil 

did not enter the sample. With subsequent pressures, the sample9s saturation increased until 

stabilizing at approximately 17% (Figure 8-2b).  under initial saturation conditions revealed 

a maximum value of approximately 0.82. Other adjusting parameters using the Brooks-Corey 

model included  of 30%,  of 1.80,  1.87, and  of 0.14. For the simulated relative 

permeability values in the volume of size 1000³,  and  were 0.33 and 0.04, respectively, 

for a water saturation  of 0.38. Meanwhile, for the 1250³ sized-volume, the  values were 

0.25 and 0.06, respectively, considering a  of 0.44 (Figure 8-3). 

 

Figure 8-2 - (a) Analysis of porosity variation as a function of the model size for the determination of the REV; 
(b) Results of saturation calculations as a function of capillary pressure variation across the sample. 
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Figure 8-3 3 Relative permeability curves for water and oil resulting from direct simulation on the segmented 
oil and water phases (1500³, 21000³, and 31250³ sized models). The schematic above the curves illustrates the 

variation in fluid saturation across the simulated models (solid, brine, and oil in ocher, cyan, and black). 

The capillary pressure curve derived from the saturations of the sub-samples exhibits a 

homogeneous profile, indicating the absence of significant saturation variations attributable to 

lithological heterogeneities that might induce alterations in porosity, pore sizes, or their 

associated throats, and, consequently, in permeability. Furthermore, a pronounced transition 

zone, typically expected in more heterogeneous systems, is not observed, as we could expect 

due to sample homogeneity. In a broader context, it is evident that pressure variations along the 

sample can be substantial, driving differences in saturation. Accordingly, given that the sample 

face oriented toward the rotor center during testing experiences maximum pressure, while the 

opposite face is subjected to minimum pressure, it becomes feasible to construct a capillary 

pressure curve using a single centrifuge drainage cycle. This approach would significantly 

expedite the process of acquiring capillary pressure curves. 

The relative permeability curves demonstrated results consistent with experimental 

laboratory data of other fields obtained under water-wet conditions (Figure 8-4), even though 

they were derived during a spontaneous imbibition process. This observation suggests that oil 

trapping mechanisms and fluid distribution may be similar during spontaneous and forced 

imbibition. However, under oil-wet or mixed-wet scenarios, the pressure would be required to 



206 

displace oil, rendering the determination of relative permeabilities through a simple 

spontaneous imbibition process infeasible. Alternatively, a rapid core flooding process could 

be implemented to achieve partial oil replacement under laboratory or reservoir conditions or 

even under centrifugation, enabling the calculation of relative permeabilities. 

 

Figure 8-43 Comparison between the simulated curve and relative permeability curves obtained under 
water-wet conditions: 1 (Verre et al., 2007), 2 (Lin and Huang, 1990), and 3 (Khosravi, Simjoo and 

Chahardowli, 2024). Continuous and dashed lines represents  and  , respectively. 

While the method shows potential for coupling laboratory results with simulations to better 

understand plug-scale phenomena, the selection of the sample is critical. Permeability is 

significantly influenced by lithological heterogeneities due to its tensorial nature, and local 

variations in lithology can heavily impact results. Additionally, capillary pressure curves are 

sensitive to pore throat variations. Smaller samples, with fewer pores, are expected to have less 

variability of throats, resulting in thinner transition zones, and may also be affected by border 

effects at low pressures. Hence, the proposed method is subject to scale limitations, a challenge 

extensively discussed in the literature related to digital rock physics (Blunt, 2017; Karimpouli 

et al., 2018; Malik and Sharma, 2020; Sadeghnejad, Enzmann and Kersten, 2021b). 

8.5 Conclusions 

In this study, we present a straightforward methodology that integrates multiphase 

imaging with pore scale simulation to estimate relative permeability and directly measure 
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saturation for the construction of capillary pressure curves. The results obtained under water-

wet conditions demonstrated strong agreement with relative permeability curves derived 

experimentally under similar conditions. This approach can be adapted and employed to predict 

these properties under reservoir conditions, providing insights into multiphase flow dynamics. 

Unlike SCAL experiments, which do not allow for direct observation of the porous medium, 

this method offers a means to identify and understand operational issues that might otherwise 

remain undetected or poorly understood. 
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9. Conclusions 

This study integrates multiple methodologies across various observation scales, ranging 

from pore to well, to investigate the residual oil in reservoirs of the Barra Velha Formation 

within the Santos Basin, Brazil. The interpretation of the results allowed us to propose the 

following conclusions: 

The textural characteristics of the rocks in the Barra Velha Formation represent an 

important control on oil retention in reservoirs. Rocks with more complex textures, 

characterized by greater morphological and dimensional pore diversity, tend to exhibit higher 

residual oil saturation (Sor), according to analyses combining relative permeability data with 

petrography and X-ray µCT imaging. Thus, a correlation between sedimentary facies and oil 

retention tendencies can be drawn: in-situ rocks showed a higher tendency for oil retention due 

to their textural complexity, while laminated reservoirs dominated by intercrystalline porosity 

demonstrated greater sweeping efficiency. Reworked rocks showed better oil recovery when 

composed of fine particles, such as fine grainstones, whereas rudstones tended to exhibit higher 

Sor. 

X-ray µCT analysis following relative permeability tests under reservoir conditions 

indicated mixed wettability, both intra- and inter-sample. This result suggests that Sor also can 

vary independently of texture, even though when we compare rocks with the same wet 

conditions, the differences should be controlled by rock textures. In oil-wet rocks, Sor tends to 

be lower, as oil is trapped in corners and more complex regions, which represent a smaller 

relative volume of the porous system. Conversely, oil trapped under water-wet conditions tends 

to remain in the pore centers, occupying larger volumes. Thus, relative permeability data 

analysis indicates that most of the trapped oil is likely located at pore centers due to snap-off 

mechanisms in rocks where wettability may be mixed or water-wet, although a minor part of 

the experiments suggests oil-wet conditions. 

Sor analysis based on well log data indicated trends consistent with those from rock data, 

where Sor increases in rocks with complex porous systems, as opposed to more homogeneous 

rocks. This alignment between laboratory and well log data validates the upscaling of these 

results, in addition to indicating that conventional formation evaluation techniques, combined 

with machine learning, can be employed to propagate Sor data across other wells. 
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Pore-scale modeling of Pre-salt rocks proved to be an alternative for simulating at pore-

scale in a controlled environment. By systematically varying sedimentary and diagenetic 

textures, it was possible to assess the sensitivity of these variations on petrophysical properties. 

It was observed that dolomite content in the rocks homogenizes the porous medium, favoring 

oil drainage under water-wet conditions. On the other hand, increased surface area promotes oil 

retention under oil-wet conditions. 

High-resolution imaging under laboratory conditions during drainage and imbibition 

cycles in a centrifuge enabled detailed identification of saturation evolution under oil-wet and 

mixed-wettability conditions. In general, primary drainage was observed to be influenced by 

wettability when oil-wet conditions were stronger; otherwise, it was controlled by texture. 

Additionally, texture and mineralogy significantly affected pore-scale wettability, where pores 

smaller than 5 micrometers were generally water-wet. The analysis indicated that dolomite and 

quartz could locally affect wettability, although calcite predominance appeared to support a 

macro-scale wettability trend in the sample. Finally, it was highlighted that oil remained trapped 

after forced imbibition cycles primarily in pores within calcite shrubs where accessibility 

complexity was significant. 

These findings highlight the intricate interplay between texture, mineralogy, and 

wettability in controlling residual oil distribution, providing valuable insights for reservoir 

characterization and enhanced oil recovery strategies.  
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APPENDIX A - Statistics of Attributes Extracted from X-ray 

Microtomography - Article 1.  
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W22-S01 8.64E-01 2.20E+11 7.58E+13 2.31E+01 3.16E+01 

W22-S02 1.21E+00 2.06E+11 1.74E+14 2.36E+01 3.16E+01 

W22-S04 1.52E+00 3.51E+11 4.21E+13 2.39E+01 3.06E+01 

W22-S05 1.02E+00 3.95E+11 4.38E+14 2.34E+01 3.32E+01 

W24-S01 1.30E+00 1.06E+11 5.73E+13 2.39E+01 2.87E+01 



Sample Area3d 

Log_Std  

Area3d 

_Avg   

Area3d 

_Avg_w   

Area3d 

_Log_Avg   

Area3d_Log_ 

Avg_w   
nm² nm² nm² nm² nm² 

W24-S02 1.25E+00 1.24E+11 9.10E+13 2.38E+01 3.00E+01 

W24-S03 1.15E+00 1.27E+11 1.05E+14 2.36E+01 3.06E+01 

W24-S04 1.04E+00 1.23E+11 8.92E+13 2.35E+01 3.10E+01 

W24-S05 1.15E+00 2.24E+11 8.52E+13 2.36E+01 3.14E+01 

W25-S01 9.00E-01 4.11E+10 4.94E+13 2.33E+01 2.85E+01 

W25-S02 1.34E+00 1.76E+11 9.79E+13 2.38E+01 3.05E+01 

W25-S03 1.24E+00 1.32E+11 5.19E+13 2.36E+01 3.00E+01 

W25-S04 1.16E+00 1.91E+11 1.64E+14 2.35E+01 3.16E+01 

W26-S02 1.21E+00 1.25E+11 4.93E+13 2.36E+01 2.99E+01 

W27-S01 1.09E+00 1.68E+11 6.25E+13 2.34E+01 3.10E+01 

W27-S03 1.04E+00 3.67E+10 2.34E+11 2.36E+01 2.55E+01 

W27-S04 1.11E+00 5.74E+10 1.30E+13 2.36E+01 2.81E+01 

W27-S05 9.09E-01 2.77E+10 4.34E+11 2.34E+01 2.53E+01 

W27-S06 1.01E+00 3.53E+10 2.93E+11 2.36E+01 2.55E+01 

W28-S02 1.28E+00 1.14E+11 6.65E+12 2.35E+01 2.88E+01 

W28-S04 1.33E+00 2.95E+11 7.43E+13 2.42E+01 3.09E+01 

W28-S05 8.57E-01 2.79E+10 5.91E+12 2.33E+01 2.64E+01 

W29-S01 1.06E+00 6.21E+10 2.06E+13 2.35E+01 2.89E+01 

W29-S02 8.40E-01 4.15E+10 4.71E+13 2.32E+01 2.91E+01 

W30-S01 7.31E-01 1.95E+10 4.07E+11 2.33E+01 2.48E+01 

W30-S03 9.17E-01 1.25E+11 2.38E+14 2.34E+01 3.20E+01 

W30-S04 1.56E+00 2.84E+11 4.43E+13 2.42E+01 3.01E+01 

W30-S05 1.22E+00 1.32E+11 3.96E+13 2.36E+01 2.99E+01 

W30-S07 1.21E+00 1.15E+11 6.19E+13 2.36E+01 2.98E+01 

W30-S08 1.09E+00 8.46E+10 1.17E+14 2.36E+01 3.00E+01 

W31-S01 1.11E+00 1.57E+11 6.48E+13 2.35E+01 3.09E+01 

W31-S03 1.48E+00 4.36E+11 1.01E+14 2.38E+01 3.14E+01 

 

Sample Area3d_ 

Max  

Area3d_ 

Log_ 

Median  

Area3d_ 

Max  

Area3d_ 

Median 

Area 

3d_Std 

Crofton 

Perimeter 

Log_Std  
nm² nm² nm² nm² nm² nm 

W02-S01 2.32E+14 2.49E+01 3.31E+01 6.35E+10 2.09E+12 1.01E+00 

W02-S03 1.63E+13 2.50E+01 3.04E+01 7.40E+10 3.26E+11 1.19E+00 

W02-S04 4.94E+12 2.46E+01 2.92E+01 5.01E+10 5.17E+10 8.40E-01 

W02-S05 7.45E+12 2.45E+01 2.96E+01 4.55E+10 4.08E+10 7.10E-01 

W03-S01 1.96E+14 2.53E+01 3.29E+01 9.58E+10 5.14E+12 1.61E+00 

W03-S02 2.33E+13 2.52E+01 3.08E+01 8.93E+10 3.46E+11 1.29E+00 

W03-S03 4.74E+13 2.51E+01 3.15E+01 7.86E+10 5.15E+11 1.25E+00 

W03-S06 5.52E+13 2.48E+01 3.16E+01 5.90E+10 1.65E+11 9.80E-01 

W03-S09 2.96E+14 2.50E+01 3.33E+01 7.25E+10 1.65E+12 1.20E+00 

W03-S10 3.31E+13 2.52E+01 3.11E+01 8.42E+10 3.84E+11 1.28E+00 

W06-S02 1.17E+15 2.52E+01 3.47E+01 8.57E+10 3.50E+12 1.28E+00 



Sample Area3d_ 

Max  

Area3d_ 

Log_ 

Median  

Area3d_ 

Max  

Area3d_ 

Median 

Area 

3d_Std 

Crofton 

Perimeter 

Log_Std  
nm² nm² nm² nm² nm² nm 

W06-S03 1.25E+15 2.52E+01 3.48E+01 8.70E+10 2.60E+12 1.28E+00 

W07-S01 5.94E+14 2.52E+01 3.40E+01 8.71E+10 5.95E+12 1.38E+00 

W07-S02 3.42E+14 2.53E+01 3.35E+01 9.87E+10 8.06E+12 1.64E+00 

W07-S04 4.97E+14 2.57E+01 3.38E+01 1.42E+11 9.02E+12 1.87E+00 

W08-S01 4.86E+13 2.54E+01 3.15E+01 1.11E+11 2.28E+11 1.27E+00 

W08-S03 9.18E+14 2.52E+01 3.45E+01 8.92E+10 9.85E+12 1.19E+00 

W08-S04 1.23E+13 2.55E+01 3.01E+01 1.18E+11 3.08E+11 1.37E+00 

W09-S01 3.34E+14 2.55E+01 3.34E+01 1.13E+11 1.66E+12 1.49E+00 

W09-S02 2.45E+14 2.54E+01 3.31E+01 1.08E+11 5.48E+12 1.65E+00 

W09-S03 6.60E+13 2.53E+01 3.18E+01 1.01E+11 4.32E+11 1.35E+00 

W09-S04 2.26E+14 2.52E+01 3.31E+01 8.54E+10 2.71E+12 1.37E+00 

W09-S05 8.70E+14 2.51E+01 3.44E+01 8.33E+10 7.67E+12 1.47E+00 

W10-S06 4.35E+14 2.49E+01 3.37E+01 6.64E+10 4.38E+12 1.15E+00 

W10-S07 7.13E+13 2.49E+01 3.19E+01 6.82E+10 4.29E+11 1.03E+00 

W11-S03 6.38E+13 2.51E+01 3.18E+01 8.01E+10 4.77E+11 1.26E+00 

W11-S04 4.92E+14 2.49E+01 3.38E+01 6.69E+10 2.73E+12 1.14E+00 

W14-S01 3.36E+14 2.50E+01 3.34E+01 7.40E+10 2.40E+12 1.25E+00 

W14-S02 1.14E+15 2.48E+01 3.47E+01 6.05E+10 3.61E+12 9.98E-01 

W14-S04 4.98E+14 2.49E+01 3.38E+01 6.71E+10 5.72E+12 1.16E+00 

W14-S05 3.48E+14 2.50E+01 3.35E+01 7.16E+10 5.32E+12 1.25E+00 

W14-S06 3.79E+14 2.50E+01 3.36E+01 7.52E+10 2.02E+12 1.26E+00 

W14-S07 9.23E+14 2.48E+01 3.45E+01 6.05E+10 2.18E+12 1.09E+00 

W14-S09 7.76E+13 2.52E+01 3.20E+01 8.39E+10 3.65E+11 1.25E+00 

W14-S10 4.25E+14 2.49E+01 3.37E+01 6.22E+10 3.79E+12 1.08E+00 

W14-S12 2.39E+14 2.49E+01 3.31E+01 6.85E+10 1.99E+12 1.16E+00 

W15-S02 3.35E+14 2.49E+01 3.34E+01 6.28E+10 3.27E+12 1.07E+00 

W15-S03 3.69E+13 2.49E+01 3.12E+01 6.52E+10 3.59E+11 1.08E+00 

W15-S05 8.87E+13 2.48E+01 3.21E+01 6.09E+10 7.58E+11 1.06E+00 

W15-S06 4.44E+14 2.49E+01 3.37E+01 6.70E+10 3.21E+12 1.15E+00 

W15-S07 3.15E+14 2.49E+01 3.34E+01 6.37E+10 4.49E+12 1.13E+00 

W15-S08 5.63E+14 2.49E+01 3.40E+01 6.50E+10 5.20E+12 1.11E+00 

W15-S09 2.48E+14 2.49E+01 3.31E+01 6.22E+10 2.68E+12 1.09E+00 

W15-S12 6.38E+14 2.51E+01 3.41E+01 7.87E+10 4.82E+12 1.27E+00 

W15-S14 1.31E+14 2.49E+01 3.25E+01 6.23E+10 3.35E+11 1.08E+00 

W16-S01 9.04E+13 2.48E+01 3.21E+01 6.05E+10 2.09E+11 9.86E-01 

W16-S03 1.86E+14 2.50E+01 3.29E+01 6.98E+10 1.22E+12 1.10E+00 

W16-S05 4.88E+14 2.48E+01 3.38E+01 6.13E+10 4.64E+12 1.02E+00 

W16-S06 4.21E+14 2.48E+01 3.37E+01 5.67E+10 4.10E+12 9.85E-01 

W17-S01 1.03E+15 2.49E+01 3.46E+01 6.78E+10 8.43E+12 1.19E+00 

W17-S03 7.36E+14 2.50E+01 3.42E+01 7.48E+10 3.70E+12 1.29E+00 

W17-S04 2.65E+14 2.51E+01 3.32E+01 7.81E+10 4.72E+12 1.34E+00 



Sample Area3d_ 

Max  

Area3d_ 

Log_ 

Median  

Area3d_ 

Max  

Area3d_ 

Median 

Area 

3d_Std 

Crofton 

Perimeter 

Log_Std  
nm² nm² nm² nm² nm² nm 

W17-S05 7.65E+14 2.50E+01 3.43E+01 7.19E+10 6.63E+12 1.17E+00 

W18-S01 3.02E+14 2.51E+01 3.33E+01 7.62E+10 3.33E+12 1.32E+00 

W18-S02 2.97E+14 2.49E+01 3.33E+01 6.83E+10 2.27E+12 1.14E+00 

W18-S03 5.59E+14 2.50E+01 3.40E+01 7.19E+10 5.29E+12 1.26E+00 

W18-S04 7.91E+14 2.49E+01 3.43E+01 6.32E+10 4.30E+12 1.12E+00 

W18-S05 6.59E+13 2.47E+01 3.18E+01 5.53E+10 2.62E+11 9.43E-01 

W18-S06 3.60E+14 2.50E+01 3.35E+01 6.90E+10 3.81E+12 1.22E+00 

W19-S01 2.03E+15 2.56E+01 3.52E+01 1.32E+11 1.14E+13 1.57E+00 

W19-S02 2.05E+15 2.50E+01 3.53E+01 7.17E+10 1.05E+13 1.11E+00 

W19-S03 1.11E+14 2.47E+01 3.23E+01 5.29E+10 2.16E+11 8.64E-01 

W19-S04 2.92E+14 2.48E+01 3.33E+01 5.91E+10 4.00E+11 1.00E+00 

W19-S05 3.11E+15 2.49E+01 3.57E+01 6.74E+10 6.47E+12 1.10E+00 

W19-S06 1.66E+13 2.49E+01 3.04E+01 6.52E+10 1.46E+11 1.04E+00 

W20-S01 2.73E+14 2.48E+01 3.32E+01 5.72E+10 3.87E+11 9.72E-01 

W20-S02 6.53E+15 2.48E+01 3.64E+01 5.86E+10 8.70E+12 9.84E-01 

W20-S03 2.37E+14 2.49E+01 3.31E+01 6.37E+10 1.01E+12 1.12E+00 

W20-S04 1.10E+13 2.47E+01 3.00E+01 5.58E+10 9.56E+10 9.47E-01 

W20-S05 4.56E+14 2.49E+01 3.38E+01 6.66E+10 3.31E+12 1.18E+00 

W20-S06 2.07E+12 2.46E+01 2.84E+01 5.05E+10 4.62E+10 8.16E-01 

W21-S01 4.32E+14 2.48E+01 3.37E+01 6.10E+10 4.31E+12 1.08E+00 

W21-S02 3.89E+14 2.49E+01 3.36E+01 6.37E+10 1.86E+12 1.11E+00 

W21-S03 4.08E+14 2.49E+01 3.36E+01 6.48E+10 4.74E+12 1.16E+00 

W21-S04 8.37E+14 2.49E+01 3.44E+01 6.71E+10 6.07E+12 1.18E+00 

W21-S05 5.38E+14 2.49E+01 3.39E+01 6.51E+10 5.48E+12 1.13E+00 

W21-S06 4.19E+14 2.50E+01 3.37E+01 7.17E+10 5.83E+12 1.26E+00 

W21-S07 4.80E+14 2.50E+01 3.38E+01 7.39E+10 2.57E+12 1.21E+00 

W21-S08 7.72E+14 2.49E+01 3.43E+01 6.27E+10 5.96E+12 1.11E+00 

W22-S01 4.19E+14 2.47E+01 3.37E+01 5.10E+10 3.95E+12 8.43E-01 

W22-S02 7.52E+14 2.50E+01 3.43E+01 7.36E+10 5.66E+12 1.17E+00 

W22-S04 1.76E+14 2.52E+01 3.28E+01 9.00E+10 3.60E+12 1.49E+00 

W22-S05 1.67E+15 2.49E+01 3.51E+01 6.24E+10 1.29E+13 9.87E-01 

W24-S01 1.09E+15 2.51E+01 3.46E+01 7.60E+10 1.89E+12 1.26E+00 

W24-S02 7.90E+14 2.50E+01 3.43E+01 7.21E+10 2.91E+12 1.21E+00 

W24-S03 4.45E+14 2.49E+01 3.37E+01 6.60E+10 3.33E+12 1.12E+00 

W24-S04 4.48E+14 2.48E+01 3.37E+01 5.85E+10 2.99E+12 1.01E+00 

W24-S05 5.30E+14 2.49E+01 3.39E+01 6.23E+10 4.04E+12 1.12E+00 

W25-S01 2.92E+14 2.47E+01 3.33E+01 5.49E+10 1.14E+12 8.90E-01 

W25-S02 4.53E+14 2.51E+01 3.37E+01 8.20E+10 3.67E+12 1.31E+00 

W25-S03 2.72E+14 2.50E+01 3.32E+01 7.48E+10 2.28E+12 1.21E+00 

W25-S04 6.82E+14 2.50E+01 3.42E+01 6.98E+10 5.25E+12 1.13E+00 

W26-S02 3.60E+14 2.50E+01 3.35E+01 6.86E+10 2.19E+12 1.17E+00 



Sample Area3d_ 

Max  

Area3d_ 

Log_ 

Median  

Area3d_ 

Max  

Area3d_ 

Median 

Area 

3d_Std 

Crofton 

Perimeter 

Log_Std  
nm² nm² nm² nm² nm² nm 

W27-S01 3.17E+14 2.49E+01 3.34E+01 6.64E+10 2.92E+12 1.07E+00 

W27-S03 5.30E+12 2.49E+01 2.93E+01 6.43E+10 7.01E+10 1.02E+00 

W27-S04 8.43E+13 2.49E+01 3.21E+01 6.84E+10 5.79E+11 1.10E+00 

W27-S05 3.70E+13 2.47E+01 3.12E+01 5.45E+10 7.60E+10 8.72E-01 

W27-S06 9.57E+12 2.48E+01 2.99E+01 6.00E+10 7.92E+10 9.67E-01 

W28-S02 3.92E+13 2.51E+01 3.13E+01 8.06E+10 7.22E+11 1.25E+00 

W28-S04 4.25E+14 2.50E+01 3.37E+01 7.39E+10 4.12E+12 1.27E+00 

W28-S05 1.07E+14 2.48E+01 3.23E+01 5.63E+10 2.85E+11 8.35E-01 

W29-S01 2.02E+14 2.49E+01 3.29E+01 6.37E+10 8.25E+11 1.03E+00 

W29-S02 5.57E+14 2.47E+01 3.40E+01 5.48E+10 1.12E+12 8.15E-01 

W30-S01 2.21E+13 2.45E+01 3.07E+01 4.49E+10 6.49E+10 6.98E-01 

W30-S03 9.09E+14 2.47E+01 3.44E+01 5.34E+10 4.97E+12 9.02E-01 

W30-S04 3.81E+14 2.53E+01 3.36E+01 9.71E+10 3.05E+12 1.52E+00 

W30-S05 3.77E+14 2.50E+01 3.36E+01 7.12E+10 2.07E+12 1.19E+00 

W30-S07 5.67E+14 2.50E+01 3.40E+01 7.49E+10 2.41E+12 1.18E+00 

W30-S08 8.22E+14 2.49E+01 3.43E+01 6.28E+10 2.71E+12 1.06E+00 

W31-S01 2.47E+14 2.48E+01 3.31E+01 5.95E+10 2.88E+12 1.08E+00 

W31-S03 7.68E+14 2.52E+01 3.43E+01 8.62E+10 5.62E+12 1.45E+00 

 

Sample Crofton 

Perimeter 

_Avg 

Crofton 

Perimeter 

_Avg_w 

Crofton 

Perimeter 

_Log_Avg 

Crofton 

Perimeter 

_Log_Avg_w 

Crofton 

Perimeter 

_Log_Max 

Crofton 

Perimeter 

_Log_ 

Median  
nm nm nm nm nm nm 

W02-S01 1.67E+06 8.20E+08 1.24E+01 1.93E+01 2.20E+01 1.39E+01 

W02-S03 1.15E+06 3.21E+07 1.27E+01 1.61E+01 1.94E+01 1.40E+01 

W02-S04 4.43E+05 2.44E+06 1.25E+01 1.39E+01 1.82E+01 1.36E+01 

W02-S05 3.27E+05 2.35E+06 1.23E+01 1.35E+01 1.85E+01 1.35E+01 

W03-S01 9.64E+06 7.72E+08 1.32E+01 1.99E+01 2.18E+01 1.41E+01 

W03-S02 1.66E+06 2.61E+07 1.33E+01 1.61E+01 1.97E+01 1.40E+01 

W03-S03 1.59E+06 6.07E+07 1.31E+01 1.65E+01 2.04E+01 1.39E+01 

W03-S06 6.40E+05 1.67E+07 1.26E+01 1.51E+01 2.06E+01 1.38E+01 

W03-S09 1.69E+06 6.77E+08 1.29E+01 1.82E+01 2.23E+01 1.39E+01 

W03-S10 1.67E+06 3.51E+07 1.33E+01 1.62E+01 2.01E+01 1.40E+01 

W06-S02 2.36E+06 1.55E+09 1.32E+01 1.85E+01 2.36E+01 1.40E+01 

W06-S03 2.18E+06 9.18E+08 1.33E+01 1.75E+01 2.36E+01 1.40E+01 

W07-S01 5.65E+06 2.38E+09 1.31E+01 2.08E+01 2.29E+01 1.40E+01 

W07-S02 1.40E+07 1.23E+09 1.32E+01 2.04E+01 2.23E+01 1.41E+01 

W07-S04 1.85E+07 1.04E+09 1.33E+01 2.03E+01 2.27E+01 1.45E+01 

W08-S01 1.51E+06 9.88E+06 1.34E+01 1.54E+01 2.02E+01 1.42E+01 

W08-S03 7.14E+06 2.71E+09 1.28E+01 2.11E+01 2.33E+01 1.40E+01 

W08-S04 1.79E+06 1.58E+07 1.34E+01 1.59E+01 1.90E+01 1.42E+01 



Sample Crofton 

Perimeter 

_Avg 

Crofton 

Perimeter 

_Avg_w 

Crofton 

Perimeter 

_Log_Avg 

Crofton 

Perimeter 

_Log_Avg_w 

Crofton 

Perimeter 

_Log_Max 

Crofton 

Perimeter 

_Log_ 

Median  
nm nm nm nm nm nm 

W09-S01 3.53E+06 2.28E+08 1.35E+01 1.75E+01 2.23E+01 1.43E+01 

W09-S02 1.02E+07 7.10E+08 1.34E+01 1.97E+01 2.20E+01 1.42E+01 

W09-S03 2.01E+06 3.94E+07 1.34E+01 1.62E+01 2.07E+01 1.42E+01 

W09-S04 3.57E+06 5.80E+08 1.32E+01 1.88E+01 2.19E+01 1.40E+01 

W09-S05 9.62E+06 1.56E+09 1.31E+01 2.05E+01 2.33E+01 1.40E+01 

W10-S06 3.52E+06 1.64E+09 1.26E+01 2.04E+01 2.27E+01 1.39E+01 

W10-S07 8.82E+05 8.13E+07 1.24E+01 1.66E+01 2.09E+01 1.39E+01 

W11-S03 1.37E+06 8.67E+07 1.29E+01 1.66E+01 2.08E+01 1.41E+01 

W11-S04 1.85E+06 1.30E+09 1.26E+01 1.90E+01 2.28E+01 1.39E+01 

W14-S01 2.62E+06 7.15E+08 1.28E+01 1.91E+01 2.24E+01 1.40E+01 

W14-S02 1.72E+06 2.40E+09 1.25E+01 2.00E+01 2.36E+01 1.38E+01 

W14-S04 5.09E+06 1.81E+09 1.26E+01 2.07E+01 2.28E+01 1.39E+01 

W14-S05 4.75E+06 1.77E+09 1.28E+01 2.05E+01 2.24E+01 1.40E+01 

W14-S06 2.19E+06 7.33E+08 1.28E+01 1.87E+01 2.25E+01 1.40E+01 

W14-S07 1.56E+06 9.98E+08 1.26E+01 1.87E+01 2.34E+01 1.38E+01 

W14-S09 1.28E+06 4.07E+07 1.28E+01 1.63E+01 2.09E+01 1.41E+01 

W14-S10 2.73E+06 1.74E+09 1.26E+01 2.04E+01 2.27E+01 1.38E+01 

W14-S12 2.03E+06 7.02E+08 1.26E+01 1.91E+01 2.21E+01 1.39E+01 

W15-S02 2.27E+06 1.53E+09 1.25E+01 2.02E+01 2.24E+01 1.38E+01 

W15-S03 9.41E+05 5.79E+07 1.26E+01 1.65E+01 2.02E+01 1.39E+01 

W15-S05 1.08E+06 2.02E+08 1.26E+01 1.73E+01 2.11E+01 1.38E+01 

W15-S06 3.36E+06 8.65E+08 1.25E+01 1.98E+01 2.27E+01 1.39E+01 

W15-S07 4.69E+06 1.21E+09 1.25E+01 2.04E+01 2.23E+01 1.38E+01 

W15-S08 4.16E+06 1.80E+09 1.26E+01 2.06E+01 2.29E+01 1.39E+01 

W15-S09 2.49E+06 8.82E+08 1.26E+01 1.98E+01 2.21E+01 1.38E+01 

W15-S12 4.58E+06 1.34E+09 1.27E+01 2.01E+01 2.30E+01 1.40E+01 

W15-S14 8.86E+05 5.17E+07 1.27E+01 1.57E+01 2.15E+01 1.38E+01 

W16-S01 6.38E+05 3.94E+07 1.26E+01 1.52E+01 2.11E+01 1.38E+01 

W16-S03 1.34E+06 3.93E+08 1.25E+01 1.81E+01 2.18E+01 1.39E+01 

W16-S05 3.23E+06 2.05E+09 1.24E+01 2.07E+01 2.28E+01 1.38E+01 

W16-S06 2.91E+06 1.72E+09 1.24E+01 2.06E+01 2.26E+01 1.37E+01 

W17-S01 5.51E+06 3.30E+09 1.29E+01 2.11E+01 2.35E+01 1.38E+01 

W17-S03 3.66E+06 1.05E+09 1.31E+01 1.96E+01 2.31E+01 1.39E+01 

W17-S04 5.42E+06 1.13E+09 1.31E+01 2.00E+01 2.21E+01 1.40E+01 

W17-S05 3.74E+06 3.03E+09 1.26E+01 2.06E+01 2.32E+01 1.40E+01 

W18-S01 3.57E+06 9.45E+08 1.29E+01 1.95E+01 2.23E+01 1.40E+01 

W18-S02 1.84E+06 1.09E+09 1.26E+01 1.91E+01 2.23E+01 1.40E+01 

W18-S03 5.08E+06 1.53E+09 1.27E+01 2.04E+01 2.29E+01 1.40E+01 

W18-S04 2.84E+06 1.98E+09 1.26E+01 2.02E+01 2.33E+01 1.38E+01 

W18-S05 6.24E+05 5.14E+07 1.25E+01 1.55E+01 2.08E+01 1.37E+01 

W18-S06 4.32E+06 1.02E+09 1.26E+01 2.01E+01 2.25E+01 1.40E+01 



Sample Crofton 

Perimeter 

_Avg 

Crofton 

Perimeter 

_Avg_w 

Crofton 

Perimeter 

_Log_Avg 

Crofton 

Perimeter 

_Log_Avg_w 

Crofton 

Perimeter 

_Log_Max 

Crofton 

Perimeter 

_Log_ 

Median  
nm nm nm nm nm nm 

W19-S01 6.56E+06 4.65E+09 1.37E+01 1.97E+01 2.41E+01 1.44E+01 

W19-S02 3.87E+06 7.47E+09 1.26E+01 2.16E+01 2.42E+01 1.40E+01 

W19-S03 4.85E+05 6.31E+07 1.24E+01 1.49E+01 2.12E+01 1.37E+01 

W19-S04 7.44E+05 8.80E+07 1.26E+01 1.58E+01 2.23E+01 1.38E+01 

W19-S05 1.86E+06 6.50E+09 1.26E+01 1.99E+01 2.46E+01 1.39E+01 

W19-S06 7.22E+05 9.95E+06 1.26E+01 1.50E+01 1.94E+01 1.39E+01 

W20-S01 6.41E+05 1.47E+08 1.26E+01 1.53E+01 2.22E+01 1.37E+01 

W20-S02 3.22E+06 6.46E+09 1.24E+01 2.11E+01 2.54E+01 1.38E+01 

W20-S03 1.30E+06 3.04E+08 1.27E+01 1.75E+01 2.21E+01 1.39E+01 

W20-S04 5.71E+05 7.21E+06 1.26E+01 1.47E+01 1.90E+01 1.37E+01 

W20-S05 3.30E+06 9.57E+08 1.26E+01 1.98E+01 2.27E+01 1.39E+01 

W20-S06 4.08E+05 2.68E+06 1.24E+01 1.39E+01 1.73E+01 1.36E+01 

W21-S01 3.55E+06 1.60E+09 1.25E+01 2.05E+01 2.27E+01 1.38E+01 

W21-S02 1.56E+06 7.36E+08 1.26E+01 1.86E+01 2.26E+01 1.39E+01 

W21-S03 4.02E+06 1.72E+09 1.26E+01 2.06E+01 2.26E+01 1.39E+01 

W21-S04 4.26E+06 2.50E+09 1.27E+01 2.07E+01 2.33E+01 1.39E+01 

W21-S05 3.79E+06 2.39E+09 1.26E+01 2.07E+01 2.29E+01 1.39E+01 

W21-S06 5.97E+06 1.59E+09 1.27E+01 2.06E+01 2.26E+01 1.40E+01 

W21-S07 2.06E+06 1.05E+09 1.27E+01 1.89E+01 2.28E+01 1.40E+01 

W21-S08 4.36E+06 2.30E+09 1.26E+01 2.08E+01 2.32E+01 1.38E+01 

W22-S01 3.52E+06 1.20E+09 1.22E+01 2.05E+01 2.26E+01 1.37E+01 

W22-S02 3.28E+06 2.76E+09 1.26E+01 2.05E+01 2.32E+01 1.40E+01 

W22-S04 5.72E+06 6.83E+08 1.30E+01 1.95E+01 2.18E+01 1.42E+01 

W22-S05 6.22E+06 6.88E+09 1.24E+01 2.21E+01 2.40E+01 1.38E+01 

W24-S01 1.69E+06 9.25E+08 1.29E+01 1.77E+01 2.36E+01 1.40E+01 

W24-S02 2.00E+06 1.46E+09 1.28E+01 1.90E+01 2.33E+01 1.40E+01 

W24-S03 2.06E+06 1.69E+09 1.27E+01 1.96E+01 2.27E+01 1.39E+01 

W24-S04 1.97E+06 1.42E+09 1.25E+01 2.00E+01 2.27E+01 1.38E+01 

W24-S05 3.57E+06 1.35E+09 1.26E+01 2.04E+01 2.28E+01 1.38E+01 

W25-S01 7.15E+05 8.40E+08 1.24E+01 1.75E+01 2.23E+01 1.38E+01 

W25-S02 2.91E+06 1.62E+09 1.28E+01 1.95E+01 2.27E+01 1.41E+01 

W25-S03 2.14E+06 8.33E+08 1.27E+01 1.89E+01 2.22E+01 1.40E+01 

W25-S04 3.09E+06 2.65E+09 1.25E+01 2.05E+01 2.31E+01 1.40E+01 

W26-S02 2.02E+06 7.87E+08 1.27E+01 1.89E+01 2.25E+01 1.39E+01 

W27-S01 2.71E+06 1.00E+09 1.24E+01 2.00E+01 2.24E+01 1.39E+01 

W27-S03 6.16E+05 3.89E+06 1.26E+01 1.45E+01 1.83E+01 1.39E+01 

W27-S04 9.82E+05 2.20E+08 1.26E+01 1.71E+01 2.11E+01 1.40E+01 

W27-S05 4.57E+05 6.84E+06 1.25E+01 1.42E+01 2.02E+01 1.37E+01 

W27-S06 5.74E+05 4.66E+06 1.26E+01 1.45E+01 1.88E+01 1.38E+01 

W28-S02 1.89E+06 1.10E+08 1.26E+01 1.78E+01 2.03E+01 1.41E+01 

W28-S04 4.41E+06 1.12E+09 1.31E+01 1.98E+01 2.26E+01 1.39E+01 
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_Log_ 
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nm nm nm nm nm nm 

W28-S05 4.71E+05 9.56E+07 1.23E+01 1.54E+01 2.12E+01 1.38E+01 

W29-S01 1.01E+06 3.28E+08 1.25E+01 1.79E+01 2.19E+01 1.39E+01 

W29-S02 6.86E+05 7.60E+08 1.23E+01 1.81E+01 2.29E+01 1.37E+01 

W30-S01 3.27E+05 6.73E+06 1.23E+01 1.38E+01 1.97E+01 1.35E+01 

W30-S03 2.09E+06 3.98E+09 1.24E+01 2.10E+01 2.34E+01 1.37E+01 

W30-S04 4.60E+06 7.15E+08 1.32E+01 1.90E+01 2.25E+01 1.43E+01 

W30-S05 2.14E+06 6.35E+08 1.26E+01 1.89E+01 2.25E+01 1.40E+01 

W30-S07 1.86E+06 9.94E+08 1.26E+01 1.87E+01 2.29E+01 1.40E+01 

W30-S08 1.37E+06 1.87E+09 1.26E+01 1.89E+01 2.33E+01 1.38E+01 

W31-S01 2.56E+06 1.05E+09 1.25E+01 1.99E+01 2.21E+01 1.38E+01 

W31-S03 7.03E+06 1.62E+09 1.29E+01 2.04E+01 2.32E+01 1.42E+01 
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_Max 

Crofton 

Perimeter 
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Crofton 
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nm nm nm adim adim adim 

W02-S01 3.76E+09 1.05E+06 3.39E+07 3.97E-01 4.26E-01 3.68E-01 

W02-S03 2.59E+08 1.20E+06 5.21E+06 3.70E-01 3.58E-01 3.37E-01 

W02-S04 7.92E+07 8.09E+05 8.21E+05 3.80E-01 3.72E-01 3.45E-01 

W02-S05 1.13E+08 7.26E+05 6.52E+05 3.94E-01 3.85E-01 3.63E-01 

W03-S01 2.94E+09 1.37E+06 7.89E+07 4.11E-01 4.26E-01 3.81E-01 

W03-S02 3.57E+08 1.24E+06 5.19E+06 4.68E-01 4.14E-01 4.51E-01 

W03-S03 7.32E+08 1.09E+06 7.93E+06 4.48E-01 3.84E-01 4.22E-01 

W03-S06 8.70E+08 9.55E+05 2.63E+06 4.04E-01 3.90E-01 3.73E-01 

W03-S09 4.74E+09 1.05E+06 2.61E+07 4.35E-01 4.05E-01 4.02E-01 

W03-S10 5.17E+08 1.21E+06 5.94E+06 4.46E-01 3.96E-01 4.19E-01 

W06-S02 1.69E+10 1.17E+06 5.08E+07 4.34E-01 4.09E-01 3.99E-01 

W06-S03 1.81E+10 1.20E+06 3.75E+07 4.33E-01 3.89E-01 4.00E-01 

W07-S01 8.66E+09 1.16E+06 8.93E+07 4.25E-01 4.63E-01 3.89E-01 

W07-S02 5.08E+09 1.36E+06 1.21E+08 4.57E-01 4.35E-01 4.36E-01 

W07-S04 7.10E+09 1.94E+06 1.31E+08 4.38E-01 4.26E-01 4.12E-01 

W08-S01 5.67E+08 1.41E+06 2.96E+06 4.80E-01 4.06E-01 4.68E-01 

W08-S03 1.26E+10 1.25E+06 1.35E+08 4.11E-01 4.51E-01 3.82E-01 

W08-S04 1.73E+08 1.52E+06 4.22E+06 4.92E-01 4.25E-01 4.80E-01 

W09-S01 4.98E+09 1.58E+06 2.44E+07 4.18E-01 3.73E-01 3.84E-01 

W09-S02 3.63E+09 1.51E+06 8.04E+07 4.13E-01 4.02E-01 3.78E-01 

W09-S03 1.01E+09 1.41E+06 6.30E+06 4.26E-01 3.74E-01 3.93E-01 

W09-S04 3.34E+09 1.24E+06 4.04E+07 4.24E-01 4.11E-01 3.90E-01 

W09-S05 1.32E+10 1.21E+06 1.15E+08 3.96E-01 4.22E-01 3.62E-01 

W10-S06 6.93E+09 1.08E+06 6.95E+07 3.76E-01 4.07E-01 3.45E-01 

W10-S07 1.17E+09 1.13E+06 6.99E+06 3.90E-01 3.75E-01 3.60E-01 
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nm nm nm adim adim adim 

W11-S03 1.05E+09 1.31E+06 7.79E+06 4.14E-01 3.91E-01 3.86E-01 

W11-S04 7.95E+09 1.09E+06 4.43E+07 3.79E-01 3.65E-01 3.47E-01 

W14-S01 5.38E+09 1.21E+06 3.84E+07 3.80E-01 3.93E-01 3.48E-01 

W14-S02 1.83E+10 9.83E+05 5.82E+07 3.96E-01 4.12E-01 3.67E-01 

W14-S04 7.91E+09 1.09E+06 9.11E+07 3.89E-01 4.47E-01 3.58E-01 

W14-S05 5.52E+09 1.17E+06 8.56E+07 3.77E-01 4.30E-01 3.43E-01 

W14-S06 6.05E+09 1.22E+06 3.23E+07 3.85E-01 3.88E-01 3.53E-01 

W14-S07 1.50E+10 9.83E+05 3.54E+07 3.90E-01 3.90E-01 3.60E-01 

W14-S09 1.23E+09 1.35E+06 5.80E+06 3.82E-01 3.65E-01 3.50E-01 

W14-S10 6.98E+09 1.02E+06 6.13E+07 3.77E-01 4.34E-01 3.45E-01 

W14-S12 3.95E+09 1.12E+06 3.18E+07 3.86E-01 3.92E-01 3.54E-01 

W15-S02 5.29E+09 1.01E+06 5.18E+07 3.84E-01 3.98E-01 3.53E-01 

W15-S03 5.76E+08 1.05E+06 5.71E+06 3.95E-01 3.74E-01 3.65E-01 

W15-S05 1.43E+09 9.83E+05 1.20E+07 3.94E-01 3.78E-01 3.63E-01 

W15-S06 7.14E+09 1.08E+06 5.06E+07 3.87E-01 4.21E-01 3.57E-01 

W15-S07 4.94E+09 1.02E+06 7.06E+07 3.87E-01 4.42E-01 3.55E-01 

W15-S08 8.78E+09 1.05E+06 8.17E+07 3.93E-01 4.47E-01 3.62E-01 

W15-S09 3.91E+09 1.01E+06 4.23E+07 3.87E-01 4.08E-01 3.55E-01 

W15-S12 9.87E+09 1.25E+06 7.49E+07 3.83E-01 4.22E-01 3.51E-01 

W15-S14 2.13E+09 1.02E+06 5.45E+06 4.10E-01 3.93E-01 3.79E-01 

W16-S01 1.50E+09 9.83E+05 3.40E+06 3.94E-01 3.88E-01 3.64E-01 

W16-S03 2.98E+09 1.13E+06 1.94E+07 3.96E-01 3.96E-01 3.65E-01 

W16-S05 7.89E+09 1.01E+06 7.49E+07 3.82E-01 4.22E-01 3.50E-01 

W16-S06 6.75E+09 9.27E+05 6.50E+07 3.86E-01 4.49E-01 3.55E-01 

W17-S01 1.54E+10 9.83E+05 1.27E+08 4.10E-01 4.39E-01 3.75E-01 

W17-S03 1.11E+10 1.11E+06 5.64E+07 4.20E-01 4.21E-01 3.87E-01 

W17-S04 3.92E+09 1.14E+06 7.16E+07 4.14E-01 4.13E-01 3.80E-01 

W17-S05 1.20E+10 1.14E+06 1.04E+08 3.91E-01 4.20E-01 3.62E-01 

W18-S01 4.80E+09 1.24E+06 5.30E+07 3.90E-01 4.14E-01 3.60E-01 

W18-S02 5.05E+09 1.16E+06 3.83E+07 3.74E-01 3.83E-01 3.41E-01 

W18-S03 8.95E+09 1.17E+06 8.43E+07 3.71E-01 4.23E-01 3.39E-01 

W18-S04 1.28E+10 1.03E+06 6.93E+07 3.85E-01 3.76E-01 3.54E-01 

W18-S05 1.09E+09 9.16E+05 4.29E+06 3.98E-01 3.75E-01 3.68E-01 

W18-S06 5.72E+09 1.14E+06 6.10E+07 3.70E-01 4.16E-01 3.38E-01 

W19-S01 2.95E+10 1.88E+06 1.66E+08 4.00E-01 3.88E-01 3.68E-01 

W19-S02 3.23E+10 1.14E+06 1.65E+08 3.94E-01 4.87E-01 3.63E-01 

W19-S03 1.68E+09 8.60E+05 3.38E+06 3.99E-01 3.60E-01 3.69E-01 

W19-S04 4.67E+09 9.55E+05 6.40E+06 3.90E-01 3.75E-01 3.59E-01 

W19-S05 4.87E+10 1.08E+06 1.02E+08 3.87E-01 4.15E-01 3.56E-01 

W19-S06 2.66E+08 1.05E+06 2.32E+06 3.80E-01 3.66E-01 3.48E-01 

W20-S01 4.43E+09 9.27E+05 6.21E+06 4.05E-01 3.87E-01 3.75E-01 
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nm nm nm adim adim adim 

W20-S02 1.05E+11 9.55E+05 1.39E+08 4.03E-01 4.63E-01 3.74E-01 

W20-S03 3.79E+09 1.05E+06 1.62E+07 3.95E-01 3.69E-01 3.66E-01 

W20-S04 1.76E+08 9.16E+05 1.55E+06 4.11E-01 3.87E-01 3.81E-01 

W20-S05 7.26E+09 1.09E+06 5.29E+07 3.93E-01 4.18E-01 3.64E-01 

W20-S06 3.41E+07 8.32E+05 7.66E+05 4.27E-01 4.12E-01 3.92E-01 

W21-S01 6.93E+09 1.01E+06 6.93E+07 3.95E-01 4.40E-01 3.65E-01 

W21-S02 6.35E+09 1.04E+06 3.00E+07 4.02E-01 4.03E-01 3.72E-01 

W21-S03 6.49E+09 1.05E+06 7.60E+07 3.84E-01 4.17E-01 3.52E-01 

W21-S04 1.34E+10 1.09E+06 9.72E+07 3.91E-01 4.47E-01 3.61E-01 

W21-S05 8.67E+09 1.06E+06 8.84E+07 3.85E-01 4.31E-01 3.54E-01 

W21-S06 6.61E+09 1.14E+06 9.16E+07 3.63E-01 4.25E-01 3.31E-01 

W21-S07 7.62E+09 1.18E+06 4.06E+07 3.92E-01 4.10E-01 3.62E-01 

W21-S08 1.23E+10 1.02E+06 9.55E+07 4.02E-01 4.57E-01 3.73E-01 

W22-S01 6.59E+09 8.48E+05 6.28E+07 3.94E-01 4.31E-01 3.65E-01 

W22-S02 1.19E+10 1.18E+06 8.95E+07 3.95E-01 4.72E-01 3.66E-01 

W22-S04 2.82E+09 1.49E+06 5.84E+07 3.61E-01 3.79E-01 3.30E-01 

W22-S05 2.63E+10 1.01E+06 2.03E+08 4.04E-01 5.26E-01 3.74E-01 

W24-S01 1.78E+10 1.24E+06 3.05E+07 4.05E-01 4.05E-01 3.77E-01 

W24-S02 1.27E+10 1.17E+06 4.68E+07 3.96E-01 4.18E-01 3.66E-01 

W24-S03 7.13E+09 1.08E+06 5.37E+07 4.03E-01 4.44E-01 3.72E-01 

W24-S04 7.20E+09 9.43E+05 4.75E+07 3.92E-01 4.39E-01 3.62E-01 

W24-S05 8.31E+09 1.01E+06 6.40E+07 3.91E-01 4.36E-01 3.61E-01 

W25-S01 4.98E+09 9.55E+05 1.93E+07 3.69E-01 3.55E-01 3.37E-01 

W25-S02 7.57E+09 1.36E+06 6.07E+07 3.91E-01 3.92E-01 3.63E-01 

W25-S03 4.38E+09 1.22E+06 3.66E+07 3.94E-01 3.84E-01 3.64E-01 

W25-S04 1.12E+10 1.14E+06 8.48E+07 3.77E-01 4.36E-01 3.44E-01 

W26-S02 5.70E+09 1.12E+06 3.50E+07 3.87E-01 3.83E-01 3.56E-01 

W27-S01 5.12E+09 1.10E+06 4.68E+07 3.87E-01 4.39E-01 3.56E-01 

W27-S03 9.08E+07 1.08E+06 1.17E+06 4.33E-01 4.32E-01 4.07E-01 

W27-S04 1.43E+09 1.14E+06 9.86E+06 3.93E-01 3.54E-01 3.64E-01 

W27-S05 5.65E+08 8.88E+05 1.20E+06 4.07E-01 3.87E-01 3.76E-01 

W27-S06 1.52E+08 9.66E+05 1.25E+06 3.91E-01 3.68E-01 3.60E-01 

W28-S02 6.57E+08 1.33E+06 1.19E+07 4.02E-01 4.21E-01 3.74E-01 

W28-S04 6.28E+09 1.05E+06 6.18E+07 4.14E-01 4.02E-01 3.75E-01 

W28-S05 1.69E+09 9.55E+05 4.62E+06 3.99E-01 4.05E-01 3.69E-01 

W29-S01 3.25E+09 1.05E+06 1.32E+07 3.97E-01 3.75E-01 3.67E-01 

W29-S02 8.95E+09 9.16E+05 1.81E+07 3.93E-01 4.09E-01 3.64E-01 

W30-S01 3.68E+08 7.26E+05 1.07E+06 3.96E-01 3.86E-01 3.66E-01 

W30-S03 1.52E+10 9.16E+05 8.29E+07 3.65E-01 4.06E-01 3.34E-01 

W30-S04 6.15E+09 1.59E+06 4.92E+07 3.85E-01 3.92E-01 3.55E-01 

W30-S05 6.03E+09 1.17E+06 3.33E+07 3.77E-01 3.92E-01 3.45E-01 



Sample Crofton 

Perimeter 

_Max 

Crofton 

Perimeter 

_Median 

Crofton 

Perimeter 

_Std 

Elongation 

_Avg 

Elongation 

_Avg_w 

Elongation 

_Median 

 
nm nm nm adim adim adim 

W30-S07 9.13E+09 1.22E+06 3.87E+07 3.68E-01 3.95E-01 3.36E-01 

W30-S08 1.31E+10 1.02E+06 4.33E+07 3.90E-01 4.19E-01 3.60E-01 

W31-S01 4.02E+09 9.83E+05 4.69E+07 3.91E-01 4.02E-01 3.60E-01 

W31-S03 1.23E+10 1.41E+06 9.04E+07 3.68E-01 4.30E-01 3.37E-01 

 

Sample Elongation 

_Std 

EqDiameter 

Log_Std 

Eq 

Diameter 

_Avg 

Eq 

Diameter 

_Avg_w 

Eq 

Diameter 

_Log_Avg 

EqD 

iameter 

_Log_Avg_w  
adim nm nm nm nm nm 

W02-S01 1.98E-01 4.00E-01 8.78E+04 1.40E+06 1.13E+01 1.39E+01 

W02-S03 1.96E-01 4.71E-01 1.04E+05 4.06E+05 1.14E+01 1.27E+01 

W02-S04 2.00E-01 3.35E-01 8.80E+04 1.59E+05 1.13E+01 1.19E+01 

W02-S05 2.01E-01 2.83E-01 8.00E+04 1.41E+05 1.12E+01 1.17E+01 

W03-S01 2.11E-01 6.75E-01 1.57E+05 1.98E+06 1.16E+01 1.44E+01 

W03-S02 2.15E-01 5.56E-01 1.39E+05 4.52E+05 1.17E+01 1.28E+01 

W03-S03 2.17E-01 5.32E-01 1.28E+05 5.50E+05 1.16E+01 1.30E+01 

W03-S06 2.01E-01 3.94E-01 9.26E+04 2.89E+05 1.13E+01 1.23E+01 

W03-S09 2.13E-01 5.01E-01 1.14E+05 1.23E+06 1.15E+01 1.36E+01 

W03-S10 2.14E-01 5.42E-01 1.37E+05 4.86E+05 1.17E+01 1.29E+01 

W06-S02 2.17E-01 5.46E-01 1.38E+05 1.62E+06 1.17E+01 1.38E+01 

W06-S03 2.17E-01 5.44E-01 1.41E+05 1.01E+06 1.17E+01 1.34E+01 

W07-S01 2.22E-01 5.91E-01 1.42E+05 3.68E+06 1.16E+01 1.49E+01 

W07-S02 2.21E-01 6.95E-01 1.67E+05 2.43E+06 1.16E+01 1.46E+01 

W07-S04 2.18E-01 7.93E-01 1.90E+05 2.19E+06 1.17E+01 1.45E+01 

W08-S01 2.21E-01 5.67E-01 1.49E+05 3.34E+05 1.17E+01 1.26E+01 

W08-S03 2.03E-01 4.80E-01 1.23E+05 2.70E+06 1.15E+01 1.47E+01 

W08-S04 2.18E-01 6.07E-01 1.51E+05 4.17E+05 1.17E+01 1.28E+01 

W09-S01 2.13E-01 6.28E-01 1.63E+05 8.33E+05 1.18E+01 1.34E+01 

W09-S02 2.14E-01 6.89E-01 1.72E+05 1.68E+06 1.17E+01 1.42E+01 

W09-S03 2.13E-01 5.75E-01 1.50E+05 4.77E+05 1.17E+01 1.29E+01 

W09-S04 2.11E-01 5.77E-01 1.40E+05 1.35E+06 1.16E+01 1.39E+01 

W09-S05 2.09E-01 6.09E-01 1.42E+05 2.29E+06 1.16E+01 1.45E+01 

W10-S06 2.01E-01 4.60E-01 1.01E+05 2.12E+06 1.14E+01 1.44E+01 

W10-S07 1.96E-01 4.10E-01 8.98E+04 5.61E+05 1.13E+01 1.29E+01 

W11-S03 2.00E-01 5.15E-01 1.14E+05 6.10E+05 1.15E+01 1.30E+01 

W11-S04 1.98E-01 4.52E-01 9.87E+04 1.41E+06 1.14E+01 1.38E+01 

W14-S01 1.98E-01 5.01E-01 1.08E+05 1.39E+06 1.14E+01 1.39E+01 

W14-S02 1.99E-01 3.99E-01 9.06E+04 2.02E+06 1.13E+01 1.42E+01 

W14-S04 1.98E-01 4.65E-01 1.00E+05 2.22E+06 1.13E+01 1.45E+01 

W14-S05 1.99E-01 4.99E-01 1.09E+05 2.09E+06 1.14E+01 1.44E+01 

W14-S06 2.01E-01 5.08E-01 1.10E+05 1.38E+06 1.14E+01 1.38E+01 

W14-S07 2.00E-01 4.33E-01 9.82E+04 1.33E+06 1.14E+01 1.37E+01 



Sample Elongation 

_Std 

EqDiameter 

Log_Std 

Eq 

Diameter 

_Avg 

Eq 

Diameter 

_Avg_w 

Eq 

Diameter 

_Log_Avg 

EqD 

iameter 

_Log_Avg_w  
adim nm nm nm nm nm 

W14-S09 2.00E-01 5.06E-01 1.09E+05 4.64E+05 1.14E+01 1.28E+01 

W14-S10 1.98E-01 4.28E-01 9.57E+04 2.21E+06 1.13E+01 1.44E+01 

W14-S12 1.99E-01 4.67E-01 1.02E+05 1.45E+06 1.14E+01 1.39E+01 

W15-S02 1.98E-01 4.28E-01 9.53E+04 2.17E+06 1.13E+01 1.44E+01 

W15-S03 1.99E-01 4.36E-01 9.64E+04 5.49E+05 1.14E+01 1.29E+01 

W15-S05 2.00E-01 4.26E-01 9.68E+04 7.86E+05 1.14E+01 1.32E+01 

W15-S06 1.99E-01 4.63E-01 9.89E+04 1.65E+06 1.13E+01 1.42E+01 

W15-S07 1.99E-01 4.57E-01 9.94E+04 2.12E+06 1.13E+01 1.45E+01 

W15-S08 1.99E-01 4.47E-01 9.83E+04 2.15E+06 1.13E+01 1.44E+01 

W15-S09 2.00E-01 4.38E-01 9.73E+04 1.76E+06 1.13E+01 1.42E+01 

W15-S12 1.98E-01 5.11E-01 1.07E+05 1.82E+06 1.14E+01 1.42E+01 

W15-S14 2.04E-01 4.33E-01 1.00E+05 3.83E+05 1.14E+01 1.26E+01 

W16-S01 1.99E-01 3.97E-01 9.29E+04 3.36E+05 1.13E+01 1.24E+01 

W16-S03 2.01E-01 4.40E-01 9.51E+04 1.02E+06 1.13E+01 1.35E+01 

W16-S05 1.97E-01 4.02E-01 9.01E+04 2.41E+06 1.13E+01 1.45E+01 

W16-S06 2.00E-01 3.92E-01 9.05E+04 2.28E+06 1.13E+01 1.45E+01 

W17-S01 2.07E-01 4.94E-01 1.17E+05 2.73E+06 1.15E+01 1.46E+01 

W17-S03 2.08E-01 5.36E-01 1.28E+05 1.75E+06 1.16E+01 1.41E+01 

W17-S04 2.08E-01 5.58E-01 1.35E+05 1.95E+06 1.16E+01 1.43E+01 

W17-S05 1.99E-01 4.72E-01 1.01E+05 2.23E+06 1.14E+01 1.44E+01 

W18-S01 2.01E-01 5.33E-01 1.17E+05 1.57E+06 1.15E+01 1.40E+01 

W18-S02 1.98E-01 4.48E-01 9.80E+04 1.45E+06 1.14E+01 1.38E+01 

W18-S03 1.98E-01 5.06E-01 1.09E+05 2.14E+06 1.14E+01 1.44E+01 

W18-S04 2.00E-01 4.44E-01 9.83E+04 1.99E+06 1.14E+01 1.43E+01 

W18-S05 2.01E-01 3.76E-01 9.04E+04 3.77E+05 1.13E+01 1.25E+01 

W18-S06 1.97E-01 4.84E-01 1.03E+05 1.89E+06 1.13E+01 1.43E+01 

W19-S01 2.12E-01 6.56E-01 1.75E+05 2.07E+06 1.18E+01 1.41E+01 

W19-S02 1.99E-01 4.47E-01 9.66E+04 3.01E+06 1.13E+01 1.47E+01 

W19-S03 2.03E-01 3.45E-01 8.57E+04 3.39E+05 1.13E+01 1.23E+01 

W19-S04 2.00E-01 4.01E-01 9.30E+04 4.26E+05 1.13E+01 1.26E+01 

W19-S05 1.99E-01 4.43E-01 9.68E+04 2.21E+06 1.13E+01 1.41E+01 

W19-S06 1.96E-01 4.14E-01 9.50E+04 2.58E+05 1.14E+01 1.23E+01 

W20-S01 2.02E-01 3.90E-01 9.39E+04 4.17E+05 1.14E+01 1.24E+01 

W20-S02 2.00E-01 3.93E-01 9.00E+04 2.57E+06 1.13E+01 1.45E+01 

W20-S03 2.00E-01 4.48E-01 1.01E+05 8.49E+05 1.14E+01 1.33E+01 

W20-S04 2.03E-01 3.82E-01 9.20E+04 2.39E+05 1.13E+01 1.22E+01 

W20-S05 2.00E-01 4.75E-01 1.03E+05 1.65E+06 1.14E+01 1.41E+01 

W20-S06 2.04E-01 3.29E-01 8.51E+04 1.71E+05 1.13E+01 1.19E+01 

W21-S01 2.01E-01 4.34E-01 9.66E+04 2.26E+06 1.13E+01 1.45E+01 

W21-S02 2.00E-01 4.44E-01 9.84E+04 1.23E+06 1.14E+01 1.37E+01 

W21-S03 1.99E-01 4.62E-01 1.02E+05 2.28E+06 1.14E+01 1.45E+01 



Sample Elongation 

_Std 

EqDiameter 

Log_Std 

Eq 

Diameter 

_Avg 

Eq 

Diameter 

_Avg_w 

Eq 

Diameter 

_Log_Avg 

EqD 

iameter 

_Log_Avg_w  
adim nm nm nm nm nm 

W21-S04 2.01E-01 4.72E-01 1.04E+05 2.35E+06 1.14E+01 1.45E+01 

W21-S05 1.99E-01 4.51E-01 9.95E+04 2.39E+06 1.14E+01 1.45E+01 

W21-S06 2.01E-01 5.12E-01 1.11E+05 2.36E+06 1.14E+01 1.46E+01 

W21-S07 2.01E-01 4.88E-01 1.05E+05 1.39E+06 1.14E+01 1.38E+01 

W21-S08 2.02E-01 4.45E-01 9.94E+04 2.31E+06 1.14E+01 1.45E+01 

W22-S01 1.99E-01 3.35E-01 8.19E+04 2.13E+06 1.12E+01 1.45E+01 

W22-S02 2.00E-01 4.68E-01 1.01E+05 2.16E+06 1.14E+01 1.43E+01 

W22-S04 2.01E-01 5.98E-01 1.28E+05 1.52E+06 1.15E+01 1.41E+01 

W22-S05 2.00E-01 3.96E-01 9.00E+04 3.19E+06 1.13E+01 1.49E+01 

W24-S01 2.03E-01 5.14E-01 1.15E+05 1.05E+06 1.15E+01 1.34E+01 

W24-S02 2.01E-01 4.89E-01 1.08E+05 1.54E+06 1.14E+01 1.38E+01 

W24-S03 2.01E-01 4.50E-01 9.99E+04 1.73E+06 1.14E+01 1.40E+01 

W24-S04 2.01E-01 4.04E-01 9.22E+04 1.90E+06 1.13E+01 1.42E+01 

W24-S05 2.01E-01 4.50E-01 1.00E+05 2.15E+06 1.14E+01 1.44E+01 

W25-S01 1.98E-01 3.42E-01 8.35E+04 1.02E+06 1.13E+01 1.32E+01 

W25-S02 1.98E-01 5.27E-01 1.13E+05 1.73E+06 1.15E+01 1.40E+01 

W25-S03 1.97E-01 4.85E-01 1.03E+05 1.38E+06 1.14E+01 1.38E+01 

W25-S04 1.98E-01 4.48E-01 9.65E+04 2.29E+06 1.13E+01 1.44E+01 

W26-S02 1.99E-01 4.69E-01 1.02E+05 1.35E+06 1.14E+01 1.38E+01 

W27-S01 1.96E-01 4.26E-01 9.21E+04 1.92E+06 1.13E+01 1.43E+01 

W27-S03 2.00E-01 4.11E-01 9.58E+04 2.13E+05 1.14E+01 1.21E+01 

W27-S04 2.00E-01 4.36E-01 9.59E+04 8.44E+05 1.13E+01 1.32E+01 

W27-S05 2.01E-01 3.51E-01 8.67E+04 2.02E+05 1.13E+01 1.20E+01 

W27-S06 2.00E-01 3.91E-01 9.36E+04 2.12E+05 1.14E+01 1.21E+01 

W28-S02 1.96E-01 5.09E-01 1.03E+05 8.72E+05 1.13E+01 1.35E+01 

W28-S04 2.09E-01 5.28E-01 1.32E+05 1.90E+06 1.16E+01 1.42E+01 

W28-S05 1.96E-01 3.30E-01 8.12E+04 4.19E+05 1.12E+01 1.25E+01 

W29-S01 1.98E-01 4.13E-01 9.17E+04 1.08E+06 1.13E+01 1.35E+01 

W29-S02 1.97E-01 3.22E-01 7.98E+04 1.20E+06 1.12E+01 1.35E+01 

W30-S01 2.01E-01 2.77E-01 7.90E+04 1.72E+05 1.12E+01 1.18E+01 

W30-S03 1.98E-01 3.48E-01 8.53E+04 2.62E+06 1.13E+01 1.45E+01 

W30-S04 2.00E-01 6.20E-01 1.40E+05 1.42E+06 1.16E+01 1.39E+01 

W30-S05 1.98E-01 4.73E-01 1.01E+05 1.26E+06 1.14E+01 1.38E+01 

W30-S07 1.97E-01 4.67E-01 9.96E+04 1.29E+06 1.14E+01 1.37E+01 

W30-S08 1.99E-01 4.22E-01 9.53E+04 1.56E+06 1.13E+01 1.37E+01 

W31-S01 2.00E-01 4.30E-01 9.54E+04 1.77E+06 1.13E+01 1.42E+01 

W31-S03 2.00E-01 5.87E-01 1.25E+05 2.37E+06 1.15E+01 1.45E+01 

 



Sample Eq 

Diameter 

_Log_Max 

EqDiameter 

_Log_Median 

Eq 

Diameter 

_Max 

Eq 

Diameter 

_Median 

Eq 

Diameter 

_Std 

Flatness 

_Avg 

 
nm nm nm nm nm adim 

W02-S01 1.49E+01 1.19E+01 2.84E+06 1.42E+05 8.00E+04 4.49E-01 

W02-S03 1.39E+01 1.19E+01 1.11E+06 1.50E+05 7.25E+04 4.25E-01 

W02-S04 1.35E+01 1.18E+01 7.06E+05 1.29E+05 3.64E+04 4.42E-01 

W02-S05 1.36E+01 1.17E+01 7.77E+05 1.24E+05 2.89E+04 4.40E-01 

W03-S01 1.51E+01 1.20E+01 3.58E+06 1.68E+05 2.33E+05 4.22E-01 

W03-S02 1.42E+01 1.20E+01 1.52E+06 1.66E+05 9.66E+04 4.12E-01 

W03-S03 1.45E+01 1.20E+01 1.90E+06 1.56E+05 9.30E+04 4.04E-01 

W03-S06 1.43E+01 1.18E+01 1.66E+06 1.38E+05 5.18E+04 4.65E-01 

W03-S09 1.52E+01 1.19E+01 3.95E+06 1.50E+05 9.04E+04 4.28E-01 

W03-S10 1.44E+01 1.20E+01 1.80E+06 1.63E+05 9.53E+04 4.40E-01 

W06-S02 1.55E+01 1.20E+01 5.23E+06 1.63E+05 1.08E+05 3.80E-01 

W06-S03 1.55E+01 1.20E+01 5.25E+06 1.63E+05 1.03E+05 3.97E-01 

W07-S01 1.58E+01 1.20E+01 7.03E+06 1.63E+05 1.92E+05 3.26E-01 

W07-S02 1.53E+01 1.21E+01 4.58E+06 1.71E+05 2.79E+05 4.06E-01 

W07-S04 1.54E+01 1.22E+01 4.67E+06 2.01E+05 3.17E+05 3.72E-01 

W08-S01 1.44E+01 1.21E+01 1.87E+06 1.81E+05 9.11E+04 3.39E-01 

W08-S03 1.54E+01 1.20E+01 4.80E+06 1.69E+05 1.61E+05 4.63E-01 

W08-S04 1.40E+01 1.21E+01 1.19E+06 1.86E+05 1.06E+05 3.60E-01 

W09-S01 1.51E+01 1.21E+01 3.61E+06 1.81E+05 1.35E+05 4.20E-01 

W09-S02 1.50E+01 1.21E+01 3.29E+06 1.79E+05 2.21E+05 4.08E-01 

W09-S03 1.48E+01 1.21E+01 2.65E+06 1.74E+05 1.03E+05 4.11E-01 

W09-S04 1.49E+01 1.20E+01 3.06E+06 1.63E+05 1.34E+05 4.30E-01 

W09-S05 1.55E+01 1.20E+01 5.34E+06 1.60E+05 2.09E+05 3.98E-01 

W10-S06 1.52E+01 1.19E+01 4.14E+06 1.42E+05 1.17E+05 3.81E-01 

W10-S07 1.45E+01 1.19E+01 1.95E+06 1.46E+05 6.56E+04 4.42E-01 

W11-S03 1.47E+01 1.20E+01 2.41E+06 1.56E+05 8.64E+04 4.84E-01 

W11-S04 1.51E+01 1.19E+01 3.59E+06 1.42E+05 8.55E+04 4.20E-01 

W14-S01 1.51E+01 1.19E+01 3.75E+06 1.50E+05 1.07E+05 4.22E-01 

W14-S02 1.54E+01 1.18E+01 4.92E+06 1.38E+05 7.81E+04 4.43E-01 

W14-S04 1.53E+01 1.19E+01 4.29E+06 1.42E+05 1.36E+05 4.25E-01 

W14-S05 1.51E+01 1.19E+01 3.71E+06 1.46E+05 1.30E+05 4.19E-01 

W14-S06 1.53E+01 1.19E+01 4.52E+06 1.50E+05 1.02E+05 4.32E-01 

W14-S07 1.53E+01 1.18E+01 4.46E+06 1.38E+05 8.09E+04 4.37E-01 

W14-S09 1.46E+01 1.20E+01 2.15E+06 1.56E+05 8.21E+04 4.36E-01 

W14-S10 1.53E+01 1.18E+01 4.29E+06 1.38E+05 1.01E+05 4.03E-01 

W14-S12 1.51E+01 1.19E+01 3.66E+06 1.46E+05 9.63E+04 4.22E-01 

W15-S02 1.52E+01 1.18E+01 4.15E+06 1.38E+05 9.82E+04 4.06E-01 

W15-S03 1.45E+01 1.19E+01 1.92E+06 1.42E+05 7.01E+04 4.34E-01 

W15-S05 1.47E+01 1.18E+01 2.31E+06 1.38E+05 7.06E+04 4.44E-01 

W15-S06 1.51E+01 1.19E+01 3.78E+06 1.42E+05 1.20E+05 4.27E-01 

W15-S07 1.52E+01 1.19E+01 4.02E+06 1.42E+05 1.44E+05 4.12E-01 



Sample Eq 

Diameter 

_Log_Max 

EqDiameter 

_Log_Median 

Eq 

Diameter 

_Max 

Eq 

Diameter 

_Median 

Eq 

Diameter 

_Std 

Flatness 

_Avg 

 
nm nm nm nm nm adim 

W15-S08 1.53E+01 1.19E+01 4.61E+06 1.42E+05 1.22E+05 4.31E-01 

W15-S09 1.51E+01 1.18E+01 3.51E+06 1.38E+05 1.05E+05 4.30E-01 

W15-S12 1.52E+01 1.19E+01 4.04E+06 1.53E+05 1.31E+05 4.21E-01 

W15-S14 1.47E+01 1.19E+01 2.33E+06 1.42E+05 6.20E+04 4.66E-01 

W16-S01 1.47E+01 1.18E+01 2.42E+06 1.38E+05 5.23E+04 4.49E-01 

W16-S03 1.49E+01 1.19E+01 2.87E+06 1.46E+05 7.99E+04 4.28E-01 

W16-S05 1.53E+01 1.18E+01 4.27E+06 1.38E+05 1.11E+05 4.00E-01 

W16-S06 1.53E+01 1.18E+01 4.20E+06 1.34E+05 1.04E+05 3.97E-01 

W17-S01 1.55E+01 1.19E+01 5.25E+06 1.46E+05 1.37E+05 4.15E-01 

W17-S03 1.53E+01 1.19E+01 4.27E+06 1.53E+05 1.30E+05 4.38E-01 

W17-S04 1.51E+01 1.20E+01 3.55E+06 1.56E+05 1.54E+05 4.40E-01 

W17-S05 1.52E+01 1.19E+01 4.10E+06 1.50E+05 1.09E+05 4.44E-01 

W18-S01 1.50E+01 1.19E+01 3.21E+06 1.53E+05 1.23E+05 4.39E-01 

W18-S02 1.50E+01 1.19E+01 3.29E+06 1.46E+05 8.52E+04 3.86E-01 

W18-S03 1.53E+01 1.19E+01 4.26E+06 1.50E+05 1.45E+05 4.17E-01 

W18-S04 1.53E+01 1.19E+01 4.25E+06 1.42E+05 9.95E+04 4.30E-01 

W18-S05 1.44E+01 1.18E+01 1.83E+06 1.34E+05 5.01E+04 4.41E-01 

W18-S06 1.51E+01 1.19E+01 3.79E+06 1.46E+05 1.38E+05 4.10E-01 

W19-S01 1.56E+01 1.22E+01 5.86E+06 1.95E+05 1.54E+05 4.29E-01 

W19-S02 1.55E+01 1.19E+01 5.64E+06 1.50E+05 9.60E+04 4.55E-01 

W19-S03 1.48E+01 1.18E+01 2.65E+06 1.29E+05 4.25E+04 4.47E-01 

W19-S04 1.49E+01 1.18E+01 2.97E+06 1.38E+05 5.71E+04 4.46E-01 

W19-S05 1.57E+01 1.19E+01 6.40E+06 1.46E+05 7.89E+04 4.48E-01 

W19-S06 1.38E+01 1.19E+01 1.01E+06 1.42E+05 5.43E+04 4.47E-01 

W20-S01 1.51E+01 1.18E+01 3.63E+06 1.34E+05 5.00E+04 4.67E-01 

W20-S02 1.60E+01 1.18E+01 8.85E+06 1.38E+05 9.68E+04 4.54E-01 

W20-S03 1.49E+01 1.19E+01 2.89E+06 1.42E+05 7.66E+04 4.42E-01 

W20-S04 1.39E+01 1.18E+01 1.06E+06 1.34E+05 4.78E+04 4.65E-01 

W20-S05 1.51E+01 1.19E+01 3.77E+06 1.42E+05 1.16E+05 4.41E-01 

W20-S06 1.34E+01 1.18E+01 6.42E+05 1.29E+05 3.67E+04 4.71E-01 

W21-S01 1.53E+01 1.18E+01 4.50E+06 1.38E+05 1.20E+05 4.41E-01 

W21-S02 1.50E+01 1.19E+01 3.38E+06 1.42E+05 8.20E+04 4.48E-01 

W21-S03 1.52E+01 1.19E+01 4.19E+06 1.42E+05 1.27E+05 4.23E-01 

W21-S04 1.54E+01 1.19E+01 4.81E+06 1.46E+05 1.20E+05 4.41E-01 

W21-S05 1.53E+01 1.19E+01 4.60E+06 1.42E+05 1.16E+05 4.18E-01 

W21-S06 1.53E+01 1.19E+01 4.36E+06 1.50E+05 1.61E+05 4.17E-01 

W21-S07 1.52E+01 1.19E+01 3.80E+06 1.50E+05 9.44E+04 4.33E-01 

W21-S08 1.54E+01 1.19E+01 4.79E+06 1.42E+05 1.19E+05 4.54E-01 

W22-S01 1.53E+01 1.18E+01 4.22E+06 1.29E+05 1.24E+05 4.21E-01 

W22-S02 1.53E+01 1.19E+01 4.34E+06 1.50E+05 9.97E+04 4.60E-01 

W22-S04 1.48E+01 1.20E+01 2.78E+06 1.63E+05 1.60E+05 4.08E-01 



Sample Eq 

Diameter 

_Log_Max 

EqDiameter 

_Log_Median 

Eq 

Diameter 

_Max 

Eq 

Diameter 

_Median 

Eq 

Diameter 

_Std 

Flatness 

_Avg 

 
nm nm nm nm nm adim 

W22-S05 1.55E+01 1.19E+01 5.49E+06 1.42E+05 1.12E+05 4.52E-01 

W24-S01 1.55E+01 1.19E+01 5.58E+06 1.53E+05 9.17E+04 4.61E-01 

W24-S02 1.53E+01 1.19E+01 4.55E+06 1.50E+05 9.19E+04 4.54E-01 

W24-S03 1.51E+01 1.19E+01 3.54E+06 1.42E+05 8.61E+04 4.59E-01 

W24-S04 1.51E+01 1.18E+01 3.77E+06 1.38E+05 8.74E+04 4.39E-01 

W24-S05 1.52E+01 1.19E+01 4.11E+06 1.42E+05 1.23E+05 4.42E-01 

W25-S01 1.49E+01 1.18E+01 3.04E+06 1.34E+05 4.97E+04 3.58E-01 

W25-S02 1.51E+01 1.20E+01 3.78E+06 1.56E+05 1.10E+05 4.31E-01 

W25-S03 1.50E+01 1.19E+01 3.21E+06 1.50E+05 9.76E+04 4.31E-01 

W25-S04 1.53E+01 1.19E+01 4.49E+06 1.46E+05 1.05E+05 4.28E-01 

W26-S02 1.51E+01 1.19E+01 3.45E+06 1.46E+05 9.41E+04 4.35E-01 

W27-S01 1.52E+01 1.19E+01 3.81E+06 1.42E+05 1.14E+05 4.27E-01 

W27-S03 1.37E+01 1.19E+01 9.26E+05 1.42E+05 5.06E+04 4.63E-01 

W27-S04 1.49E+01 1.19E+01 2.81E+06 1.46E+05 6.92E+04 4.08E-01 

W27-S05 1.45E+01 1.18E+01 1.89E+06 1.34E+05 4.07E+04 4.61E-01 

W27-S06 1.37E+01 1.18E+01 9.22E+05 1.38E+05 4.76E+04 4.48E-01 

W28-S02 1.46E+01 1.19E+01 2.12E+06 1.53E+05 1.11E+05 4.32E-01 

W28-S04 1.53E+01 1.19E+01 4.33E+06 1.50E+05 1.42E+05 3.94E-01 

W28-S05 1.47E+01 1.18E+01 2.36E+06 1.34E+05 4.35E+04 4.30E-01 

W29-S01 1.50E+01 1.19E+01 3.27E+06 1.42E+05 7.14E+04 4.47E-01 

W29-S02 1.52E+01 1.18E+01 3.84E+06 1.34E+05 5.25E+04 4.29E-01 

W30-S01 1.40E+01 1.17E+01 1.22E+06 1.24E+05 2.94E+04 4.35E-01 

W30-S03 1.55E+01 1.18E+01 5.42E+06 1.29E+05 7.59E+04 3.56E-01 

W30-S04 1.52E+01 1.20E+01 3.85E+06 1.68E+05 1.49E+05 4.43E-01 

W30-S05 1.50E+01 1.19E+01 3.30E+06 1.46E+05 9.58E+04 4.27E-01 

W30-S07 1.51E+01 1.19E+01 3.65E+06 1.50E+05 8.81E+04 3.94E-01 

W30-S08 1.53E+01 1.19E+01 4.32E+06 1.42E+05 7.12E+04 4.41E-01 

W31-S01 1.50E+01 1.18E+01 3.33E+06 1.38E+05 1.02E+05 4.33E-01 

W31-S03 1.56E+01 1.20E+01 5.95E+06 1.60E+05 1.88E+05 4.00E-01 

 

Sample Flatness 

_Avg_w 

Flatness 

_Median 

Flatness 

_Std 

Orientation 

2Phi_Avg 

Orientation 

2Phi_Avg_w 

Orientation 

2Phi_Median  
adim adim adim graus graus graus 

W02-S01 5.29E-01 4.47E-01 2.04E-01 5.60E+01 5.75E+01 5.64E+01 

W02-S03 4.53E-01 4.19E-01 2.04E-01 5.50E+01 5.69E+01 5.66E+01 

W02-S04 4.57E-01 4.46E-01 2.08E-01 5.01E+01 5.03E+01 4.96E+01 

W02-S05 4.55E-01 4.47E-01 2.10E-01 5.25E+01 5.39E+01 5.38E+01 

W03-S01 4.91E-01 4.23E-01 2.27E-01 3.89E+01 5.58E+01 3.60E+01 

W03-S02 4.81E-01 4.18E-01 2.40E-01 3.20E+01 4.70E+01 2.75E+01 

W03-S03 4.53E-01 4.11E-01 2.44E-01 3.24E+01 5.43E+01 2.78E+01 

W03-S06 4.85E-01 4.61E-01 2.05E-01 5.32E+01 5.40E+01 5.46E+01 

W03-S09 3.78E-01 4.36E-01 2.37E-01 3.45E+01 6.67E+01 3.14E+01 



Sample Flatness 

_Avg_w 

Flatness 

_Median 

Flatness 

_Std 

Orientation 

2Phi_Avg 

Orientation 

2Phi_Avg_w 

Orientation 

2Phi_Median  
adim adim adim graus graus graus 

W03-S10 4.67E-01 4.44E-01 2.30E-01 3.75E+01 5.41E+01 3.38E+01 

W06-S02 4.75E-01 3.81E-01 2.36E-01 3.01E+01 5.26E+01 2.54E+01 

W06-S03 4.49E-01 3.98E-01 2.32E-01 3.05E+01 4.56E+01 2.60E+01 

W07-S01 4.74E-01 3.14E-01 2.35E-01 2.89E+01 5.38E+01 2.40E+01 

W07-S02 4.93E-01 4.10E-01 2.42E-01 3.21E+01 5.58E+01 2.70E+01 

W07-S04 4.76E-01 3.63E-01 2.35E-01 3.45E+01 5.32E+01 2.89E+01 

W08-S01 4.07E-01 3.28E-01 2.31E-01 2.20E+01 2.95E+01 1.70E+01 

W08-S03 5.31E-01 4.62E-01 2.13E-01 5.53E+01 5.71E+01 5.75E+01 

W08-S04 4.52E-01 3.52E-01 2.39E-01 2.52E+01 3.67E+01 1.93E+01 

W09-S01 4.46E-01 4.20E-01 2.29E-01 3.53E+01 5.05E+01 3.11E+01 

W09-S02 4.73E-01 4.09E-01 2.33E-01 3.56E+01 4.95E+01 3.15E+01 

W09-S03 4.50E-01 4.12E-01 2.29E-01 3.32E+01 4.36E+01 2.91E+01 

W09-S04 4.84E-01 4.35E-01 2.29E-01 3.76E+01 5.17E+01 3.40E+01 

W09-S05 4.29E-01 3.99E-01 2.30E-01 3.87E+01 5.05E+01 3.55E+01 

W10-S06 4.54E-01 3.73E-01 2.23E-01 5.56E+01 5.50E+01 5.75E+01 

W10-S07 4.64E-01 4.37E-01 2.04E-01 5.84E+01 5.97E+01 6.13E+01 

W11-S03 4.61E-01 4.79E-01 2.01E-01 5.91E+01 6.33E+01 6.22E+01 

W11-S04 4.14E-01 4.13E-01 2.09E-01 5.68E+01 6.39E+01 5.94E+01 

W14-S01 4.70E-01 4.15E-01 2.13E-01 5.65E+01 5.56E+01 5.86E+01 

W14-S02 4.37E-01 4.41E-01 2.08E-01 5.62E+01 5.87E+01 5.82E+01 

W14-S04 5.21E-01 4.21E-01 2.13E-01 5.46E+01 5.59E+01 5.68E+01 

W14-S05 5.02E-01 4.13E-01 2.09E-01 5.66E+01 5.45E+01 5.86E+01 

W14-S06 4.46E-01 4.27E-01 2.11E-01 5.72E+01 5.70E+01 5.97E+01 

W14-S07 4.54E-01 4.35E-01 2.11E-01 5.75E+01 5.87E+01 6.00E+01 

W14-S09 4.47E-01 4.29E-01 2.08E-01 5.43E+01 5.47E+01 5.61E+01 

W14-S10 4.93E-01 3.96E-01 2.17E-01 5.70E+01 5.64E+01 5.96E+01 

W14-S12 4.52E-01 4.18E-01 2.13E-01 5.54E+01 5.86E+01 5.74E+01 

W15-S02 4.70E-01 4.03E-01 2.17E-01 5.33E+01 5.24E+01 5.50E+01 

W15-S03 4.55E-01 4.31E-01 2.10E-01 5.40E+01 5.53E+01 5.57E+01 

W15-S05 4.66E-01 4.42E-01 2.09E-01 5.21E+01 5.19E+01 5.31E+01 

W15-S06 4.97E-01 4.25E-01 2.13E-01 5.36E+01 5.46E+01 5.52E+01 

W15-S07 5.27E-01 4.11E-01 2.20E-01 5.19E+01 5.44E+01 5.30E+01 

W15-S08 5.48E-01 4.30E-01 2.13E-01 5.24E+01 5.49E+01 5.35E+01 

W15-S09 4.97E-01 4.30E-01 2.23E-01 5.39E+01 5.49E+01 5.56E+01 

W15-S12 4.99E-01 4.16E-01 2.14E-01 5.08E+01 4.93E+01 5.14E+01 

W15-S14 4.76E-01 4.63E-01 2.07E-01 5.73E+01 5.96E+01 6.00E+01 

W16-S01 4.63E-01 4.46E-01 2.06E-01 5.50E+01 5.67E+01 5.70E+01 

W16-S03 4.60E-01 4.24E-01 2.11E-01 5.37E+01 5.75E+01 5.55E+01 

W16-S05 4.84E-01 3.94E-01 2.17E-01 5.70E+01 5.07E+01 5.96E+01 

W16-S06 4.93E-01 3.94E-01 2.23E-01 5.48E+01 5.39E+01 5.68E+01 

W17-S01 4.93E-01 4.24E-01 2.32E-01 3.80E+01 5.42E+01 3.48E+01 

W17-S03 4.95E-01 4.43E-01 2.28E-01 4.01E+01 5.71E+01 3.73E+01 



Sample Flatness 

_Avg_w 

Flatness 

_Median 

Flatness 

_Std 

Orientation 

2Phi_Avg 

Orientation 

2Phi_Avg_w 

Orientation 

2Phi_Median  
adim adim adim graus graus graus 

W17-S04 4.50E-01 4.43E-01 2.30E-01 4.07E+01 5.76E+01 3.80E+01 

W17-S05 5.27E-01 4.41E-01 2.07E-01 5.13E+01 5.03E+01 5.16E+01 

W18-S01 4.90E-01 4.34E-01 2.10E-01 5.63E+01 5.98E+01 5.88E+01 

W18-S02 3.76E-01 3.76E-01 2.18E-01 6.72E+01 7.32E+01 7.21E+01 

W18-S03 4.98E-01 4.11E-01 2.11E-01 5.63E+01 5.55E+01 5.89E+01 

W18-S04 5.00E-01 4.25E-01 2.13E-01 5.64E+01 5.84E+01 5.89E+01 

W18-S05 4.51E-01 4.40E-01 2.11E-01 5.79E+01 5.93E+01 6.07E+01 

W18-S06 4.92E-01 4.03E-01 2.15E-01 5.72E+01 5.86E+01 6.04E+01 

W19-S01 4.83E-01 4.26E-01 2.20E-01 3.61E+01 4.77E+01 3.20E+01 

W19-S02 5.72E-01 4.51E-01 2.05E-01 5.33E+01 5.52E+01 5.47E+01 

W19-S03 4.07E-01 4.48E-01 2.11E-01 5.72E+01 5.90E+01 6.00E+01 

W19-S04 4.57E-01 4.44E-01 2.05E-01 5.46E+01 5.42E+01 5.61E+01 

W19-S05 4.98E-01 4.44E-01 2.07E-01 5.16E+01 5.27E+01 5.23E+01 

W19-S06 4.54E-01 4.43E-01 2.03E-01 4.98E+01 4.77E+01 4.95E+01 

W20-S01 4.69E-01 4.64E-01 2.05E-01 5.42E+01 5.30E+01 5.57E+01 

W20-S02 5.16E-01 4.53E-01 2.09E-01 5.63E+01 5.53E+01 5.85E+01 

W20-S03 4.56E-01 4.39E-01 2.09E-01 5.78E+01 6.05E+01 6.04E+01 

W20-S04 4.83E-01 4.64E-01 2.07E-01 5.75E+01 5.95E+01 6.00E+01 

W20-S05 4.96E-01 4.38E-01 2.09E-01 5.58E+01 5.64E+01 5.80E+01 

W20-S06 4.80E-01 4.69E-01 2.07E-01 5.93E+01 6.29E+01 6.28E+01 

W21-S01 5.14E-01 4.39E-01 2.09E-01 5.71E+01 5.90E+01 5.96E+01 

W21-S02 4.77E-01 4.45E-01 2.08E-01 5.55E+01 5.71E+01 5.74E+01 

W21-S03 5.05E-01 4.19E-01 2.11E-01 5.55E+01 5.57E+01 5.76E+01 

W21-S04 4.99E-01 4.39E-01 2.10E-01 5.68E+01 6.52E+01 5.92E+01 

W21-S05 4.89E-01 4.13E-01 2.14E-01 5.74E+01 6.27E+01 6.00E+01 

W21-S06 4.88E-01 4.12E-01 2.15E-01 5.38E+01 5.74E+01 5.56E+01 

W21-S07 4.81E-01 4.28E-01 2.11E-01 5.51E+01 5.76E+01 5.70E+01 

W21-S08 5.41E-01 4.51E-01 2.09E-01 5.62E+01 5.46E+01 5.82E+01 

W22-S01 5.03E-01 4.22E-01 2.18E-01 5.87E+01 5.57E+01 6.18E+01 

W22-S02 5.36E-01 4.55E-01 2.04E-01 5.34E+01 5.69E+01 5.48E+01 

W22-S04 4.47E-01 4.00E-01 2.14E-01 6.12E+01 6.27E+01 6.53E+01 

W22-S05 5.65E-01 4.51E-01 2.10E-01 5.37E+01 5.51E+01 5.52E+01 

W24-S01 4.75E-01 4.58E-01 2.11E-01 5.56E+01 5.07E+01 5.82E+01 

W24-S02 4.90E-01 4.49E-01 2.09E-01 5.69E+01 5.93E+01 5.94E+01 

W24-S03 5.24E-01 4.56E-01 2.05E-01 5.69E+01 6.13E+01 5.93E+01 

W24-S04 4.95E-01 4.38E-01 2.10E-01 5.41E+01 5.41E+01 5.61E+01 

W24-S05 5.17E-01 4.41E-01 2.11E-01 5.47E+01 5.64E+01 5.65E+01 

W25-S01 1.71E-01 3.40E-01 2.14E-01 7.10E+01 8.09E+01 7.62E+01 

W25-S02 3.79E-01 4.26E-01 2.06E-01 6.25E+01 7.13E+01 6.69E+01 

W25-S03 4.63E-01 4.25E-01 2.07E-01 5.68E+01 5.72E+01 5.95E+01 

W25-S04 4.67E-01 4.21E-01 2.10E-01 5.71E+01 5.79E+01 5.99E+01 

W26-S02 4.36E-01 4.30E-01 2.10E-01 5.56E+01 5.78E+01 5.78E+01 



Sample Flatness 

_Avg_w 

Flatness 

_Median 

Flatness 

_Std 

Orientation 

2Phi_Avg 

Orientation 

2Phi_Avg_w 

Orientation 

2Phi_Median  
adim adim adim graus graus graus 

W27-S01 5.03E-01 4.24E-01 2.07E-01 5.79E+01 5.39E+01 6.08E+01 

W27-S03 4.82E-01 4.58E-01 2.07E-01 6.20E+01 6.38E+01 6.60E+01 

W27-S04 2.76E-01 3.98E-01 2.09E-01 6.67E+01 7.73E+01 7.17E+01 

W27-S05 4.82E-01 4.59E-01 2.06E-01 5.37E+01 5.31E+01 5.51E+01 

W27-S06 4.63E-01 4.46E-01 2.08E-01 5.29E+01 5.27E+01 5.41E+01 

W28-S02 3.95E-01 4.25E-01 2.07E-01 5.91E+01 6.89E+01 6.28E+01 

W28-S04 4.79E-01 4.00E-01 2.37E-01 3.72E+01 6.12E+01 3.40E+01 

W28-S05 4.52E-01 4.26E-01 2.09E-01 6.04E+01 6.02E+01 6.37E+01 

W29-S01 4.60E-01 4.43E-01 2.06E-01 5.74E+01 5.57E+01 6.00E+01 

W29-S02 4.60E-01 4.27E-01 2.10E-01 5.77E+01 5.45E+01 6.01E+01 

W30-S01 4.50E-01 4.40E-01 2.12E-01 5.42E+01 5.67E+01 5.57E+01 

W30-S03 5.11E-01 3.47E-01 2.28E-01 6.60E+01 5.91E+01 7.00E+01 

W30-S04 4.64E-01 4.35E-01 2.08E-01 5.94E+01 6.04E+01 6.27E+01 

W30-S05 4.74E-01 4.22E-01 2.10E-01 5.76E+01 5.89E+01 6.03E+01 

W30-S07 4.72E-01 3.83E-01 2.16E-01 5.64E+01 5.88E+01 5.92E+01 

W30-S08 4.75E-01 4.38E-01 2.07E-01 5.45E+01 5.65E+01 5.62E+01 

W31-S01 4.54E-01 4.32E-01 2.09E-01 5.84E+01 6.27E+01 6.14E+01 

W31-S03 5.10E-01 3.90E-01 2.18E-01 5.81E+01 6.26E+01 6.11E+01 

 

Sample Orientation 

2Phi_Std 

Orientation 

2Theta_Avg 

Orientation 

2Theta_ 

Avg_w 

Orientation 

2Theta 

_Median 

Orientation 

2Theta_Std 

Orientation 

Phi_Avg 

 
graus graus graus graus graus graus 

W02-S01 2.15E+01 3.27E+00 -2.63E+00 4.60E-01 1.05E+02 5.81E+01 

W02-S03 2.33E+01 5.44E+00 1.80E+00 -2.70E-02 1.05E+02 5.91E+01 

W02-S04 2.39E+01 -2.98E+00 -3.31E+00 1.39E-01 1.00E+02 6.32E+01 

W02-S05 2.38E+01 -8.30E+00 -8.38E+00 -5.85E+00 1.02E+02 6.07E+01 

W03-S01 2.48E+01 1.06E+01 7.44E+00 1.17E+01 1.02E+02 6.80E+01 

W03-S02 2.41E+01 4.50E+00 4.32E+00 6.45E+00 1.04E+02 7.05E+01 

W03-S03 2.49E+01 1.63E+00 -2.46E+00 9.22E+00 9.96E+01 7.10E+01 

W03-S06 2.33E+01 4.12E+00 2.25E+00 4.47E+00 1.01E+02 6.04E+01 

W03-S09 2.50E+01 1.82E+00 -5.01E+00 3.57E-01 1.03E+02 7.01E+01 

W03-S10 2.52E+01 -5.62E-01 -1.12E+01 4.04E+00 1.03E+02 6.79E+01 

W06-S02 2.36E+01 1.55E+01 1.26E-01 3.22E+01 1.03E+02 7.19E+01 

W06-S03 2.32E+01 3.99E+00 1.93E+00 3.70E+00 1.04E+02 7.19E+01 

W07-S01 2.36E+01 2.17E+01 2.46E+01 4.50E+01 1.05E+02 7.28E+01 

W07-S02 2.47E+01 5.75E+00 7.52E+00 8.15E+00 1.04E+02 7.07E+01 

W07-S04 2.54E+01 3.78E+00 1.08E+01 -3.40E+00 9.79E+01 6.98E+01 

W08-S01 1.96E+01 -2.19E+00 -9.02E+00 -4.54E-03 1.03E+02 7.63E+01 

W08-S03 2.34E+01 4.39E+00 1.08E+01 1.64E+00 1.04E+02 5.84E+01 

W08-S04 2.17E+01 9.51E+00 9.65E+00 1.44E+01 1.03E+02 7.44E+01 

W09-S01 2.42E+01 2.08E+00 7.59E-03 4.72E+00 1.06E+02 6.93E+01 

W09-S02 2.47E+01 1.47E+00 -3.06E+00 2.32E+00 1.03E+02 6.89E+01 



Sample Orientation 

2Phi_Std 

Orientation 

2Theta_Avg 

Orientation 

2Theta_ 

Avg_w 

Orientation 

2Theta 

_Median 

Orientation 

2Theta_Std 

Orientation 

Phi_Avg 

 
graus graus graus graus graus graus 

W09-S03 2.35E+01 4.58E+00 4.58E+00 6.12E+00 9.85E+01 7.03E+01 

W09-S04 2.47E+01 1.56E+00 -4.26E+00 3.19E+00 1.04E+02 6.81E+01 

W09-S05 2.52E+01 2.01E-01 -7.68E+00 2.51E+00 1.03E+02 6.81E+01 

W10-S06 2.36E+01 7.44E+00 3.20E+01 7.29E+00 1.08E+02 5.82E+01 

W10-S07 2.20E+01 1.16E+00 -1.32E+00 2.46E-03 1.03E+02 5.64E+01 

W11-S03 2.17E+01 9.00E-01 1.06E+01 1.41E+00 1.05E+02 5.60E+01 

W11-S04 2.27E+01 4.65E+00 9.56E+00 6.17E+00 1.03E+02 5.81E+01 

W14-S01 2.27E+01 1.27E-01 -2.21E+01 0.00E+00 1.03E+02 5.83E+01 

W14-S02 2.26E+01 6.91E+00 5.46E+01 9.57E+00 1.05E+02 5.84E+01 

W14-S04 2.36E+01 -1.84E-01 -7.79E+00 0.00E+00 1.03E+02 5.94E+01 

W14-S05 2.26E+01 2.47E+00 2.35E+01 0.00E+00 1.03E+02 5.77E+01 

W14-S06 2.25E+01 -7.65E-01 -5.80E+00 0.00E+00 1.03E+02 5.72E+01 

W14-S07 2.25E+01 3.56E+00 2.04E+01 1.21E+00 1.03E+02 5.75E+01 

W14-S09 2.31E+01 8.47E-01 -3.08E+00 7.57E-01 1.05E+02 5.96E+01 

W14-S10 2.30E+01 4.38E-01 9.27E+00 1.21E-01 1.04E+02 5.76E+01 

W14-S12 2.31E+01 1.01E+01 1.90E+01 1.32E+01 1.03E+02 5.91E+01 

W15-S02 2.39E+01 4.51E+00 1.40E+01 4.38E-01 1.02E+02 6.04E+01 

W15-S03 2.34E+01 4.14E+00 6.77E+00 1.02E+01 1.03E+02 5.97E+01 

W15-S05 2.36E+01 3.36E+00 6.18E+00 0.00E+00 1.07E+02 6.12E+01 

W15-S06 2.37E+01 -1.26E+00 -3.54E+00 0.00E+00 1.06E+02 5.95E+01 

W15-S07 2.43E+01 4.49E+00 -5.35E-01 3.36E+00 1.05E+02 6.12E+01 

W15-S08 2.39E+01 8.51E-01 -2.24E+00 1.46E+00 1.03E+02 6.12E+01 

W15-S09 2.38E+01 4.47E+00 1.25E+01 3.63E+00 1.01E+02 6.01E+01 

W15-S12 2.43E+01 -2.78E+00 -1.05E+01 -1.30E+00 9.94E+01 6.17E+01 

W15-S14 2.25E+01 4.33E+00 1.02E+01 8.49E-01 1.03E+02 5.70E+01 

W16-S01 2.31E+01 -6.97E-01 -8.87E+00 -2.22E+00 1.03E+02 5.95E+01 

W16-S03 2.35E+01 -3.59E-01 -2.49E+00 -8.46E-01 1.07E+02 5.98E+01 

W16-S05 2.32E+01 -5.88E+00 -1.97E+01 -8.48E+00 1.01E+02 5.79E+01 

W16-S06 2.36E+01 5.92E+00 1.37E+01 5.81E+00 9.78E+01 5.92E+01 

W17-S01 2.51E+01 4.91E+00 -1.26E+00 4.12E+00 1.03E+02 6.85E+01 

W17-S03 2.51E+01 2.53E+00 8.79E-02 1.98E+00 1.04E+02 6.70E+01 

W17-S04 2.51E+01 -3.55E+00 -9.90E+00 -4.70E+00 1.03E+02 6.67E+01 

W17-S05 2.36E+01 -1.37E+00 1.09E+01 0.00E+00 1.03E+02 6.13E+01 

W18-S01 2.30E+01 5.87E-02 -2.88E+00 -7.82E-01 1.03E+02 5.81E+01 

W18-S02 2.00E+01 -2.40E+01 -5.03E+01 -4.82E-01 1.07E+02 5.00E+01 

W18-S03 2.32E+01 6.64E-02 7.55E+00 -6.47E-01 1.04E+02 5.84E+01 

W18-S04 2.30E+01 -2.66E-01 -1.27E+01 1.51E-01 1.04E+02 5.78E+01 

W18-S05 2.25E+01 6.47E+00 2.04E+01 5.92E+00 1.04E+02 5.69E+01 

W18-S06 2.34E+01 -1.18E+00 -3.28E+00 -1.98E-01 1.03E+02 5.72E+01 

W19-S01 2.39E+01 -4.76E+00 -9.38E+00 -6.80E+00 1.05E+02 6.94E+01 

W19-S02 2.34E+01 -5.57E+00 -7.99E+00 -2.53E+00 1.05E+02 6.04E+01 



Sample Orientation 

2Phi_Std 

Orientation 

2Theta_Avg 

Orientation 

2Theta_ 

Avg_w 

Orientation 

2Theta 

_Median 

Orientation 

2Theta_Std 

Orientation 

Phi_Avg 

 
graus graus graus graus graus graus 

W19-S03 2.30E+01 1.34E+01 2.89E+01 9.63E+00 1.03E+02 5.71E+01 

W19-S04 2.29E+01 3.49E+00 -3.18E+00 0.00E+00 1.04E+02 5.89E+01 

W19-S05 2.37E+01 -4.91E+00 -5.71E+00 -1.13E+00 1.02E+02 6.16E+01 

W19-S06 2.38E+01 4.41E+00 3.38E+00 -3.84E+00 1.03E+02 6.37E+01 

W20-S01 2.28E+01 2.60E+00 -3.36E+00 1.74E+01 1.05E+02 5.96E+01 

W20-S02 2.27E+01 2.25E+00 8.02E+00 3.01E+00 1.03E+02 5.80E+01 

W20-S03 2.24E+01 1.23E+00 -6.80E+00 2.37E+00 1.03E+02 5.69E+01 

W20-S04 2.24E+01 -5.95E-01 -1.48E+00 2.90E-01 1.03E+02 5.64E+01 

W20-S05 2.30E+01 2.52E+00 -9.07E-01 2.39E+00 1.02E+02 5.83E+01 

W20-S06 2.20E+01 -2.91E+00 -5.36E+00 0.00E+00 1.05E+02 5.58E+01 

W21-S01 2.24E+01 -1.76E-01 -1.69E+00 -4.91E-01 1.03E+02 5.75E+01 

W21-S02 2.29E+01 -8.74E-01 -3.60E+00 0.00E+00 1.04E+02 5.87E+01 

W21-S03 2.33E+01 -4.60E-01 -4.55E+00 -2.69E-01 1.03E+02 5.89E+01 

W21-S04 2.27E+01 1.15E+00 1.28E+01 1.21E-02 1.03E+02 5.75E+01 

W21-S05 2.29E+01 2.96E-01 -3.80E+00 0.00E+00 1.04E+02 5.75E+01 

W21-S06 2.37E+01 -3.48E-01 2.25E+01 8.89E-04 1.03E+02 5.98E+01 

W21-S07 2.30E+01 6.12E+00 1.25E+01 2.03E+01 1.00E+02 5.86E+01 

W21-S08 2.26E+01 3.61E+00 2.62E+00 1.15E+01 1.07E+02 5.77E+01 

W22-S01 2.27E+01 1.58E+00 9.31E+00 2.36E-01 1.04E+02 5.65E+01 

W22-S02 2.33E+01 -2.55E+00 -1.66E+00 1.75E-02 1.03E+02 6.06E+01 

W22-S04 2.17E+01 -5.13E-01 1.69E-01 2.24E-01 1.04E+02 5.44E+01 

W22-S05 2.36E+01 9.70E-02 1.58E+01 0.00E+00 1.04E+02 6.03E+01 

W24-S01 2.32E+01 -1.22E+00 1.02E+00 0.00E+00 1.04E+02 5.90E+01 

W24-S02 2.26E+01 1.95E+00 6.74E+00 0.00E+00 1.05E+02 5.73E+01 

W24-S03 2.26E+01 1.40E+00 -3.84E+00 1.97E-01 1.03E+02 5.78E+01 

W24-S04 2.35E+01 2.46E+00 -6.70E+00 3.11E+00 1.05E+02 6.03E+01 

W24-S05 2.33E+01 5.38E+00 1.58E+01 1.33E+01 1.05E+02 5.99E+01 

W25-S01 1.78E+01 -2.98E+01 -4.58E+01 -2.68E+01 9.96E+01 4.66E+01 

W25-S02 2.11E+01 1.73E+01 3.53E+01 4.54E+01 9.88E+01 5.44E+01 

W25-S03 2.27E+01 -1.00E+01 -4.04E+00 -1.26E+01 1.06E+02 5.79E+01 

W25-S04 2.27E+01 1.62E+00 -4.56E+00 1.06E+00 1.05E+02 5.81E+01 

W26-S02 2.30E+01 4.47E+00 4.54E+00 3.60E+00 1.05E+02 5.87E+01 

W27-S01 2.24E+01 -7.94E-01 -7.15E-01 8.96E-02 1.03E+02 5.72E+01 

W27-S03 2.11E+01 7.35E+00 1.19E+01 1.17E+00 1.14E+02 5.36E+01 

W27-S04 2.00E+01 1.53E+01 1.31E+01 -1.88E+00 9.79E+01 5.17E+01 

W27-S05 2.32E+01 -1.13E+00 -6.98E-01 3.59E+00 1.02E+02 6.10E+01 

W27-S06 2.36E+01 6.35E+00 5.81E+00 5.56E-02 1.03E+02 6.13E+01 

W28-S02 2.25E+01 1.40E+00 7.27E-02 1.65E+01 1.02E+02 5.65E+01 

W28-S04 2.57E+01 2.75E+00 -1.22E+01 6.48E+00 1.04E+02 6.78E+01 

W28-S05 2.15E+01 8.16E-01 2.99E+00 2.65E-01 1.03E+02 5.49E+01 

W29-S01 2.22E+01 -2.83E+00 -4.96E+00 -1.20E-02 1.03E+02 5.75E+01 



Sample Orientation 

2Phi_Std 

Orientation 

2Theta_Avg 

Orientation 

2Theta_ 

Avg_w 

Orientation 

2Theta 

_Median 

Orientation 

2Theta_Std 

Orientation 

Phi_Avg 

 
graus graus graus graus graus graus 

W29-S02 2.24E+01 1.86E+00 5.32E+00 3.39E+00 1.02E+02 5.72E+01 

W30-S01 2.33E+01 2.33E-01 4.86E+00 3.49E-01 1.03E+02 5.98E+01 

W30-S03 2.07E+01 -3.47E+00 -1.01E+01 0.00E+00 1.11E+02 5.21E+01 

W30-S04 2.19E+01 2.17E+00 1.18E+01 2.41E+00 1.03E+02 5.62E+01 

W30-S05 2.26E+01 1.59E+00 3.30E+00 1.84E-01 1.04E+02 5.70E+01 

W30-S07 2.36E+01 4.39E+00 -8.85E+00 3.34E+00 1.02E+02 5.78E+01 

W30-S08 2.31E+01 9.66E-01 1.14E+01 2.94E-01 1.04E+02 5.93E+01 

W31-S01 2.24E+01 3.24E+00 8.43E+00 0.00E+00 1.04E+02 5.66E+01 

W31-S03 2.30E+01 1.92E+00 3.38E+00 2.86E+00 1.04E+02 5.80E+01 

 

Sample Orientatio

n 

Phi_Avg_w 

Orientation 

Phi_Median 

Orientatio

n 

Phi_Std 

Orientatio

n 

Theta_Avg 

Orientation 

Theta_Avg_

w 

Orientation 

Theta_Median 

 
graus graus graus graus graus graus 

W02-S01 5.93E+01 5.95E+01 2.12E+01 -3.45E-01 7.27E+00 1.16E-01 

W02-S03 5.68E+01 6.18E+01 2.17E+01 -2.77E+00 2.30E+00 1.80E+00 

W02-S04 6.31E+01 6.65E+01 2.00E+01 5.93E+00 6.01E+00 2.37E-01 

W02-S05 5.92E+01 6.23E+01 2.11E+01 6.24E+00 6.12E-01 9.30E+00 

W03-S01 5.95E+01 7.15E+01 1.86E+01 -7.53E+00 -8.74E+00 -1.47E+00 

W03-S02 6.22E+01 7.47E+01 1.80E+01 2.78E+00 1.18E+00 0.00E+00 

W03-S03 5.95E+01 7.54E+01 1.80E+01 9.28E+00 8.17E+00 4.39E+00 

W03-S06 5.94E+01 6.30E+01 2.11E+01 -1.33E+00 6.11E-01 -6.92E-01 

W03-S09 5.32E+01 7.39E+01 1.83E+01 -3.98E-01 -1.53E+01 7.84E+00 

W03-S10 6.00E+01 7.16E+01 1.90E+01 5.77E+00 9.29E+00 2.69E-01 

W06-S02 5.98E+01 7.62E+01 1.74E+01 -4.62E+00 -1.08E+01 -1.75E+00 

W06-S03 6.43E+01 7.58E+01 1.68E+01 1.51E+00 -2.00E+00 1.02E-01 

W07-S01 5.87E+01 7.69E+01 1.69E+01 -8.82E+00 -1.26E+01 -1.76E+01 

W07-S02 5.92E+01 7.53E+01 1.83E+01 -3.24E-01 -1.46E+01 0.00E+00 

W07-S04 6.04E+01 7.44E+01 1.84E+01 -1.18E+00 -1.00E+01 7.69E+00 

W08-S01 7.21E+01 7.99E+01 1.38E+01 9.82E+00 1.03E+01 6.14E+00 

W08-S03 5.80E+01 6.11E+01 2.19E+01 -8.87E-01 -4.51E+00 0.00E+00 

W08-S04 6.83E+01 7.86E+01 1.56E+01 1.82E-02 -3.29E+00 0.00E+00 

W09-S01 6.19E+01 7.34E+01 1.80E+01 1.75E+00 -9.70E-01 0.00E+00 

W09-S02 6.32E+01 7.29E+01 1.85E+01 2.44E+00 2.39E+00 8.48E-01 

W09-S03 6.54E+01 7.41E+01 1.74E+01 -2.53E-02 -2.09E+00 0.00E+00 

W09-S04 5.99E+01 7.19E+01 1.87E+01 1.75E+00 -4.77E-01 3.74E-01 

W09-S05 6.36E+01 7.21E+01 1.91E+01 3.90E+00 1.29E+01 8.86E-01 

W10-S06 5.90E+01 6.04E+01 2.21E+01 -4.80E+00 -1.91E+01 -8.81E+00 

W10-S07 5.49E+01 5.86E+01 2.22E+01 1.07E+00 6.20E+00 7.34E-01 

W11-S03 5.28E+01 5.81E+01 2.21E+01 -6.84E-01 -1.63E+01 0.00E+00 

W11-S04 5.43E+01 6.04E+01 2.19E+01 -3.60E+00 -1.89E+01 -2.44E+00 

W14-S01 5.87E+01 6.08E+01 2.17E+01 4.21E+00 1.01E+01 5.46E+00 



Sample Orientatio

n 

Phi_Avg_w 

Orientation 

Phi_Median 

Orientatio

n 

Phi_Std 

Orientatio

n 

Theta_Avg 

Orientation 

Theta_Avg_

w 

Orientation 

Theta_Median 

 
graus graus graus graus graus graus 

W14-S02 5.60E+01 6.05E+01 2.15E+01 -4.77E+00 -3.19E+01 -3.36E+00 

W14-S04 5.95E+01 6.20E+01 2.16E+01 1.55E+00 7.29E+00 3.28E-01 

W14-S05 5.50E+01 6.00E+01 2.19E+01 -2.84E-01 -8.19E+00 0.00E+00 

W14-S06 5.70E+01 5.96E+01 2.21E+01 1.64E+00 8.48E+00 7.98E-01 

W14-S07 5.71E+01 5.98E+01 2.20E+01 -6.10E-01 -1.68E+01 1.47E-01 

W14-S09 5.92E+01 6.26E+01 2.13E+01 5.81E-01 2.54E+00 1.67E-01 

W14-S10 5.91E+01 6.01E+01 2.21E+01 1.95E+00 -1.10E+01 5.58E-01 

W14-S12 5.69E+01 6.17E+01 2.16E+01 -4.08E+00 -9.70E+00 -8.83E+00 

W15-S02 6.06E+01 6.34E+01 2.15E+01 -9.67E-02 3.20E+00 1.15E+00 

W15-S03 5.83E+01 6.24E+01 2.14E+01 -1.94E+00 -7.00E+00 -3.88E+00 

W15-S05 6.12E+01 6.43E+01 2.09E+01 -3.94E-01 -3.88E+00 1.33E+00 

W15-S06 5.96E+01 6.23E+01 2.16E+01 1.08E+00 -4.35E+00 1.83E+00 

W15-S07 5.83E+01 6.45E+01 2.13E+01 -2.31E-01 -1.05E+00 0.00E+00 

W15-S08 5.94E+01 6.44E+01 2.11E+01 1.04E+00 3.61E+00 1.12E-01 

W15-S09 5.99E+01 6.30E+01 2.15E+01 -2.38E+00 -1.28E+01 0.00E+00 

W15-S12 6.40E+01 6.55E+01 2.11E+01 2.60E+00 8.59E+00 1.94E+00 

W15-S14 5.55E+01 5.92E+01 2.22E+01 -3.38E+00 -1.11E+01 9.55E-10 

W16-S01 5.77E+01 6.19E+01 2.15E+01 2.10E+00 4.50E+00 3.12E+00 

W16-S03 5.66E+01 6.25E+01 2.15E+01 2.82E-01 -3.01E-01 3.18E+00 

W16-S05 6.31E+01 6.03E+01 2.22E+01 3.20E+00 7.23E+00 5.87E+00 

W16-S06 5.91E+01 6.15E+01 2.19E+01 -6.28E-01 -8.87E+00 0.00E+00 

W17-S01 6.04E+01 7.22E+01 1.86E+01 -1.37E+00 1.14E+01 8.11E-02 

W17-S03 5.67E+01 7.10E+01 1.93E+01 6.50E-01 7.78E-01 7.06E-02 

W17-S04 5.57E+01 7.06E+01 1.94E+01 6.05E+00 6.42E+00 6.24E+00 

W17-S05 6.05E+01 6.43E+01 2.09E+01 1.99E+00 8.22E+00 1.35E+00 

W18-S01 5.67E+01 6.06E+01 2.18E+01 -3.04E-01 -7.16E+00 9.79E-01 

W18-S02 4.92E+01 5.06E+01 2.42E+01 1.10E+01 2.41E+01 -1.99E-01 

W18-S03 5.90E+01 6.12E+01 2.21E+01 -6.97E-01 -4.75E-01 2.82E-01 

W18-S04 5.65E+01 6.02E+01 2.21E+01 1.89E+00 3.58E-01 5.84E-01 

W18-S05 5.62E+01 5.91E+01 2.21E+01 -4.09E+00 -1.59E+01 -1.01E+00 

W18-S06 5.50E+01 6.00E+01 2.25E+01 1.30E+00 -5.63E+00 3.59E+00 

W19-S01 6.35E+01 7.34E+01 1.77E+01 6.04E+00 9.06E+00 4.75E+00 

W19-S02 6.07E+01 6.36E+01 2.13E+01 4.46E+00 9.77E-01 2.73E+00 

W19-S03 5.37E+01 5.93E+01 2.23E+01 -9.28E+00 -2.73E+01 -7.89E+00 

W19-S04 5.86E+01 6.10E+01 2.14E+01 1.05E-01 3.89E+00 8.35E-01 

W19-S05 6.38E+01 6.49E+01 2.08E+01 4.90E+00 1.05E+01 2.32E+00 

W19-S06 6.51E+01 6.78E+01 2.01E+01 -3.12E+00 -4.29E+00 5.02E+00 

W20-S01 5.98E+01 6.18E+01 2.10E+01 -1.47E+00 -1.39E+00 -8.77E+00 

W20-S02 5.93E+01 6.00E+01 2.18E+01 -1.04E+00 2.55E+00 -4.02E-01 

W20-S03 5.42E+01 5.90E+01 2.21E+01 7.58E-01 8.27E+00 -1.04E+00 

W20-S04 5.50E+01 5.85E+01 2.22E+01 1.75E+00 1.38E+00 5.76E-01 



Sample Orientatio

n 

Phi_Avg_w 

Orientation 

Phi_Median 

Orientatio

n 

Phi_Std 

Orientatio

n 

Theta_Avg 

Orientation 

Theta_Avg_

w 

Orientation 

Theta_Median 

 
graus graus graus graus graus graus 

W20-S05 5.73E+01 6.06E+01 2.19E+01 6.80E-01 4.16E+00 0.00E+00 

W20-S06 5.44E+01 5.74E+01 2.23E+01 1.09E+00 9.26E-01 8.81E-08 

W21-S01 5.58E+01 5.97E+01 2.18E+01 1.58E+00 1.15E+00 2.59E+00 

W21-S02 5.71E+01 6.11E+01 2.16E+01 1.76E+00 -4.44E-01 2.03E+00 

W21-S03 5.82E+01 6.14E+01 2.18E+01 2.21E+00 -5.02E+00 1.11E+00 

W21-S04 5.30E+01 5.99E+01 2.21E+01 7.10E-01 5.18E+00 5.43E-01 

W21-S05 5.51E+01 6.00E+01 2.22E+01 1.15E+00 -1.20E+00 2.59E-01 

W21-S06 5.79E+01 6.26E+01 2.15E+01 3.05E+00 -7.90E+00 1.84E+00 

W21-S07 5.77E+01 6.11E+01 2.17E+01 -4.44E+00 -1.00E+01 -7.40E+00 

W21-S08 6.08E+01 6.00E+01 2.18E+01 -1.46E+00 6.20E+00 -3.94E+00 

W22-S01 5.83E+01 5.90E+01 2.26E+01 1.51E+00 -4.13E+00 9.44E-01 

W22-S02 5.97E+01 6.37E+01 2.11E+01 2.96E+00 1.65E+01 1.83E-01 

W22-S04 5.27E+01 5.60E+01 2.29E+01 1.20E+00 -6.95E+00 2.62E-01 

W22-S05 6.04E+01 6.32E+01 2.14E+01 1.49E+00 -7.99E+00 8.60E-01 

W24-S01 6.34E+01 6.20E+01 2.16E+01 2.28E+00 -1.39E+00 1.51E+00 

W24-S02 5.66E+01 5.97E+01 2.20E+01 -6.07E-01 -2.84E+00 2.79E-01 

W24-S03 5.52E+01 5.99E+01 2.19E+01 5.59E-02 6.17E+00 5.71E-02 

W24-S04 6.06E+01 6.29E+01 2.12E+01 -1.09E+00 6.96E+00 -1.23E-01 

W24-S05 5.86E+01 6.25E+01 2.14E+01 -4.58E+00 -2.29E+01 -1.54E+01 

W25-S01 4.50E+01 4.55E+01 2.44E+01 2.59E+01 2.72E+01 2.56E+00 

W25-S02 4.63E+01 5.61E+01 2.31E+01 -1.40E+01 -3.94E+01 -1.01E+01 

W25-S03 6.00E+01 6.04E+01 2.19E+01 7.35E+00 6.06E-01 6.76E+00 

W25-S04 5.63E+01 6.07E+01 2.20E+01 5.88E-01 -8.78E+00 1.40E-02 

W26-S02 5.74E+01 6.13E+01 2.17E+01 -1.44E+00 1.02E+00 -4.06E-01 

W27-S01 6.00E+01 5.94E+01 2.22E+01 1.68E+00 8.97E+00 8.96E-02 

W27-S03 5.25E+01 5.52E+01 2.30E+01 -1.84E+00 -3.16E+00 1.50E+00 

W27-S04 5.25E+01 5.30E+01 2.38E+01 -2.08E+01 -3.32E+01 1.11E+00 

W27-S05 6.07E+01 6.40E+01 2.10E+01 2.52E+00 4.36E-01 -3.64E-01 

W27-S06 6.08E+01 6.47E+01 2.10E+01 -3.69E+00 -3.10E+00 3.93E-01 

W28-S02 5.37E+01 5.91E+01 2.27E+01 1.37E+00 8.94E+00 -8.13E+00 

W28-S04 5.59E+01 7.16E+01 1.95E+01 4.09E+00 3.72E+00 0.00E+00 

W28-S05 5.53E+01 5.69E+01 2.26E+01 6.36E-01 -1.81E+00 2.25E-01 

W29-S01 5.88E+01 5.98E+01 2.19E+01 1.17E+00 -1.76E+00 1.87E-01 

W29-S02 5.85E+01 5.95E+01 2.21E+01 -1.29E+00 -1.38E-01 -3.48E-01 

W30-S01 5.81E+01 6.15E+01 2.12E+01 1.13E+00 -4.60E-01 0.00E+00 

W30-S03 5.67E+01 5.33E+01 2.37E+01 1.50E+00 -3.04E+00 -1.64E-01 

W30-S04 5.61E+01 5.86E+01 2.23E+01 9.10E-01 -1.07E+01 0.00E+00 

W30-S05 5.54E+01 5.93E+01 2.22E+01 -4.37E-01 -8.22E+00 6.69E-01 

W30-S07 5.66E+01 6.05E+01 2.25E+01 -1.25E+00 6.85E+00 0.00E+00 

W30-S08 6.03E+01 6.16E+01 2.14E+01 -3.69E-02 -6.34E+00 1.10E-01 

W31-S01 5.21E+01 5.87E+01 2.23E+01 -8.18E-01 -8.10E+00 1.02E+00 



Sample Orientatio

n 

Phi_Avg_w 

Orientation 

Phi_Median 

Orientatio

n 

Phi_Std 

Orientatio

n 

Theta_Avg 

Orientation 

Theta_Avg_

w 

Orientation 

Theta_Median 

 
graus graus graus graus graus graus 

W31-S03 5.15E+01 6.09E+01 2.22E+01 3.35E-01 -1.61E+00 0.00E+00 

 

Sample Orientation 

Theta_Std 

Perimeter 

Log_Std 

Perimeter 

_Avg 

Perimeter 

_Avg_w 

Perimeter 

_Log_Avg 

Perimeter 

_Log_Avg_w  
graus n pixel n pixel n pixel n pixel n pixel 

W02-S01 1.02E+02 1.19E+00 2.87E+01 1.59E+04 6.78E-01 8.33E+00 

W02-S03 1.03E+02 1.40E+00 1.62E+01 5.55E+02 1.12E+00 4.95E+00 

W02-S04 1.07E+02 1.00E+00 4.77E+00 3.31E+01 8.58E-01 2.46E+00 

W02-S05 1.04E+02 8.49E-01 3.27E+00 3.40E+01 6.23E-01 2.02E+00 

W03-S01 1.03E+02 1.93E+00 2.16E+02 1.82E+04 1.73E+00 9.27E+00 

W03-S02 1.02E+02 1.62E+00 2.98E+01 5.65E+02 1.87E+00 5.18E+00 

W03-S03 1.03E+02 1.56E+00 2.81E+01 1.31E+03 1.66E+00 5.59E+00 

W03-S06 1.05E+02 1.18E+00 8.20E+00 2.91E+02 9.16E-01 3.87E+00 

W03-S09 1.03E+02 1.48E+00 3.04E+01 1.54E+04 1.35E+00 7.32E+00 

W03-S10 1.02E+02 1.58E+00 2.96E+01 7.68E+02 1.86E+00 5.31E+00 

W06-S02 1.02E+02 1.59E+00 4.53E+01 3.47E+04 1.86E+00 7.69E+00 

W06-S03 1.01E+02 1.59E+00 4.05E+01 2.01E+04 1.94E+00 6.67E+00 

W07-S01 9.77E+01 1.70E+00 1.25E+02 5.80E+04 1.73E+00 1.02E+01 

W07-S02 1.01E+02 1.97E+00 3.23E+02 2.95E+04 1.79E+00 9.79E+00 

W07-S04 1.06E+02 2.24E+00 4.29E+02 2.48E+04 1.89E+00 9.61E+00 

W08-S01 1.02E+02 1.63E+00 2.75E+01 2.09E+02 2.08E+00 4.51E+00 

W08-S03 1.03E+02 1.42E+00 1.22E+02 4.84E+04 1.08E+00 1.01E+01 

W08-S04 1.02E+02 1.74E+00 3.38E+01 3.44E+02 2.02E+00 5.03E+00 

W09-S01 1.01E+02 1.82E+00 6.84E+01 4.96E+03 2.19E+00 6.72E+00 

W09-S02 1.03E+02 1.98E+00 2.20E+02 1.60E+04 2.05E+00 8.97E+00 

W09-S03 1.06E+02 1.67E+00 3.64E+01 8.83E+02 2.08E+00 5.29E+00 

W09-S04 1.02E+02 1.68E+00 7.12E+01 1.28E+04 1.79E+00 8.03E+00 

W09-S05 1.04E+02 1.76E+00 2.12E+02 3.62E+04 1.61E+00 9.78E+00 

W10-S06 1.01E+02 1.36E+00 6.82E+01 3.50E+04 9.73E-01 9.57E+00 

W10-S07 1.05E+02 1.22E+00 1.29E+01 1.54E+03 7.57E-01 5.59E+00 

W11-S03 1.03E+02 1.52E+00 2.22E+01 1.89E+03 1.33E+00 5.68E+00 

W11-S04 1.04E+02 1.34E+00 3.10E+01 2.53E+04 9.66E-01 8.01E+00 

W14-S01 1.02E+02 1.48E+00 4.72E+01 1.47E+04 1.13E+00 8.23E+00 

W14-S02 1.02E+02 1.19E+00 3.03E+01 4.86E+04 7.96E-01 9.12E+00 

W14-S04 1.04E+02 1.37E+00 1.03E+02 3.87E+04 8.92E-01 9.90E+00 

W14-S05 1.04E+02 1.48E+00 9.26E+01 3.72E+04 1.13E+00 9.66E+00 

W14-S06 1.03E+02 1.50E+00 3.86E+01 1.55E+04 1.20E+00 7.88E+00 

W14-S07 1.04E+02 1.29E+00 2.61E+01 1.99E+04 9.91E-01 7.78E+00 

W14-S09 1.03E+02 1.50E+00 1.98E+01 8.01E+02 1.19E+00 5.26E+00 

W14-S10 1.03E+02 1.27E+00 5.22E+01 3.79E+04 8.86E-01 9.61E+00 

W14-S12 1.04E+02 1.38E+00 3.65E+01 1.49E+04 1.01E+00 8.22E+00 

W15-S02 1.04E+02 1.27E+00 4.35E+01 3.38E+04 8.75E-01 9.39E+00 



Sample Orientation 

Theta_Std 

Perimeter 

Log_Std 

Perimeter 

_Avg 

Perimeter 

_Avg_w 

Perimeter 

_Log_Avg 

Perimeter 

_Log_Avg_w  
graus n pixel n pixel n pixel n pixel n pixel 

W15-S03 1.04E+02 1.29E+00 1.43E+01 1.17E+03 9.41E-01 5.49E+00 

W15-S05 1.01E+02 1.27E+00 1.69E+01 4.09E+03 9.75E-01 6.33E+00 

W15-S06 1.02E+02 1.36E+00 6.46E+01 1.80E+04 8.67E-01 8.98E+00 

W15-S07 1.03E+02 1.34E+00 9.66E+01 2.65E+04 8.46E-01 9.65E+00 

W15-S08 1.04E+02 1.32E+00 8.14E+01 3.76E+04 8.95E-01 9.79E+00 

W15-S09 1.05E+02 1.29E+00 4.75E+01 1.89E+04 9.05E-01 8.98E+00 

W15-S12 1.07E+02 1.50E+00 8.76E+01 2.71E+04 1.02E+00 9.29E+00 

W15-S14 1.04E+02 1.29E+00 1.21E+01 9.54E+02 1.10E+00 4.55E+00 

W16-S01 1.03E+02 1.18E+00 8.28E+00 8.02E+02 9.23E-01 4.02E+00 

W16-S03 1.02E+02 1.30E+00 2.23E+01 7.93E+03 8.67E-01 7.12E+00 

W16-S05 1.05E+02 1.19E+00 6.48E+01 4.54E+04 7.05E-01 9.96E+00 

W16-S06 1.06E+02 1.16E+00 5.69E+01 3.69E+04 7.56E-01 9.84E+00 

W17-S01 1.03E+02 1.46E+00 1.17E+02 7.49E+04 1.37E+00 1.03E+01 

W17-S03 1.02E+02 1.57E+00 7.31E+01 2.33E+04 1.59E+00 8.78E+00 

W17-S04 1.03E+02 1.63E+00 1.13E+02 2.55E+04 1.69E+00 9.26E+00 

W17-S05 1.04E+02 1.40E+00 6.94E+01 5.94E+04 9.73E-01 9.76E+00 

W18-S01 1.04E+02 1.57E+00 6.74E+01 1.98E+04 1.31E+00 8.63E+00 

W18-S02 9.76E+01 1.33E+00 3.09E+01 2.20E+04 9.51E-01 8.13E+00 

W18-S03 1.03E+02 1.49E+00 1.02E+02 3.28E+04 1.08E+00 9.64E+00 

W18-S04 1.04E+02 1.32E+00 5.23E+01 4.06E+04 9.46E-01 9.35E+00 

W18-S05 1.03E+02 1.12E+00 7.99E+00 9.66E+02 8.66E-01 4.25E+00 

W18-S06 1.05E+02 1.42E+00 8.70E+01 2.25E+04 9.19E-01 9.33E+00 

W19-S01 1.02E+02 1.90E+00 1.30E+02 9.70E+04 2.35E+00 8.84E+00 

W19-S02 1.02E+02 1.33E+00 6.97E+01 1.41E+05 9.02E-01 1.07E+01 

W19-S03 1.02E+02 1.03E+00 5.79E+00 1.31E+03 7.52E-01 3.67E+00 

W19-S04 1.02E+02 1.20E+00 1.01E+01 1.64E+03 9.06E-01 4.68E+00 

W19-S05 1.04E+02 1.32E+00 3.08E+01 1.20E+05 9.34E-01 8.88E+00 

W19-S06 1.03E+02 1.24E+00 8.95E+00 1.49E+02 9.69E-01 3.76E+00 

W20-S01 1.02E+02 1.17E+00 8.11E+00 2.96E+03 9.70E-01 4.09E+00 

W20-S02 1.04E+02 1.17E+00 6.06E+01 1.29E+05 7.54E-01 1.02E+01 

W20-S03 1.04E+02 1.33E+00 2.06E+01 6.22E+03 1.06E+00 6.55E+00 

W20-S04 1.04E+02 1.14E+00 7.06E+00 1.26E+02 9.21E-01 3.43E+00 

W20-S05 1.04E+02 1.40E+00 6.24E+01 1.96E+04 9.98E-01 8.93E+00 

W20-S06 1.02E+02 9.84E-01 4.53E+00 4.29E+01 7.56E-01 2.58E+00 

W21-S01 1.04E+02 1.28E+00 7.12E+01 3.53E+04 8.63E-01 9.77E+00 

W21-S02 1.03E+02 1.32E+00 2.62E+01 1.46E+04 9.77E-01 7.62E+00 

W21-S03 1.04E+02 1.36E+00 8.17E+01 3.83E+04 9.64E-01 9.81E+00 

W21-S04 1.04E+02 1.40E+00 8.36E+01 5.29E+04 1.05E+00 9.94E+00 

W21-S05 1.03E+02 1.33E+00 7.41E+01 5.07E+04 9.45E-01 9.95E+00 

W21-S06 1.04E+02 1.50E+00 1.26E+02 3.56E+04 1.09E+00 9.91E+00 

W21-S07 1.05E+02 1.44E+00 3.59E+01 2.14E+04 1.10E+00 7.96E+00 

W21-S08 9.98E+01 1.32E+00 8.50E+01 4.78E+04 9.52E-01 1.00E+01 



Sample Orientation 

Theta_Std 

Perimeter 

Log_Std 

Perimeter 

_Avg 

Perimeter 

_Avg_w 

Perimeter 

_Log_Avg 

Perimeter 

_Log_Avg_w  
graus n pixel n pixel n pixel n pixel n pixel 

W22-S01 1.03E+02 9.76E-01 7.38E+01 2.65E+04 4.42E-01 9.77E+00 

W22-S02 1.04E+02 1.39E+00 5.86E+01 5.33E+04 9.86E-01 9.63E+00 

W22-S04 1.03E+02 1.75E+00 1.11E+02 1.42E+04 1.38E+00 8.71E+00 

W22-S05 1.03E+02 1.18E+00 1.17E+02 1.34E+05 7.38E-01 1.12E+01 

W24-S01 1.03E+02 1.51E+00 2.85E+01 2.02E+04 1.35E+00 6.78E+00 

W24-S02 1.03E+02 1.45E+00 3.50E+01 3.03E+04 1.18E+00 8.09E+00 

W24-S03 1.04E+02 1.34E+00 3.58E+01 3.33E+04 1.02E+00 8.68E+00 

W24-S04 1.02E+02 1.20E+00 3.61E+01 2.97E+04 8.25E-01 9.12E+00 

W24-S05 1.01E+02 1.33E+00 7.16E+01 2.95E+04 9.45E-01 9.61E+00 

W25-S01 9.95E+01 1.02E+00 9.66E+00 1.62E+04 6.58E-01 6.39E+00 

W25-S02 1.07E+02 1.56E+00 5.31E+01 3.39E+04 1.24E+00 8.62E+00 

W25-S03 1.01E+02 1.43E+00 3.81E+01 1.74E+04 1.02E+00 8.05E+00 

W25-S04 1.02E+02 1.33E+00 5.90E+01 5.62E+04 8.67E-01 9.73E+00 

W26-S02 1.02E+02 1.39E+00 3.57E+01 1.63E+04 1.02E+00 8.02E+00 

W27-S01 1.04E+02 1.25E+00 5.35E+01 2.19E+04 7.09E-01 9.21E+00 

W27-S03 9.55E+01 1.23E+00 7.70E+00 6.55E+01 1.01E+00 3.27E+00 

W27-S04 1.05E+02 1.30E+00 1.49E+01 5.00E+03 9.33E-01 6.16E+00 

W27-S05 1.05E+02 1.05E+00 5.26E+00 1.28E+02 7.84E-01 2.93E+00 

W27-S06 1.03E+02 1.17E+00 7.03E+00 7.75E+01 9.64E-01 3.21E+00 

W28-S02 1.05E+02 1.48E+00 3.48E+01 2.42E+03 9.07E-01 6.98E+00 

W28-S04 1.02E+02 1.54E+00 9.06E+01 2.54E+04 1.67E+00 9.06E+00 

W28-S05 1.05E+02 9.84E-01 5.79E+00 1.89E+03 5.91E-01 4.23E+00 

W29-S01 1.04E+02 1.23E+00 1.61E+01 7.00E+03 8.16E-01 6.97E+00 

W29-S02 1.04E+02 9.58E-01 1.03E+01 1.54E+04 5.31E-01 7.13E+00 

W30-S01 1.03E+02 8.31E-01 3.32E+00 1.12E+02 5.88E-01 2.30E+00 

W30-S03 9.84E+01 1.04E+00 3.84E+01 8.25E+04 6.89E-01 1.02E+01 

W30-S04 1.04E+02 1.81E+00 8.92E+01 1.58E+04 1.67E+00 8.22E+00 

W30-S05 1.03E+02 1.40E+00 3.69E+01 1.25E+04 9.92E-01 7.93E+00 

W30-S07 1.05E+02 1.39E+00 3.08E+01 1.90E+04 9.62E-01 7.76E+00 

W30-S08 1.04E+02 1.26E+00 2.20E+01 3.71E+04 9.33E-01 7.95E+00 

W31-S01 1.03E+02 1.27E+00 4.82E+01 2.23E+04 8.57E-01 9.05E+00 

W31-S03 1.03E+02 1.71E+00 1.49E+02 3.73E+04 1.24E+00 9.66E+00 

 

Sample Perimeter 

_Log_ 

Max 

Perimeter 

_Log_ 

Median 

Perimeter 

_Max 

Perimeter 

_Median 

Perimeter 

_Std 

Shape 

_VA3d 

_Avg  
n pixel n pixel n pixel n pixel n pixel n pixel 

W02-S01 1.12E+01 2.48E+00 7.31E+04 1.20E+01 6.58E+02 2.99E+00 

W02-S03 8.46E+00 2.64E+00 4.73E+03 1.40E+01 9.02E+01 2.04E+00 

W02-S04 7.19E+00 2.20E+00 1.32E+03 9.00E+00 1.15E+01 1.20E+00 

W02-S05 7.48E+00 2.08E+00 1.77E+03 8.00E+00 9.72E+00 1.09E+00 

W03-S01 1.11E+01 3.00E+00 6.95E+04 2.00E+01 1.86E+03 2.68E+00 

W03-S02 8.99E+00 2.94E+00 8.03E+03 1.90E+01 1.12E+02 1.43E+00 



Sample Perimeter 

_Log_ 

Max 

Perimeter 

_Log_ 

Median 

Perimeter 

_Max 

Perimeter 

_Median 

Perimeter 

_Std 

Shape 

_VA3d 

_Avg  
n pixel n pixel n pixel n pixel n pixel n pixel 

W03-S03 9.63E+00 2.77E+00 1.53E+04 1.60E+01 1.70E+02 1.52E+00 

W03-S06 9.68E+00 2.40E+00 1.60E+04 1.10E+01 4.59E+01 1.42E+00 

W03-S09 1.16E+01 2.64E+00 1.13E+05 1.40E+01 5.87E+02 1.70E+00 

W03-S10 9.34E+00 2.83E+00 1.14E+04 1.70E+01 1.30E+02 1.40E+00 

W06-S02 1.28E+01 2.83E+00 3.73E+05 1.70E+01 1.13E+03 1.74E+00 

W06-S03 1.29E+01 2.89E+00 3.92E+05 1.80E+01 8.18E+02 1.71E+00 

W07-S01 1.23E+01 2.83E+00 2.11E+05 1.70E+01 2.16E+03 2.14E+00 

W07-S02 1.17E+01 3.04E+00 1.24E+05 2.10E+01 2.88E+03 2.96E+00 

W07-S04 1.20E+01 3.47E+00 1.70E+05 3.20E+01 3.12E+03 4.12E+00 

W08-S01 9.47E+00 3.14E+00 1.30E+04 2.30E+01 6.35E+01 1.45E+00 

W08-S03 1.23E+01 2.56E+00 2.18E+05 1.30E+01 2.40E+03 4.19E+00 

W08-S04 8.27E+00 3.22E+00 3.91E+03 2.50E+01 9.23E+01 1.50E+00 

W09-S01 1.16E+01 3.22E+00 1.11E+05 2.50E+01 5.30E+02 2.15E+00 

W09-S02 1.13E+01 3.14E+00 8.21E+04 2.30E+01 1.81E+03 3.37E+00 

W09-S03 1.01E+01 3.04E+00 2.48E+04 2.10E+01 1.38E+02 1.65E+00 

W09-S04 1.12E+01 2.89E+00 7.32E+04 1.80E+01 8.94E+02 2.05E+00 

W09-S05 1.26E+01 2.83E+00 3.06E+05 1.70E+01 2.66E+03 3.33E+00 

W10-S06 1.19E+01 2.48E+00 1.52E+05 1.20E+01 1.48E+03 2.98E+00 

W10-S07 1.00E+01 2.56E+00 2.23E+04 1.30E+01 1.32E+02 1.95E+00 

W11-S03 1.00E+01 2.77E+00 2.29E+04 1.60E+01 1.67E+02 1.49E+00 

W11-S04 1.19E+01 2.48E+00 1.52E+05 1.20E+01 8.57E+02 2.59E+00 

W14-S01 1.17E+01 2.64E+00 1.19E+05 1.40E+01 7.88E+02 2.60E+00 

W14-S02 1.28E+01 2.40E+00 3.57E+05 1.10E+01 1.17E+03 2.38E+00 

W14-S04 1.20E+01 2.48E+00 1.67E+05 1.20E+01 1.94E+03 4.04E+00 

W14-S05 1.17E+01 2.56E+00 1.20E+05 1.30E+01 1.80E+03 3.50E+00 

W14-S06 1.18E+01 2.64E+00 1.35E+05 1.40E+01 6.75E+02 2.18E+00 

W14-S07 1.26E+01 2.40E+00 2.95E+05 1.10E+01 7.00E+02 2.09E+00 

W14-S09 1.02E+01 2.77E+00 2.57E+04 1.60E+01 1.13E+02 1.83E+00 

W14-S10 1.19E+01 2.40E+00 1.50E+05 1.10E+01 1.32E+03 2.68E+00 

W14-S12 1.14E+01 2.56E+00 8.66E+04 1.30E+01 6.72E+02 2.22E+00 

W15-S02 1.17E+01 2.40E+00 1.21E+05 1.10E+01 1.14E+03 2.33E+00 

W15-S03 9.45E+00 2.48E+00 1.27E+04 1.20E+01 1.14E+02 1.62E+00 

W15-S05 1.03E+01 2.40E+00 3.02E+04 1.10E+01 2.41E+02 1.76E+00 

W15-S06 1.19E+01 2.48E+00 1.52E+05 1.20E+01 1.05E+03 3.33E+00 

W15-S07 1.16E+01 2.48E+00 1.10E+05 1.20E+01 1.54E+03 3.29E+00 

W15-S08 1.22E+01 2.48E+00 1.96E+05 1.20E+01 1.70E+03 3.68E+00 

W15-S09 1.13E+01 2.40E+00 8.15E+04 1.10E+01 9.00E+02 2.37E+00 

W15-S12 1.22E+01 2.71E+00 1.99E+05 1.50E+01 1.51E+03 4.31E+00 

W15-S14 1.06E+01 2.48E+00 4.16E+04 1.20E+01 1.00E+02 1.56E+00 

W16-S01 1.04E+01 2.40E+00 3.27E+04 1.10E+01 6.80E+01 1.35E+00 

W16-S03 1.10E+01 2.56E+00 6.19E+04 1.30E+01 3.91E+02 2.17E+00 



Sample Perimeter 

_Log_ 

Max 

Perimeter 

_Log_ 

Median 

Perimeter 

_Max 

Perimeter 

_Median 

Perimeter 

_Std 

Shape 

_VA3d 

_Avg  
n pixel n pixel n pixel n pixel n pixel n pixel 

W16-S05 1.21E+01 2.40E+00 1.72E+05 1.10E+01 1.65E+03 3.32E+00 

W16-S06 1.19E+01 2.30E+00 1.49E+05 1.00E+01 1.39E+03 2.86E+00 

W17-S01 1.28E+01 2.56E+00 3.51E+05 1.30E+01 2.88E+03 2.89E+00 

W17-S03 1.24E+01 2.71E+00 2.34E+05 1.50E+01 1.24E+03 2.12E+00 

W17-S04 1.14E+01 2.77E+00 8.74E+04 1.60E+01 1.60E+03 2.43E+00 

W17-S05 1.23E+01 2.64E+00 2.30E+05 1.40E+01 2.03E+03 4.08E+00 

W18-S01 1.15E+01 2.71E+00 9.87E+04 1.50E+01 1.11E+03 2.64E+00 

W18-S02 1.15E+01 2.56E+00 1.04E+05 1.30E+01 7.74E+02 2.36E+00 

W18-S03 1.22E+01 2.64E+00 1.93E+05 1.40E+01 1.80E+03 3.22E+00 

W18-S04 1.24E+01 2.48E+00 2.52E+05 1.20E+01 1.41E+03 3.09E+00 

W18-S05 9.93E+00 2.30E+00 2.06E+04 1.00E+01 8.02E+01 1.38E+00 

W18-S06 1.17E+01 2.56E+00 1.26E+05 1.30E+01 1.34E+03 3.47E+00 

W19-S01 1.33E+01 3.40E+00 6.17E+05 3.00E+01 3.45E+03 3.44E+00 

W19-S02 1.33E+01 2.64E+00 6.10E+05 1.40E+01 3.12E+03 5.00E+00 

W19-S03 1.05E+01 2.20E+00 3.67E+04 9.00E+00 6.85E+01 1.28E+00 

W19-S04 1.14E+01 2.40E+00 8.80E+04 1.10E+01 1.19E+02 1.57E+00 

W19-S05 1.37E+01 2.56E+00 8.97E+05 1.30E+01 1.88E+03 2.92E+00 

W19-S06 8.32E+00 2.48E+00 4.09E+03 1.20E+01 3.51E+01 1.75E+00 

W20-S01 1.13E+01 2.30E+00 7.87E+04 1.00E+01 1.21E+02 1.34E+00 

W20-S02 1.45E+01 2.40E+00 2.08E+06 1.10E+01 2.78E+03 3.82E+00 

W20-S03 1.12E+01 2.48E+00 7.61E+04 1.20E+01 3.30E+02 1.85E+00 

W20-S04 8.17E+00 2.30E+00 3.54E+03 1.00E+01 2.73E+01 1.22E+00 

W20-S05 1.19E+01 2.48E+00 1.50E+05 1.20E+01 1.08E+03 3.01E+00 

W20-S06 6.57E+00 2.20E+00 7.13E+02 9.00E+00 1.26E+01 1.04E+00 

W21-S01 1.20E+01 2.40E+00 1.59E+05 1.10E+01 1.51E+03 2.79E+00 

W21-S02 1.17E+01 2.48E+00 1.23E+05 1.20E+01 5.93E+02 2.10E+00 

W21-S03 1.19E+01 2.48E+00 1.50E+05 1.20E+01 1.69E+03 2.86E+00 

W21-S04 1.26E+01 2.56E+00 2.90E+05 1.30E+01 2.05E+03 3.18E+00 

W21-S05 1.21E+01 2.48E+00 1.86E+05 1.20E+01 1.87E+03 3.05E+00 

W21-S06 1.19E+01 2.64E+00 1.51E+05 1.40E+01 2.04E+03 2.96E+00 

W21-S07 1.20E+01 2.64E+00 1.58E+05 1.40E+01 8.25E+02 2.36E+00 

W21-S08 1.25E+01 2.48E+00 2.65E+05 1.20E+01 1.98E+03 3.51E+00 

W22-S01 1.19E+01 2.20E+00 1.47E+05 9.00E+00 1.38E+03 4.30E+00 

W22-S02 1.24E+01 2.64E+00 2.38E+05 1.40E+01 1.73E+03 3.87E+00 

W22-S04 1.10E+01 2.89E+00 5.85E+04 1.80E+01 1.22E+03 3.37E+00 

W22-S05 1.32E+01 2.48E+00 5.20E+05 1.20E+01 3.94E+03 8.47E+00 

W24-S01 1.29E+01 2.71E+00 3.99E+05 1.50E+01 6.62E+02 1.73E+00 

W24-S02 1.25E+01 2.64E+00 2.66E+05 1.40E+01 9.67E+02 2.05E+00 

W24-S03 1.18E+01 2.48E+00 1.39E+05 1.20E+01 1.06E+03 2.43E+00 

W24-S04 1.19E+01 2.40E+00 1.46E+05 1.10E+01 9.88E+02 2.33E+00 

W24-S05 1.21E+01 2.48E+00 1.76E+05 1.20E+01 1.39E+03 2.51E+00 



Sample Perimeter 

_Log_ 

Max 

Perimeter 

_Log_ 

Median 

Perimeter 

_Max 

Perimeter 

_Median 

Perimeter 

_Std 

Shape 

_VA3d 

_Avg  
n pixel n pixel n pixel n pixel n pixel n pixel 

W25-S01 1.15E+01 2.30E+00 9.65E+04 1.00E+01 3.71E+02 1.85E+00 

W25-S02 1.20E+01 2.77E+00 1.56E+05 1.60E+01 1.27E+03 2.44E+00 

W25-S03 1.14E+01 2.64E+00 9.28E+04 1.40E+01 7.61E+02 2.57E+00 

W25-S04 1.24E+01 2.56E+00 2.47E+05 1.30E+01 1.79E+03 3.28E+00 

W26-S02 1.17E+01 2.56E+00 1.19E+05 1.30E+01 7.22E+02 2.37E+00 

W27-S01 1.16E+01 2.48E+00 1.13E+05 1.20E+01 1.02E+03 2.73E+00 

W27-S03 7.62E+00 2.48E+00 2.03E+03 1.20E+01 2.00E+01 1.16E+00 

W27-S04 1.05E+01 2.56E+00 3.53E+04 1.30E+01 2.19E+02 1.59E+00 

W27-S05 9.48E+00 2.30E+00 1.31E+04 1.00E+01 2.15E+01 1.18E+00 

W27-S06 7.94E+00 2.40E+00 2.81E+03 1.10E+01 2.12E+01 1.25E+00 

W28-S02 9.63E+00 2.71E+00 1.53E+04 1.50E+01 2.59E+02 2.18E+00 

W28-S04 1.19E+01 2.64E+00 1.46E+05 1.40E+01 1.39E+03 2.37E+00 

W28-S05 1.04E+01 2.30E+00 3.39E+04 1.00E+01 9.04E+01 1.45E+00 

W29-S01 1.11E+01 2.48E+00 6.79E+04 1.20E+01 2.77E+02 1.74E+00 

W29-S02 1.20E+01 2.30E+00 1.68E+05 1.00E+01 3.62E+02 1.87E+00 

W30-S01 8.77E+00 2.08E+00 6.43E+03 8.00E+00 1.79E+01 1.11E+00 

W30-S03 1.27E+01 2.20E+00 3.27E+05 9.00E+00 1.71E+03 2.93E+00 

W30-S04 1.18E+01 3.00E+00 1.36E+05 2.00E+01 1.09E+03 2.53E+00 

W30-S05 1.17E+01 2.56E+00 1.15E+05 1.30E+01 6.52E+02 2.68E+00 

W30-S07 1.20E+01 2.64E+00 1.68E+05 1.40E+01 7.35E+02 2.79E+00 

W30-S08 1.25E+01 2.40E+00 2.59E+05 1.10E+01 8.55E+02 2.16E+00 

W31-S01 1.13E+01 2.40E+00 8.22E+04 1.10E+01 9.86E+02 2.68E+00 

W31-S03 1.26E+01 2.83E+00 2.91E+05 1.70E+01 2.07E+03 3.01E+00 

 

Sample Shape_ 

VA3d_ 

Avg_w 

Shape_ 

VA3d_ 

Median 

Shape_V 

A3d_Std 

Volume 

Log_Std 

Volume 

_Avg 

Volume 

_Avg_w 

 
adim adim adim n voxel n voxel n voxel 

W02-S01 1.79E+02 1.06E+00 1.74E+01 1.52E+00 1.73E+06 9.82E+08 

W02-S03 1.26E+01 1.19E+00 3.28E+00 1.72E+00 3.12E+05 1.15E+07 

W02-S04 2.47E+00 9.30E-01 9.35E-01 9.95E-01 3.90E+04 2.71E+05 

W02-S05 2.42E+00 8.69E-01 8.02E-01 1.32E+00 8.81E+05 9.88E+06 

W03-S01 3.98E+01 1.18E+00 6.85E+00 2.21E+00 7.72E+06 7.52E+08 

W03-S02 4.53E+00 1.10E+00 1.15E+00 1.96E+00 2.13E+06 6.35E+07 

W03-S03 9.96E+00 1.07E+00 1.90E+00 1.88E+00 1.60E+06 1.08E+08 

W03-S06 7.25E+00 9.88E-01 1.82E+00 1.56E+00 3.51E+06 1.64E+08 

W03-S09 6.70E+01 1.05E+00 5.12E+00 1.80E+00 3.98E+06 2.50E+09 

W03-S10 5.21E+00 1.07E+00 1.21E+00 1.89E+00 1.91E+06 6.18E+07 

W06-S02 1.90E+02 1.12E+00 9.73E+00 1.91E+00 6.33E+06 6.03E+09 

W06-S03 1.49E+02 1.11E+00 8.32E+00 1.92E+00 8.94E+06 7.44E+09 

W07-S01 2.99E+01 1.18E+00 6.35E+00 2.03E+00 1.37E+07 8.46E+09 

W07-S02 5.19E+01 1.14E+00 9.44E+00 2.27E+00 4.12E+07 4.96E+09 



Sample Shape_ 

VA3d_ 

Avg_w 

Shape_ 

VA3d_ 

Median 

Shape_V 

A3d_Std 

Volume 

Log_Std 

Volume 

_Avg 

Volume 

_Avg_w 

 
adim adim adim n voxel n voxel n voxel 

W07-S04 6.11E+01 1.36E+00 1.22E+01 2.56E+00 2.59E+07 1.48E+09 

W08-S01 2.97E+00 1.21E+00 8.99E-01 2.00E+00 7.05E+06 8.14E+07 

W08-S03 3.61E+02 1.02E+00 3.36E+01 1.71E+00 3.67E+07 1.54E+10 

W08-S04 3.34E+00 1.23E+00 9.92E-01 2.08E+00 2.81E+06 3.99E+07 

W09-S01 3.59E+01 1.24E+00 5.13E+00 2.12E+00 1.21E+07 9.45E+08 

W09-S02 7.82E+01 1.24E+00 1.23E+01 2.23E+00 2.15E+07 1.73E+09 

W09-S03 5.72E+00 1.18E+00 1.58E+00 1.98E+00 5.47E+06 2.60E+08 

W09-S04 7.25E+01 1.11E+00 7.33E+00 1.99E+00 4.57E+06 6.24E+08 

W09-S05 1.21E+02 1.15E+00 1.50E+01 2.09E+00 1.10E+07 1.47E+09 

W10-S06 1.81E+02 1.09E+00 1.65E+01 1.67E+00 1.20E+07 6.50E+09 

W10-S07 2.03E+01 1.13E+00 3.82E+00 1.55E+00 6.36E+06 8.52E+08 

W11-S03 8.60E+00 1.11E+00 1.53E+00 1.79E+00 2.39E+06 2.69E+08 

W11-S04 2.87E+02 1.10E+00 1.92E+01 1.66E+00 6.27E+06 5.49E+09 

W14-S01 1.08E+02 1.15E+00 1.12E+01 1.79E+00 1.27E+07 4.88E+09 

W14-S02 3.99E+02 1.02E+00 2.25E+01 1.56E+00 2.55E+07 3.64E+10 

W14-S04 2.16E+02 1.10E+00 2.41E+01 1.69E+00 2.28E+07 9.32E+09 

W14-S05 2.39E+02 1.13E+00 2.21E+01 1.75E+00 2.98E+06 1.18E+09 

W14-S06 7.67E+01 1.14E+00 7.79E+00 1.80E+00 1.06E+07 6.85E+09 

W14-S07 1.94E+02 1.02E+00 1.40E+01 1.63E+00 8.22E+06 6.81E+09 

W14-S09 9.16E+00 1.22E+00 2.24E+00 1.79E+00 4.89E+06 2.22E+08 

W14-S10 1.71E+02 1.06E+00 1.50E+01 1.60E+00 1.85E+07 1.70E+10 

W14-S12 7.97E+01 1.10E+00 7.76E+00 1.69E+00 1.03E+07 5.82E+09 

W15-S02 1.33E+02 1.06E+00 1.12E+01 1.60E+00 1.00E+07 1.01E+10 

W15-S03 1.03E+01 1.06E+00 2.08E+00 1.64E+00 3.03E+06 3.13E+08 

W15-S05 3.90E+01 1.02E+00 4.54E+00 1.61E+00 4.52E+06 1.04E+09 

W15-S06 1.22E+02 1.09E+00 1.57E+01 1.68E+00 1.82E+07 5.13E+09 

W15-S07 9.95E+01 1.07E+00 1.42E+01 1.67E+00 2.96E+07 8.92E+09 

W15-S08 2.46E+02 1.06E+00 2.41E+01 1.65E+00 3.02E+07 1.44E+10 

W15-S09 9.25E+01 1.03E+00 1.01E+01 1.62E+00 2.05E+07 9.90E+09 

W15-S12 2.45E+02 1.20E+00 2.70E+01 1.80E+00 1.94E+07 6.05E+09 

W15-S14 1.62E+01 1.00E+00 2.89E+00 1.63E+00 6.09E+06 6.69E+08 

W16-S01 7.85E+00 1.02E+00 1.41E+00 1.53E+00 2.19E+06 1.07E+08 

W16-S03 6.92E+01 1.14E+00 7.19E+00 1.64E+00 6.45E+06 2.79E+09 

W16-S05 1.86E+02 1.07E+00 1.94E+01 1.52E+00 9.48E+06 6.73E+09 

W16-S06 1.68E+02 9.98E-01 1.62E+01 1.51E+00 2.05E+07 1.61E+10 

W17-S01 3.79E+02 1.03E+00 2.48E+01 1.76E+00 9.84E+06 6.89E+09 

W17-S03 1.21E+02 1.06E+00 1.12E+01 1.87E+00 1.29E+07 4.63E+09 

W17-S04 1.11E+02 1.06E+00 1.12E+01 1.93E+00 1.06E+07 2.64E+09 

W17-S05 6.91E+02 1.11E+00 4.77E+01 1.67E+00 3.70E+06 3.03E+09 

W18-S01 1.37E+02 1.12E+00 1.33E+01 1.87E+00 8.46E+06 2.79E+09 

W18-S02 1.64E+02 1.12E+00 1.17E+01 1.64E+00 2.61E+06 2.06E+09 
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_Avg_w 

 
adim adim adim n voxel n voxel n voxel 

W18-S03 1.62E+02 1.13E+00 1.94E+01 1.77E+00 1.30E+07 4.40E+09 

W18-S04 3.32E+02 1.06E+00 2.44E+01 1.65E+00 1.05E+07 8.60E+09 

W18-S05 1.48E+01 9.61E-01 2.25E+00 1.49E+00 1.27E+06 1.93E+08 

W18-S06 9.54E+01 1.15E+00 1.30E+01 1.75E+00 1.07E+07 3.17E+09 

W19-S01 1.05E+03 1.34E+00 4.79E+01 2.16E+00 1.60E+07 9.61E+09 

W19-S02 1.99E+03 1.11E+00 9.02E+01 1.62E+00 2.14E+07 3.99E+10 

W19-S03 1.21E+01 9.35E-01 1.63E+00 1.42E+00 1.76E+06 2.10E+08 

W19-S04 2.60E+01 1.01E+00 3.44E+00 1.56E+00 5.19E+06 1.27E+09 

W19-S05 1.91E+03 1.09E+00 5.85E+01 1.63E+00 1.74E+07 5.86E+10 

W19-S06 6.81E+00 1.10E+00 2.35E+00 1.59E+00 8.71E+06 1.69E+08 

W20-S01 2.63E+01 9.62E-01 2.80E+00 1.54E+00 6.66E+06 1.51E+09 

W20-S02 1.16E+03 9.88E-01 5.75E+01 1.50E+00 3.77E+07 9.25E+10 

W20-S03 5.60E+01 1.04E+00 5.67E+00 1.65E+00 2.63E+06 8.85E+08 

W20-S04 3.12E+00 9.45E-01 9.11E-01 1.52E+00 1.75E+06 3.59E+07 

W20-S05 1.49E+02 1.07E+00 1.67E+01 1.72E+00 1.68E+07 5.74E+09 

W20-S06 1.70E+00 8.83E-01 5.11E-01 1.38E+00 9.02E+04 9.41E+05 

W21-S01 1.39E+02 1.02E+00 1.54E+01 1.60E+00 3.18E+07 1.96E+10 

W21-S02 1.42E+02 1.04E+00 1.14E+01 1.65E+00 1.04E+07 6.43E+09 

W21-S03 1.45E+02 1.07E+00 1.40E+01 1.69E+00 1.64E+07 8.59E+09 

W21-S04 3.26E+02 1.06E+00 2.51E+01 1.71E+00 2.80E+07 1.98E+10 

W21-S05 2.66E+02 1.07E+00 2.11E+01 1.67E+00 2.03E+07 1.43E+10 

W21-S06 1.15E+02 1.12E+00 1.34E+01 1.81E+00 1.35E+07 3.74E+09 

W21-S07 1.81E+02 1.13E+00 1.31E+01 1.76E+00 1.50E+07 1.12E+10 

W21-S08 3.26E+02 1.01E+00 2.77E+01 1.62E+00 4.04E+07 2.35E+10 

W22-S01 9.98E+01 9.53E-01 1.78E+01 1.38E+00 2.92E+07 1.06E+10 

W22-S02 6.35E+02 1.11E+00 4.06E+01 1.68E+00 2.62E+07 2.53E+10 

W22-S04 8.52E+01 1.27E+00 1.26E+01 1.99E+00 6.09E+06 8.72E+08 

W22-S05 1.63E+03 1.02E+00 1.11E+02 1.50E+00 3.17E+07 3.80E+10 

W24-S01 1.01E+02 1.09E+00 6.28E+00 1.82E+00 1.32E+07 1.17E+10 

W24-S02 2.23E+02 1.09E+00 1.28E+01 1.75E+00 1.48E+07 1.39E+10 

W24-S03 3.42E+02 1.05E+00 2.08E+01 1.65E+00 6.23E+06 6.16E+09 

W24-S04 1.84E+02 9.98E-01 1.40E+01 1.55E+00 1.49E+07 1.47E+10 

W24-S05 1.14E+02 1.02E+00 1.21E+01 1.65E+00 1.88E+07 8.66E+09 

W25-S01 1.95E+02 1.01E+00 1.00E+01 1.40E+00 1.18E+06 1.20E+09 

W25-S02 2.11E+02 1.18E+00 1.44E+01 1.84E+00 2.14E+06 1.48E+09 

W25-S03 1.28E+02 1.17E+00 1.19E+01 1.75E+00 4.43E+06 1.65E+09 

W25-S04 3.75E+02 1.14E+00 2.72E+01 1.63E+00 9.90E+06 1.09E+10 

W26-S02 1.27E+02 1.10E+00 1.10E+01 1.70E+00 5.64E+06 2.83E+09 

W27-S01 7.50E+01 1.12E+00 9.34E+00 1.58E+00 5.29E+06 2.17E+09 

W27-S03 1.81E+00 1.01E+00 5.63E-01 1.56E+00 1.20E+06 1.17E+07 

W27-S04 1.75E+01 1.10E+00 2.28E+00 1.62E+00 1.72E+06 8.78E+08 



Sample Shape_ 

VA3d_ 

Avg_w 

Shape_ 

VA3d_ 

Median 

Shape_V 

A3d_Std 

Volume 

Log_Std 

Volume 

_Avg 

Volume 

_Avg_w 

 
adim adim adim n voxel n voxel n voxel 

W27-S05 2.91E+00 9.53E-01 8.64E-01 1.45E+00 3.50E+06 6.13E+07 

W27-S06 2.55E+00 1.01E+00 8.22E-01 1.55E+00 1.83E+06 2.56E+07 

W28-S02 9.78E+00 1.23E+00 2.80E+00 1.78E+00 2.73E+06 2.41E+08 

W28-S04 1.02E+02 1.09E+00 1.02E+01 1.84E+00 1.18E+07 3.71E+09 

W28-S05 2.09E+01 1.02E+00 2.42E+00 1.40E+00 1.34E+06 7.17E+08 

W29-S01 2.88E+01 1.05E+00 3.52E+00 1.54E+00 5.78E+06 4.17E+09 

W29-S02 1.25E+02 9.95E-01 8.61E+00 1.37E+00 6.31E+06 7.52E+09 

W30-S01 4.36E+00 8.63E-01 1.04E+00 1.30E+00 2.54E+06 9.65E+07 

W30-S03 5.57E+02 9.96E-01 3.02E+01 1.43E+00 7.98E+06 1.83E+10 

W30-S04 6.85E+01 1.24E+00 7.66E+00 2.08E+00 6.18E+06 9.70E+08 

W30-S05 1.24E+02 1.14E+00 1.27E+01 1.72E+00 1.12E+07 3.56E+09 

W30-S07 2.28E+02 1.21E+00 1.82E+01 1.70E+00 7.27E+06 4.02E+09 

W30-S08 3.99E+02 1.05E+00 1.83E+01 1.59E+00 6.25E+06 1.23E+10 

W31-S01 1.23E+02 1.02E+00 1.24E+01 1.61E+00 1.08E+07 5.73E+09 

W31-S03 6.25E+01 1.25E+00 8.26E+00 2.02E+00 1.20E+07 2.70E+09 

 

Sample Volume 

_Log 

_Avg 

Volume 

_Log_ 

Avg_w 

Volume 

_Log_ 

Max 

Volume 

_Log_ 

Median 

Volume 

_Max 

Volume 

_Median 

 
n voxel n voxel n voxel n voxel n voxel n voxel 

W02-S01 1.14E+01 1.91E+01 2.23E+01 1.33E+01 4.90E+09 6.18E+05 

W02-S03 1.06E+01 1.45E+01 1.86E+01 1.23E+01 1.20E+08 2.30E+05 

W02-S04 9.88E+00 1.15E+01 1.62E+01 1.12E+01 1.14E+07 7.28E+04 

W02-S05 1.28E+01 1.42E+01 2.05E+01 1.46E+01 8.00E+08 2.15E+06 

W03-S01 1.13E+01 1.94E+01 2.25E+01 1.27E+01 5.93E+09 3.19E+05 

W03-S02 1.25E+01 1.61E+01 2.11E+01 1.37E+01 1.43E+09 8.56E+05 

W03-S03 1.21E+01 1.63E+01 2.12E+01 1.33E+01 1.56E+09 6.17E+05 

W03-S06 1.35E+01 1.66E+01 2.32E+01 1.52E+01 1.24E+10 3.95E+06 

W03-S09 1.26E+01 1.89E+01 2.40E+01 1.41E+01 2.56E+10 1.34E+06 

W03-S10 1.25E+01 1.61E+01 2.07E+01 1.36E+01 9.81E+08 8.04E+05 

W06-S02 1.32E+01 1.92E+01 2.47E+01 1.43E+01 5.50E+10 1.67E+06 

W06-S03 1.37E+01 1.87E+01 2.58E+01 1.48E+01 1.65E+11 2.61E+06 

W07-S01 1.20E+01 2.15E+01 2.44E+01 1.33E+01 3.96E+10 5.92E+05 

W07-S02 1.23E+01 2.13E+01 2.41E+01 1.36E+01 2.83E+10 8.08E+05 

W07-S04 1.21E+01 2.01E+01 2.32E+01 1.38E+01 1.15E+10 1.03E+06 

W08-S01 1.40E+01 1.67E+01 2.30E+01 1.52E+01 9.72E+09 3.99E+06 

W08-S03 1.31E+01 2.23E+01 2.54E+01 1.47E+01 1.04E+11 2.54E+06 

W08-S04 1.28E+01 1.61E+01 2.04E+01 1.41E+01 7.24E+08 1.28E+06 

W09-S01 1.38E+01 1.85E+01 2.36E+01 1.49E+01 1.86E+10 2.92E+06 

W09-S02 1.27E+01 2.01E+01 2.34E+01 1.39E+01 1.43E+10 1.05E+06 

W09-S03 1.35E+01 1.69E+01 2.34E+01 1.46E+01 1.43E+10 2.26E+06 

W09-S04 1.24E+01 1.86E+01 2.24E+01 1.36E+01 5.09E+09 8.30E+05 



Sample Volume 

_Log 

_Avg 

Volume 

_Log_ 

Avg_w 

Volume 

_Log_ 

Max 

Volume 

_Log_ 

Median 

Volume 

_Max 

Volume 

_Median 

 
n voxel n voxel n voxel n voxel n voxel n voxel 

W09-S05 1.18E+01 1.99E+01 2.32E+01 1.32E+01 1.19E+10 5.46E+05 

W10-S06 1.23E+01 2.12E+01 2.42E+01 1.41E+01 3.35E+10 1.30E+06 

W10-S07 1.35E+01 1.83E+01 2.38E+01 1.54E+01 2.21E+10 5.11E+06 

W11-S03 1.25E+01 1.69E+01 2.27E+01 1.40E+01 7.06E+09 1.24E+06 

W11-S04 1.27E+01 1.98E+01 2.44E+01 1.45E+01 4.07E+10 2.00E+06 

W14-S01 1.30E+01 2.04E+01 2.48E+01 1.47E+01 5.91E+10 2.32E+06 

W14-S02 1.38E+01 2.22E+01 2.64E+01 1.57E+01 3.06E+11 6.48E+06 

W14-S04 1.25E+01 2.17E+01 2.48E+01 1.44E+01 5.83E+10 1.76E+06 

W14-S05 1.11E+01 1.92E+01 2.26E+01 1.27E+01 6.61E+09 3.42E+05 

W14-S06 1.30E+01 2.01E+01 2.53E+01 1.47E+01 9.26E+10 2.42E+06 

W14-S07 1.31E+01 2.01E+01 2.50E+01 1.48E+01 7.55E+10 2.73E+06 

W14-S09 1.33E+01 1.73E+01 2.27E+01 1.50E+01 7.50E+09 3.41E+06 

W14-S10 1.28E+01 2.22E+01 2.55E+01 1.46E+01 1.19E+11 2.11E+06 

W14-S12 1.29E+01 2.05E+01 2.48E+01 1.46E+01 5.97E+10 2.17E+06 

W15-S02 1.23E+01 2.16E+01 2.45E+01 1.41E+01 4.51E+10 1.28E+06 

W15-S03 1.27E+01 1.74E+01 2.24E+01 1.45E+01 5.53E+09 1.99E+06 

W15-S05 1.31E+01 1.84E+01 2.37E+01 1.48E+01 1.97E+10 2.60E+06 

W15-S06 1.28E+01 2.11E+01 2.45E+01 1.47E+01 4.29E+10 2.31E+06 

W15-S07 1.27E+01 2.18E+01 2.50E+01 1.45E+01 7.32E+10 1.96E+06 

W15-S08 1.30E+01 2.21E+01 2.54E+01 1.48E+01 1.08E+11 2.79E+06 

W15-S09 1.31E+01 2.16E+01 2.52E+01 1.49E+01 8.85E+10 2.89E+06 

W15-S12 1.28E+01 2.11E+01 2.45E+01 1.46E+01 4.23E+10 2.20E+06 

W15-S14 1.39E+01 1.74E+01 2.43E+01 1.54E+01 3.70E+10 5.10E+06 

W16-S01 1.31E+01 1.61E+01 2.18E+01 1.48E+01 3.07E+09 2.78E+06 

W16-S03 1.29E+01 1.94E+01 2.40E+01 1.48E+01 2.60E+10 2.68E+06 

W16-S05 1.20E+01 2.15E+01 2.45E+01 1.39E+01 4.38E+10 1.07E+06 

W16-S06 1.28E+01 2.21E+01 2.55E+01 1.46E+01 1.24E+11 2.22E+06 

W17-S01 1.20E+01 2.11E+01 2.45E+01 1.34E+01 4.50E+10 6.85E+05 

W17-S03 1.30E+01 2.04E+01 2.45E+01 1.43E+01 4.53E+10 1.66E+06 

W17-S04 1.24E+01 2.03E+01 2.35E+01 1.37E+01 1.57E+10 8.48E+05 

W17-S05 1.15E+01 1.96E+01 2.36E+01 1.33E+01 1.71E+10 5.75E+05 

W18-S01 1.24E+01 2.00E+01 2.37E+01 1.40E+01 1.96E+10 1.21E+06 

W18-S02 1.19E+01 1.89E+01 2.35E+01 1.37E+01 1.59E+10 9.07E+05 

W18-S03 1.21E+01 2.11E+01 2.41E+01 1.39E+01 2.84E+10 1.04E+06 

W18-S04 1.26E+01 2.11E+01 2.50E+01 1.44E+01 7.00E+10 1.74E+06 

W18-S05 1.25E+01 1.59E+01 2.23E+01 1.42E+01 5.01E+09 1.45E+06 

W18-S06 1.18E+01 2.07E+01 2.38E+01 1.37E+01 2.24E+10 8.81E+05 

W19-S01 1.36E+01 2.01E+01 2.53E+01 1.47E+01 9.88E+10 2.42E+06 

W19-S02 1.32E+01 2.26E+01 2.61E+01 1.51E+01 2.21E+11 3.48E+06 

W19-S03 1.31E+01 1.58E+01 2.29E+01 1.48E+01 9.23E+09 2.71E+06 

W19-S04 1.37E+01 1.75E+01 2.51E+01 1.54E+01 8.14E+10 4.86E+06 



Sample Volume 

_Log 

_Avg 

Volume 

_Log_ 

Avg_w 

Volume 

_Log_ 

Max 

Volume 

_Log_ 

Median 

Volume 

_Max 

Volume 

_Median 

 
n voxel n voxel n voxel n voxel n voxel n voxel 

W19-S05 1.38E+01 2.16E+01 2.68E+01 1.56E+01 4.17E+11 6.17E+06 

W19-S06 1.44E+01 1.73E+01 2.26E+01 1.61E+01 6.22E+09 1.00E+07 

W20-S01 1.42E+01 1.72E+01 2.54E+01 1.59E+01 1.06E+11 7.73E+06 

W20-S02 1.35E+01 2.31E+01 2.81E+01 1.53E+01 1.53E+12 4.48E+06 

W20-S03 1.25E+01 1.79E+01 2.36E+01 1.41E+01 1.71E+10 1.33E+06 

W20-S04 1.30E+01 1.55E+01 2.07E+01 1.46E+01 9.77E+08 2.30E+06 

W20-S05 1.29E+01 2.09E+01 2.45E+01 1.47E+01 4.35E+10 2.39E+06 

W20-S06 1.04E+01 1.21E+01 1.70E+01 1.21E+01 2.32E+07 1.77E+05 

W21-S01 1.30E+01 2.24E+01 2.55E+01 1.48E+01 1.22E+11 2.61E+06 

W21-S02 1.34E+01 2.01E+01 2.51E+01 1.51E+01 7.79E+10 3.57E+06 

W21-S03 1.23E+01 2.16E+01 2.49E+01 1.41E+01 6.51E+10 1.27E+06 

W21-S04 1.30E+01 2.23E+01 2.57E+01 1.46E+01 1.41E+11 2.27E+06 

W21-S05 1.28E+01 2.18E+01 2.51E+01 1.46E+01 8.17E+10 2.22E+06 

W21-S06 1.20E+01 2.08E+01 2.36E+01 1.37E+01 1.85E+10 8.81E+05 

W21-S07 1.34E+01 2.06E+01 2.53E+01 1.52E+01 9.78E+10 3.92E+06 

W21-S08 1.34E+01 2.26E+01 2.58E+01 1.51E+01 1.54E+11 3.52E+06 

W22-S01 1.27E+01 2.20E+01 2.56E+01 1.47E+01 1.28E+11 2.43E+06 

W22-S02 1.35E+01 2.21E+01 2.60E+01 1.54E+01 1.94E+11 4.65E+06 

W22-S04 1.16E+01 1.92E+01 2.24E+01 1.32E+01 5.38E+09 5.60E+05 

W22-S05 1.28E+01 2.31E+01 2.62E+01 1.47E+01 2.50E+11 2.44E+06 

W24-S01 1.38E+01 1.96E+01 2.61E+01 1.53E+01 2.17E+11 4.27E+06 

W24-S02 1.36E+01 2.07E+01 2.53E+01 1.52E+01 9.97E+10 4.00E+06 

W24-S03 1.26E+01 2.03E+01 2.43E+01 1.43E+01 3.48E+10 1.59E+06 

W24-S04 1.31E+01 2.18E+01 2.51E+01 1.49E+01 8.30E+10 2.82E+06 

W24-S05 1.26E+01 2.16E+01 2.48E+01 1.43E+01 5.65E+10 1.65E+06 

W25-S01 1.22E+01 1.76E+01 2.31E+01 1.41E+01 1.09E+10 1.30E+06 

W25-S02 1.14E+01 1.86E+01 2.32E+01 1.31E+01 1.18E+10 4.92E+05 

W25-S03 1.23E+01 1.91E+01 2.35E+01 1.41E+01 1.66E+10 1.31E+06 

W25-S04 1.22E+01 2.12E+01 2.49E+01 1.41E+01 6.83E+10 1.29E+06 

W26-S02 1.24E+01 1.96E+01 2.37E+01 1.42E+01 1.90E+10 1.43E+06 

W27-S01 1.15E+01 2.00E+01 2.32E+01 1.35E+01 1.14E+10 7.11E+05 

W27-S03 1.26E+01 1.49E+01 2.01E+01 1.43E+01 5.61E+08 1.61E+06 

W27-S04 1.21E+01 1.74E+01 2.28E+01 1.39E+01 7.95E+09 1.07E+06 

W27-S05 1.38E+01 1.60E+01 2.22E+01 1.56E+01 4.57E+09 5.91E+06 

W27-S06 1.30E+01 1.54E+01 2.11E+01 1.47E+01 1.51E+09 2.45E+06 

W28-S02 1.16E+01 1.79E+01 2.19E+01 1.36E+01 3.17E+09 8.12E+05 

W28-S04 1.28E+01 2.03E+01 2.47E+01 1.39E+01 5.21E+10 1.13E+06 

W28-S05 1.25E+01 1.63E+01 2.35E+01 1.45E+01 1.62E+10 1.99E+06 

W29-S01 1.31E+01 1.95E+01 2.46E+01 1.48E+01 5.05E+10 2.81E+06 

W29-S02 1.35E+01 1.99E+01 2.51E+01 1.55E+01 7.70E+10 5.29E+06 

W30-S01 1.38E+01 1.55E+01 2.29E+01 1.56E+01 8.97E+09 6.09E+06 



Sample Volume 

_Log 

_Avg 

Volume 

_Log_ 

Avg_w 

Volume 

_Log_ 

Max 

Volume 

_Log_ 

Median 

Volume 

_Max 

Volume 

_Median 

 
n voxel n voxel n voxel n voxel n voxel n voxel 

W30-S03 1.25E+01 2.18E+01 2.58E+01 1.43E+01 1.60E+11 1.67E+06 

W30-S04 1.24E+01 1.89E+01 2.26E+01 1.38E+01 6.51E+09 9.99E+05 

W30-S05 1.32E+01 2.00E+01 2.44E+01 1.50E+01 3.78E+10 3.20E+06 

W30-S07 1.29E+01 1.97E+01 2.46E+01 1.48E+01 4.77E+10 2.68E+06 

W30-S08 1.31E+01 2.01E+01 2.55E+01 1.48E+01 1.14E+11 2.73E+06 

W31-S01 1.25E+01 2.09E+01 2.43E+01 1.43E+01 3.62E+10 1.61E+06 

W31-S03 1.17E+01 2.04E+01 2.37E+01 1.35E+01 1.99E+10 7.14E+05 

 

Sample Volume 

_Std 

VoxelFace 

Area 

Log_Std 

VoxelFace 

Area 

_Avg 

VoxelFace 

Area_ 

Avg_w 

VoxelFace 

Area_Log_Avg  

VoxelFace 

Area_Log 

_Avg_w  
n voxel n voxel n voxel n voxel n voxel n voxel 

W02-S01 4.45E+07 9.76E-01 1.73E+11 8.51E+13 2.40E+01 3.08E+01 

W02-S03 2.12E+06 1.15E+00 1.15E+11 3.19E+12 2.43E+01 2.76E+01 

W02-S04 9.43E+04 8.08E-01 4.64E+10 2.50E+11 2.41E+01 2.54E+01 

W02-S05 3.19E+06 6.76E-01 3.43E+10 2.40E+11 2.39E+01 2.51E+01 

W03-S01 8.88E+07 1.56E+00 9.68E+11 8.00E+13 2.42E+01 8.79E+04 

W03-S02 1.36E+07 1.29E+00 1.83E+11 2.80E+12 2.49E+01 2.77E+01 

W03-S03 1.50E+07 1.25E+00 1.74E+11 6.42E+12 2.47E+01 2.81E+01 

W03-S06 2.80E+07 9.44E-01 6.59E+10 1.71E+12 2.41E+01 2.66E+01 

W03-S09 1.04E+08 1.19E+00 1.82E+11 7.16E+13 2.45E+01 2.98E+01 

W03-S10 1.20E+07 1.26E+00 1.78E+11 3.64E+12 2.49E+01 2.78E+01 

W06-S02 2.17E+08 1.28E+00 2.59E+11 1.65E+14 2.49E+01 3.01E+01 

W06-S03 3.16E+08 1.28E+00 2.40E+11 9.97E+13 2.49E+01 2.91E+01 

W07-S01 3.64E+08 1.39E+00 5.99E+11 2.40E+14 2.48E+01 3.24E+01 

W07-S02 5.12E+08 1.63E+00 1.47E+12 1.28E+14 2.48E+01 3.20E+01 

W07-S04 2.23E+08 1.86E+00 1.97E+12 1.10E+14 2.49E+01 3.18E+01 

W08-S01 2.77E+07 1.30E+00 1.78E+11 1.16E+12 2.51E+01 2.71E+01 

W08-S03 8.73E+08 1.15E+00 8.27E+11 3.13E+14 2.46E+01 3.27E+01 

W08-S04 1.19E+07 1.38E+00 2.06E+11 1.77E+12 2.50E+01 2.75E+01 

W09-S01 1.19E+08 1.48E+00 3.81E+11 2.41E+13 2.52E+01 2.91E+01 

W09-S02 2.18E+08 1.63E+00 1.07E+12 7.46E+13 2.51E+01 3.13E+01 

W09-S03 4.18E+07 1.34E+00 2.21E+11 4.18E+12 2.51E+01 2.78E+01 

W09-S04 5.78E+07 1.36E+00 3.78E+11 6.08E+13 2.48E+01 3.04E+01 

W09-S05 1.54E+08 1.45E+00 1.01E+12 1.64E+14 2.47E+01 3.20E+01 

W10-S06 3.19E+08 1.11E+00 3.54E+11 1.64E+14 2.42E+01 3.19E+01 

W10-S07 8.47E+07 9.93E-01 8.93E+10 8.16E+12 2.40E+01 2.82E+01 

W11-S03 2.86E+07 1.21E+00 1.35E+11 8.40E+12 2.45E+01 2.81E+01 

W11-S04 2.06E+08 1.10E+00 1.86E+11 1.31E+14 2.42E+01 3.05E+01 

W14-S01 2.90E+08 1.21E+00 2.61E+11 7.09E+13 2.43E+01 3.06E+01 

W14-S02 1.06E+09 9.60E-01 1.74E+11 2.43E+14 2.41E+01 3.15E+01 

W14-S04 5.31E+08 1.13E+00 5.11E+11 1.81E+14 2.41E+01 3.22E+01 



Sample Volume 

_Std 

VoxelFace 

Area 

Log_Std 

VoxelFace 

Area 

_Avg 

VoxelFace 

Area_ 

Avg_w 

VoxelFace 

Area_Log_Avg  

VoxelFace 

Area_Log 

_Avg_w  
n voxel n voxel n voxel n voxel n voxel n voxel 

W14-S05 7.48E+07 1.21E+00 4.74E+11 1.76E+14 2.43E+01 3.20E+01 

W14-S06 3.08E+08 1.22E+00 2.18E+11 7.25E+13 2.44E+01 3.03E+01 

W14-S07 2.55E+08 1.05E+00 1.57E+11 9.98E+13 2.42E+01 3.02E+01 

W14-S09 3.59E+07 1.21E+00 1.29E+11 4.10E+12 2.44E+01 2.78E+01 

W14-S10 6.28E+08 1.04E+00 2.76E+11 1.77E+14 2.41E+01 3.19E+01 

W14-S12 2.80E+08 1.12E+00 2.04E+11 7.01E+13 2.42E+01 3.06E+01 

W15-S02 3.48E+08 1.04E+00 2.32E+11 1.56E+14 2.41E+01 3.17E+01 

W15-S03 3.48E+07 1.04E+00 9.59E+10 5.84E+12 2.42E+01 2.80E+01 

W15-S05 7.71E+07 1.03E+00 1.12E+11 2.08E+13 2.42E+01 2.89E+01 

W15-S06 3.57E+08 1.12E+00 3.40E+11 8.74E+13 2.41E+01 3.13E+01 

W15-S07 5.93E+08 1.10E+00 4.76E+11 1.22E+14 2.41E+01 3.19E+01 

W15-S08 7.50E+08 1.08E+00 4.23E+11 1.82E+14 2.41E+01 3.21E+01 

W15-S09 5.29E+08 1.06E+00 2.54E+11 8.98E+13 2.41E+01 3.13E+01 

W15-S12 3.96E+08 1.24E+00 4.66E+11 1.36E+14 2.42E+01 3.17E+01 

W15-S14 7.42E+07 1.04E+00 8.91E+10 5.16E+12 2.43E+01 2.72E+01 

W16-S01 1.53E+07 9.47E-01 6.51E+10 3.91E+12 2.42E+01 2.67E+01 

W16-S03 1.50E+08 1.06E+00 1.37E+11 4.00E+13 2.41E+01 2.96E+01 

W16-S05 2.84E+08 9.80E-01 3.27E+11 2.06E+14 2.40E+01 3.22E+01 

W16-S06 6.84E+08 9.50E-01 2.97E+11 1.75E+14 2.40E+01 3.22E+01 

W17-S01 3.03E+08 1.18E+00 5.82E+11 3.47E+14 2.45E+01 3.26E+01 

W17-S03 2.84E+08 1.27E+00 3.85E+11 1.10E+14 2.47E+01 3.11E+01 

W17-S04 1.92E+08 1.32E+00 5.63E+11 1.17E+14 2.47E+01 3.16E+01 

W17-S05 1.30E+08 1.14E+00 3.81E+11 3.08E+14 2.42E+01 3.22E+01 

W18-S01 1.76E+08 1.28E+00 3.54E+11 9.39E+13 2.45E+01 3.10E+01 

W18-S02 8.45E+07 1.08E+00 1.75E+11 1.03E+14 2.42E+01 3.05E+01 

W18-S03 2.72E+08 1.22E+00 5.06E+11 1.52E+14 2.43E+01 3.19E+01 

W18-S04 3.44E+08 1.08E+00 2.85E+11 1.99E+14 2.42E+01 3.17E+01 

W18-S05 1.75E+07 8.99E-01 6.31E+10 5.13E+12 2.41E+01 2.70E+01 

W18-S06 2.10E+08 1.18E+00 4.32E+11 1.02E+14 2.42E+01 3.16E+01 

W19-S01 4.31E+08 1.56E+00 7.02E+11 4.94E+14 2.53E+01 3.12E+01 

W19-S02 1.08E+09 1.07E+00 3.92E+11 7.55E+14 2.41E+01 3.31E+01 

W19-S03 2.29E+07 8.23E-01 4.96E+10 6.41E+12 2.40E+01 2.65E+01 

W19-S04 9.83E+07 9.67E-01 7.62E+10 8.97E+12 2.41E+01 2.74E+01 

W19-S05 1.14E+09 1.07E+00 1.91E+11 6.66E+14 2.42E+01 3.14E+01 

W19-S06 4.43E+07 1.02E+00 7.55E+10 1.04E+12 2.42E+01 2.66E+01 

W20-S01 1.07E+08 9.33E-01 6.56E+10 1.50E+13 2.42E+01 2.68E+01 

W20-S02 2.10E+09 9.45E-01 3.25E+11 6.52E+14 2.40E+01 3.26E+01 

W20-S03 5.50E+07 1.08E+00 1.30E+11 3.06E+13 2.43E+01 2.90E+01 

W20-S04 8.89E+06 9.02E-01 5.78E+10 7.14E+11 2.41E+01 2.62E+01 

W20-S05 3.64E+08 1.14E+00 3.30E+11 9.53E+13 2.42E+01 3.13E+01 

W20-S06 3.13E+05 1.29E+00 3.43E+10 2.30E+11 2.33E+01 3.01E+01 



Sample Volume 

_Std 

VoxelFace 

Area 

Log_Std 

VoxelFace 

Area 

_Avg 

VoxelFace 

Area_ 

Avg_w 

VoxelFace 

Area_Log_Avg  

VoxelFace 

Area_Log 

_Avg_w  
n voxel n voxel n voxel n voxel n voxel n voxel 

W21-S01 9.17E+08 1.04E+00 3.53E+11 1.59E+14 2.41E+01 3.20E+01 

W21-S02 2.97E+08 1.07E+00 1.58E+11 7.42E+13 2.42E+01 3.01E+01 

W21-S03 4.39E+08 1.12E+00 4.04E+11 1.72E+14 2.42E+01 3.21E+01 

W21-S04 8.33E+08 1.13E+00 4.24E+11 2.49E+14 2.43E+01 3.23E+01 

W21-S05 6.41E+08 1.09E+00 3.76E+11 2.36E+14 2.42E+01 3.22E+01 

W21-S06 2.72E+08 1.22E+00 5.96E+11 1.58E+14 2.43E+01 3.21E+01 

W21-S07 4.62E+08 1.17E+00 2.08E+11 1.05E+14 2.43E+01 3.04E+01 

W21-S08 1.13E+09 1.07E+00 4.37E+11 2.30E+14 2.42E+01 3.23E+01 

W22-S01 6.72E+08 8.10E-01 3.53E+11 1.20E+14 2.38E+01 3.20E+01 

W22-S02 9.44E+08 1.13E+00 3.32E+11 2.79E+14 2.42E+01 3.21E+01 

W22-S04 8.42E+07 1.44E+00 5.50E+11 6.56E+13 2.45E+01 3.10E+01 

W22-S05 1.30E+09 9.51E-01 6.30E+11 6.96E+14 2.40E+01 3.36E+01 

W24-S01 3.88E+08 1.21E+00 1.70E+11 9.47E+13 2.45E+01 2.92E+01 

W24-S02 5.04E+08 1.17E+00 2.01E+11 1.48E+14 2.44E+01 3.05E+01 

W24-S03 2.24E+08 1.08E+00 2.08E+11 1.71E+14 2.42E+01 3.11E+01 

W24-S04 5.20E+08 9.73E-01 2.02E+11 1.45E+14 2.41E+01 3.15E+01 

W24-S05 4.70E+08 1.08E+00 3.61E+11 1.36E+14 2.42E+01 3.19E+01 

W25-S01 3.32E+07 8.33E-01 6.94E+10 8.05E+13 2.39E+01 2.90E+01 

W25-S02 6.59E+07 1.26E+00 2.81E+11 1.56E+14 2.44E+01 3.10E+01 

W25-S03 9.79E+07 1.17E+00 2.16E+11 8.42E+13 2.42E+01 3.05E+01 

W25-S04 3.81E+08 1.09E+00 3.09E+11 2.65E+14 2.41E+01 3.21E+01 

W26-S02 1.42E+08 1.13E+00 2.02E+11 7.84E+13 2.42E+01 3.04E+01 

W27-S01 1.24E+08 1.03E+00 2.72E+11 1.00E+14 2.40E+01 3.15E+01 

W27-S03 4.13E+06 9.60E-01 6.10E+10 3.72E+11 2.42E+01 2.60E+01 

W27-S04 4.61E+07 1.04E+00 9.43E+10 2.04E+13 2.42E+01 2.86E+01 

W27-S05 1.69E+07 8.34E-01 4.72E+10 7.02E+11 2.40E+01 2.58E+01 

W27-S06 7.94E+06 9.29E-01 5.90E+10 4.69E+11 2.42E+01 2.60E+01 

W28-S02 2.94E+07 1.21E+00 1.86E+11 1.06E+13 2.42E+01 2.93E+01 

W28-S04 2.49E+08 1.26E+00 4.69E+11 1.18E+14 2.47E+01 3.14E+01 

W28-S05 3.52E+07 7.92E-01 4.80E+10 9.77E+12 2.39E+01 2.70E+01 

W29-S01 1.79E+08 9.91E-01 1.02E+11 3.29E+13 2.41E+01 2.94E+01 

W29-S02 2.35E+08 7.78E-01 7.06E+10 7.81E+13 2.38E+01 2.97E+01 

W30-S01 1.77E+07 6.63E-01 3.42E+10 6.72E+11 2.39E+01 2.53E+01 

W30-S03 4.44E+08 8.49E-01 2.09E+11 3.96E+14 2.40E+01 3.26E+01 

W30-S04 8.23E+07 1.47E+00 4.47E+11 6.93E+13 2.48E+01 3.05E+01 

W30-S05 2.27E+08 1.15E+00 2.14E+11 6.33E+13 2.42E+01 3.04E+01 

W30-S07 1.85E+08 1.14E+00 1.87E+11 9.95E+13 2.42E+01 3.02E+01 

W30-S08 3.21E+08 1.02E+00 1.39E+11 1.89E+14 2.42E+01 3.05E+01 

W31-S01 2.90E+08 1.04E+00 2.56E+11 1.05E+14 2.41E+01 3.14E+01 

W31-S03 2.07E+08 1.40E+00 6.86E+11 1.58E+14 2.44E+01 3.19E+01 

 



Sample VoxelFace 

Area_Log 

_Max 

VoxelFace 

Area_Log 

_Median 

VoxelFace 

Area_Max 

VoxelFace 

Area_Median 

 
n voxel n voxel n voxel n voxel 

W02-S01 3.36E+01 2.54E+01 3.90E+14 1.05E+11 

W02-S03 3.09E+01 2.55E+01 2.57E+13 1.20E+11 

W02-S04 2.97E+01 2.52E+01 8.05E+12 8.50E+10 

W02-S05 3.01E+01 2.50E+01 1.22E+13 7.50E+10 

W03-S01 3.34E+01 2.56E+01 3.11E+14 1.30E+11 

W03-S02 3.13E+01 2.57E+01 3.82E+13 1.40E+11 

W03-S03 3.20E+01 2.56E+01 7.81E+13 1.25E+11 

W03-S06 3.21E+01 2.53E+01 8.93E+13 9.50E+10 

W03-S09 3.38E+01 2.55E+01 4.99E+14 1.20E+11 

W03-S10 3.16E+01 2.56E+01 5.34E+13 1.35E+11 

W06-S02 3.51E+01 2.56E+01 1.83E+15 1.35E+11 

W06-S03 3.52E+01 2.56E+01 1.98E+15 1.35E+11 

W07-S01 3.44E+01 2.56E+01 9.08E+14 1.35E+11 

W07-S02 3.39E+01 2.58E+01 5.40E+14 1.55E+11 

W07-S04 3.43E+01 2.61E+01 7.65E+14 2.20E+11 

W08-S01 3.19E+01 2.59E+01 7.29E+13 1.70E+11 

W08-S03 3.49E+01 2.57E+01 1.46E+15 1.47E+11 

W08-S04 3.06E+01 2.59E+01 1.90E+13 1.85E+11 

W09-S01 3.39E+01 2.59E+01 5.23E+14 1.75E+11 

W09-S02 3.36E+01 2.59E+01 3.77E+14 1.70E+11 

W09-S03 3.23E+01 2.58E+01 1.05E+14 1.60E+11 

W09-S04 3.35E+01 2.56E+01 3.55E+14 1.35E+11 

W09-S05 3.49E+01 2.56E+01 1.39E+15 1.35E+11 

W10-S06 3.42E+01 2.54E+01 6.87E+14 1.10E+11 

W10-S07 3.24E+01 2.55E+01 1.18E+14 1.15E+11 

W11-S03 3.23E+01 2.56E+01 1.02E+14 1.30E+11 

W11-S04 3.43E+01 2.54E+01 8.01E+14 1.10E+11 

W14-S01 3.39E+01 2.55E+01 5.33E+14 1.20E+11 

W14-S02 3.52E+01 2.53E+01 1.88E+15 1.00E+11 

W14-S04 3.43E+01 2.54E+01 7.99E+14 1.10E+11 

W14-S05 3.40E+01 2.55E+01 5.58E+14 1.15E+11 

W14-S06 3.40E+01 2.55E+01 6.00E+14 1.20E+11 

W14-S07 3.50E+01 2.53E+01 1.51E+15 1.00E+11 

W14-S09 3.25E+01 2.56E+01 1.24E+14 1.35E+11 

W14-S10 3.42E+01 2.53E+01 7.03E+14 1.00E+11 

W14-S12 3.36E+01 2.54E+01 3.76E+14 1.10E+11 

W15-S02 3.39E+01 2.54E+01 5.42E+14 1.05E+11 

W15-S03 3.17E+01 2.54E+01 5.88E+13 1.05E+11 

W15-S05 3.26E+01 2.53E+01 1.45E+14 1.00E+11 

W15-S06 3.42E+01 2.54E+01 7.29E+14 1.10E+11 

W15-S07 3.38E+01 2.54E+01 5.00E+14 1.05E+11 



Sample VoxelFace 

Area_Log 

_Max 

VoxelFace 

Area_Log 

_Median 

VoxelFace 

Area_Max 

VoxelFace 

Area_Median 

W15-S08 3.44E+01 2.54E+01 8.91E+14 1.05E+11 

W15-S09 3.36E+01 2.53E+01 3.98E+14 1.00E+11 

W15-S12 3.45E+01 2.56E+01 1.01E+15 1.30E+11 

W15-S14 3.30E+01 2.53E+01 2.14E+14 1.00E+11 

W16-S01 3.26E+01 2.53E+01 1.46E+14 1.00E+11 

W16-S03 3.33E+01 2.55E+01 3.03E+14 1.15E+11 

W16-S05 3.43E+01 2.53E+01 8.00E+14 1.00E+11 

W16-S06 3.41E+01 2.53E+01 6.78E+14 9.50E+10 

W17-S01 3.50E+01 2.54E+01 1.63E+15 1.10E+11 

W17-S03 3.47E+01 2.55E+01 1.17E+15 1.20E+11 

W17-S04 3.36E+01 2.56E+01 4.11E+14 1.25E+11 

W17-S05 3.47E+01 2.55E+01 1.22E+15 1.20E+11 

W18-S01 3.38E+01 2.56E+01 4.79E+14 1.25E+11 

W18-S02 3.38E+01 2.54E+01 4.74E+14 1.10E+11 

W18-S03 3.44E+01 2.55E+01 8.82E+14 1.15E+11 

W18-S04 3.48E+01 2.54E+01 1.28E+15 1.05E+11 

W18-S05 3.23E+01 2.52E+01 1.09E+14 9.00E+10 

W18-S06 3.40E+01 2.55E+01 5.71E+14 1.15E+11 

W19-S01 3.57E+01 2.60E+01 3.14E+15 2.05E+11 

W19-S02 3.57E+01 2.55E+01 3.26E+15 1.15E+11 

W19-S03 3.28E+01 2.52E+01 1.74E+14 8.50E+10 

W19-S04 3.38E+01 2.53E+01 4.76E+14 9.50E+10 

W19-S05 3.61E+01 2.54E+01 4.99E+15 1.10E+11 

W19-S06 3.09E+01 2.54E+01 2.76E+13 1.10E+11 

W20-S01 3.37E+01 2.53E+01 4.45E+14 9.50E+10 

W20-S02 3.69E+01 2.53E+01 1.06E+16 9.50E+10 

W20-S03 3.36E+01 2.54E+01 3.84E+14 1.05E+11 

W20-S04 3.05E+01 2.52E+01 1.77E+13 9.00E+10 

W20-S05 3.42E+01 2.54E+01 7.21E+14 1.10E+11 

W20-S06 2.88E+01 2.50E+01 3.35E+12 7.00E+10 

W21-S01 3.42E+01 2.53E+01 6.91E+14 1.00E+11 

W21-S02 3.41E+01 2.54E+01 6.33E+14 1.05E+11 

W21-S03 3.41E+01 2.54E+01 6.63E+14 1.05E+11 

W21-S04 3.48E+01 2.54E+01 1.33E+15 1.10E+11 

W21-S05 3.44E+01 2.54E+01 8.51E+14 1.05E+11 

W21-S06 3.41E+01 2.55E+01 6.59E+14 1.15E+11 

W21-S07 3.43E+01 2.55E+01 7.59E+14 1.20E+11 

W21-S08 3.47E+01 2.53E+01 1.23E+15 1.00E+11 

W22-S01 3.41E+01 2.52E+01 6.67E+14 8.50E+10 

W22-S02 3.47E+01 2.55E+01 1.20E+15 1.20E+11 

W22-S04 3.32E+01 2.57E+01 2.75E+14 1.45E+11 

W22-S05 3.55E+01 2.53E+01 2.67E+15 1.00E+11 



Sample VoxelFace 

Area_Log 

_Max 

VoxelFace 

Area_Log 

_Median 

VoxelFace 

Area_Max 

VoxelFace 

Area_Median 

W24-S01 3.51E+01 2.56E+01 1.84E+15 1.25E+11 

W24-S02 3.48E+01 2.55E+01 1.29E+15 1.15E+11 

W24-S03 3.42E+01 2.54E+01 7.25E+14 1.10E+11 

W24-S04 3.42E+01 2.53E+01 7.45E+14 9.50E+10 

W24-S05 3.44E+01 2.53E+01 8.56E+14 1.00E+11 

W25-S01 3.38E+01 2.52E+01 4.76E+14 9.00E+10 

W25-S02 3.42E+01 2.56E+01 7.22E+14 1.30E+11 

W25-S03 3.37E+01 2.55E+01 4.43E+14 1.20E+11 

W25-S04 3.46E+01 2.55E+01 1.11E+15 1.15E+11 

W26-S02 3.40E+01 2.54E+01 5.71E+14 1.10E+11 

W27-S01 3.39E+01 2.54E+01 5.05E+14 1.10E+11 

W27-S03 2.98E+01 2.54E+01 8.56E+12 1.05E+11 

W27-S04 3.25E+01 2.54E+01 1.31E+14 1.10E+11 

W27-S05 3.17E+01 2.52E+01 5.95E+13 9.00E+10 

W27-S06 3.04E+01 2.53E+01 1.53E+13 1.00E+11 

W28-S02 3.18E+01 2.56E+01 6.31E+13 1.35E+11 

W28-S04 3.41E+01 2.55E+01 6.74E+14 1.20E+11 

W28-S05 3.28E+01 2.53E+01 1.77E+14 9.50E+10 

W29-S01 3.34E+01 2.54E+01 3.24E+14 1.05E+11 

W29-S02 3.45E+01 2.52E+01 9.20E+14 9.00E+10 

W30-S01 3.12E+01 2.50E+01 3.68E+13 7.50E+10 

W30-S03 3.50E+01 2.52E+01 1.51E+15 9.00E+10 

W30-S04 3.40E+01 2.58E+01 5.96E+14 1.55E+11 

W30-S05 3.40E+01 2.55E+01 6.01E+14 1.15E+11 

W30-S07 3.44E+01 2.56E+01 9.14E+14 1.25E+11 

W30-S08 3.48E+01 2.54E+01 1.33E+15 1.05E+11 

W31-S01 3.36E+01 2.53E+01 4.03E+14 1.00E+11 

W31-S03 3.47E+01 2.57E+01 1.23E+15 1.40E+11 

 

Sample VoxelFaceArea_Std Sor k phi Swi rho 
  

% mD % % g/cm³ 

W02-S01 3.52E+12 26.80 109.00 19.40 18.90 2.73 

W02-S03 5.18E+11 20.10 247.00 22.30 15.60 2.71 

W02-S04 8.37E+10 15.40 18.50 18.60 21.20 2.73 

W02-S05 6.63E+10 17.20 21.70 20.00 15.50 2.72 

W03-S01 8.20E+12 31.60 99.30 16.20 18.50 2.69 

W03-S02 5.57E+11 20.70 5.93 16.70 22.00 2.72 

W03-S03 8.39E+11 27.50 23.40 16.20 27.79 2.75 

W03-S06 2.68E+11 21.10 6.20 18.80 24.00 2.71 

W03-S09 2.76E+12 22.14 62.40 19.10 17.71 2.71 

W03-S10 6.15E+11 16.10 4.52 13.50 23.30 2.73 

W06-S02 5.46E+12 25.10 19.10 17.00 19.30 2.74 



Sample VoxelFaceArea_Std Sor k phi Swi rho 
  

% mD % % g/cm³ 

W06-S03 4.08E+12 22.90 63.70 18.70 18.90 2.75 

W07-S01 9.09E+12 39.50 1.84 10.30 17.20 2.68 

W07-S02 1.26E+13 44.00 12.70 14.00 18.40 2.71 

W07-S04 1.39E+13 44.80 173.00 14.00 22.50 2.72 

W08-S01 3.47E+11 26.70 20.10 16.40 25.30 2.72 

W08-S03 1.56E+13 41.90 522.00 15.80 18.00 2.70 

W08-S04 4.72E+11 24.70 6.26 13.40 23.40 2.74 

W09-S01 2.58E+12 41.20 530.00 24.60 24.30 2.72 

W09-S02 8.45E+12 57.20 2293.00 25.70 12.80 2.73 

W09-S03 6.73E+11 31.30 62.70 18.00 22.00 2.72 

W09-S04 4.24E+12 44.20 22.20 19.70 22.30 2.75 

W09-S05 1.21E+13 55.80 951.00 16.60 16.20 2.70 

W10-S06 6.98E+12 33.80 178.00 12.80 28.70 2.73 

W10-S07 7.02E+11 18.70 25.40 15.40 30.40 2.73 

W11-S03 7.54E+11 30.20 65.30 11.10 34.00 2.69 

W11-S04 4.44E+12 21.60 40.70 8.60 31.40 2.70 

W14-S01 3.81E+12 21.70 86.20 12.50 28.20 2.71 

W14-S02 5.91E+12 33.00 98.50 19.20 32.60 2.73 

W14-S04 9.14E+12 32.00 1866.00 18.80 18.10 2.71 

W14-S05 8.52E+12 31.50 512.00 11.80 25.80 2.70 

W14-S06 3.20E+12 28.70 40.50 12.20 23.70 2.72 

W14-S07 3.54E+12 21.90 158.00 13.60 29.40 2.73 

W14-S09 5.83E+11 16.90 24.00 14.60 36.30 2.73 

W14-S10 6.23E+12 20.30 327.00 11.60 20.70 2.74 

W14-S12 3.18E+12 26.20 104.00 15.30 33.60 2.71 

W15-S02 5.29E+12 23.50 640.00 17.80 24.50 2.74 

W15-S03 5.75E+11 19.70 17.40 16.40 26.70 2.74 

W15-S05 1.23E+12 25.00 77.00 21.30 22.00 2.67 

W15-S06 5.11E+12 45.80 389.00 18.20 21.50 2.73 

W15-S07 7.15E+12 34.50 7893.00 23.70 20.50 2.68 

W15-S08 8.29E+12 39.00 380.00 24.60 9.80 2.68 

W15-S09 4.31E+12 54.00 590.00 20.70 9.30 2.68 

W15-S12 7.60E+12 38.20 4714.00 23.00 10.10 2.69 

W15-S14 5.44E+11 24.60 5.83 17.30 17.60 2.68 

W16-S01 3.38E+11 14.28 51.00 19.57 18.44 2.73 

W16-S03 1.97E+12 33.49 96.20 19.20 20.37 2.73 

W16-S05 7.56E+12 29.84 861.00 17.72 13.89 2.71 

W16-S06 6.64E+12 34.13 265.00 17.94 19.30 2.72 

W17-S01 1.34E+13 29.00 103.33 17.90 17.90 2.69 

W17-S03 5.90E+12 30.80 25.60 15.60 25.70 2.73 

W17-S04 7.39E+12 30.00 915.14 13.60 19.40 2.69 

W17-S05 1.06E+13 31.50 131.97 14.90 18.10 2.68 

W18-S01 5.27E+12 32.30 85.70 16.30 23.90 2.72 



Sample VoxelFaceArea_Std Sor k phi Swi rho 
  

% mD % % g/cm³ 

W18-S02 3.64E+12 25.40 4.02 14.00 30.00 2.76 

W18-S03 8.36E+12 23.20 1157.00 14.50 29.80 2.74 

W18-S04 6.95E+12 23.60 34.60 9.70 39.50 2.73 

W18-S05 4.28E+11 17.40 1.94 9.30 31.30 2.77 

W18-S06 6.09E+12 23.90 135.00 6.80 32.80 2.74 

W19-S01 1.76E+13 31.50 251.00 19.60 15.10 2.72 

W19-S02 1.67E+13 15.00 568.00 22.10 12.10 2.75 

W19-S03 3.41E+11 22.00 48.70 21.40 25.70 2.79 

W19-S04 6.52E+11 21.30 25.50 20.00 24.70 2.72 

W19-S05 1.04E+13 18.60 427.00 22.60 13.20 2.71 

W19-S06 2.41E+11 12.10 69.80 22.60 20.90 2.72 

W20-S01 6.32E+11 15.70 3.52 14.10 21.80 2.73 

W20-S02 1.41E+13 25.50 50.20 16.60 20.60 2.71 

W20-S03 1.63E+12 20.20 3.06 14.30 26.40 2.72 

W20-S04 1.53E+11 17.00 3.15 13.60 25.80 2.73 

W20-S05 5.27E+12 37.20 193.00 20.90 15.30 2.71 

W20-S06 7.06E+10 18.30 12.50 19.50 19.90 2.73 

W21-S01 6.88E+12 20.40 143.00 12.70 27.30 2.68 

W21-S02 3.02E+12 23.20 9.89 17.60 23.00 2.73 

W21-S03 7.63E+12 40.90 848.00 17.10 20.20 2.70 

W21-S04 9.68E+12 41.80 440.00 18.80 16.40 2.69 

W21-S05 8.72E+12 41.30 1853.00 19.50 20.60 2.69 

W21-S06 9.11E+12 37.80 2709.00 15.60 16.60 2.69 

W21-S07 4.07E+12 32.70 89.30 13.80 21.70 2.68 

W21-S08 9.54E+12 29.40 387.00 18.50 22.90 2.70 

W22-S01 6.28E+12 42.20 2126.00 12.50 20.00 2.67 

W22-S02 9.05E+12 23.50 254.00 15.60 23.30 2.68 

W22-S04 5.61E+12 35.00 408.00 20.00 24.50 2.71 

W22-S05 2.05E+13 24.10 1109.00 18.70 23.30 2.70 

W24-S01 3.12E+12 24.40 7.89 14.40 32.00 2.70 

W24-S02 4.74E+12 24.20 14.40 16.10 24.20 2.74 

W24-S03 5.43E+12 19.40 6.69 16.30 27.90 2.72 

W24-S04 4.86E+12 27.20 14.00 16.50 24.80 2.71 

W24-S05 6.47E+12 26.90 150.00 18.10 29.20 2.67 

W25-S01 1.85E+12 18.30 3.50 9.00 36.80 2.73 

W25-S02 5.83E+12 20.30 84.10 8.90 25.50 2.76 

W25-S03 3.70E+12 19.70 90.90 12.50 26.20 2.71 

W25-S04 8.49E+12 19.50 379.00 12.00 27.50 2.74 

W26-S02 3.48E+12 22.64 53.00 9.10 32.02 2.73 

W27-S01 4.68E+12 19.60 1389.00 15.40 29.30 2.67 

W27-S03 1.11E+11 13.70 1.85 14.56 21.20 2.77 

W27-S04 9.13E+11 11.70 4.32 14.70 30.70 2.71 

W27-S05 1.23E+11 16.90 26.20 14.22 32.10 2.70 



Sample VoxelFaceArea_Std Sor k phi Swi rho 
  

% mD % % g/cm³ 

W27-S06 1.26E+11 24.70 322.00 16.30 28.40 2.70 

W28-S02 1.15E+12 20.27 1.63 10.60 28.33 2.72 

W28-S04 6.52E+12 38.86 145.00 15.90 17.54 2.70 

W28-S05 4.71E+11 13.32 1.48 15.20 23.59 2.72 

W29-S01 1.32E+12 19.60 14.70 12.90 23.60 2.72 

W29-S02 1.85E+12 14.80 8.47 13.60 29.40 2.72 

W30-S01 1.07E+11 15.40 455.00 32.50 30.70 2.80 

W30-S03 8.26E+12 30.00 259.00 12.70 29.40 2.74 

W30-S04 4.77E+12 26.30 18.40 12.60 29.50 2.72 

W30-S05 3.32E+12 25.60 204.00 17.60 23.50 2.70 

W30-S07 3.87E+12 13.70 459.00 16.70 26.90 2.72 

W30-S08 4.38E+12 28.00 43.60 15.30 27.20 2.73 

W31-S01 4.67E+12 31.20 360.00 13.00 21.40 2.71 

W31-S03 8.84E+12 29.20 237.00 10.00 22.10 2.70 



 

 

 

 

 

 

 

 

 

 

APPENDIX B 3 Petrographic Descriptions 3 In-situ rocks- Article 2. 

 



 

Constituent (%) W01-

S04 

W01-

S02 

W01-

S01 

W02-

S05 

W19-

S03 

W21-

S08 

W21-

S07 

W21-

S06 

W21-

S05 

W13-

S02 

W24-

S04 

W14-

S10 

Primary Ostracod 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.3 0.0 

Syngenetic Mg-clay 0.0 0.0 0.0 0.0 0.0 0.0 2.3 0.3 0.0 0.0 1.0 0.0 

Calcite shrub 53.7 81.0 77.3 0.0 0.0 40.3 50.0 70.0 68.3 70.3 23.0 47.0 

Diagenetic Calcite spherulite 7.3 1.0 0.7 57.3 9.3 20.3 24.0 13.7 5.0 1.0 22.3 3.0 

Silica replacing calcite shrubs 11.0 1.7 1.0 0.0 0.0 1.3 1.0 0.0 0.0 1.0 0.3 1.7 

Silica replacing spherulites 0.0 0.0 0.0 0.0 0.0 1.0 0.7 0.0 0.0 0.7 2.0 0.0 

Silica replacing Mg-clays + filling matrix 

dissolution porosity 

0.0 0.3 2.0 0.0 0.0 1.0 0.0 0.0 0.0 0.0 1.0 3.0 

Silica growth-framework pores filling 0.3 0.3 0.0 0.0 0.0 0.0 0.0 0.3 0.0 1.3 0.0 0.0 

Dolomite replacing calcite shrubs 10.0 1.0 7.0 0.0 0.0 3.7 1.3 0.3 8.0 3.7 3.0 19.3 

Dolomite replacing calcite spherulites 1.3 0.0 0.0 1.0 0.0 1.3 0.7 0.0 0.0 0.0 15.0 1.0 

Dolomite replacing Mg-clays + filling matrix 

dissolution porosity 

0.0 1.3 4.3 21.3 76.0 11.3 5.0 1.3 5.0 0.0 12.7 19.3 

Dolomite growth-framework pores filling 7.0 0.3 0.3 0.0 0.0 0.0 0.0 1.3 0.0 11.3 0.0 0.0 

Dolomite replacing undifferentiated primary 

constituent 

0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 4.7 0.0 

Calcite replacing Mg-clays + filling matrix 

dissolution porosity 

0.0 0.0 0.0 0.0 0.0 0.0 0.3 0.0 0.0 0.0 0.0 0.0 

Calcite growth-framework pores filling 5.3 0.0 0.3 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Other diagenetic constituents 0.0 3.3 0.0 0.7 1.0 0.0 0.3 0.0 0.3 0.0 0.3 0.0 

Porosity Matrix dissolution porosity 0.0 4.7 4.0 18.0 13.3 9.7 6.7 0.3 5.0 0.0 6.0 4.3 

Intra-aggregate porosity 0.0 0.3 0.0 1.7 0.3 7.7 3.0 1.3 3.0 0.0 4.7 0.0 

Growth-framework porosity 4.0 4.7 3.0 0.0 0.0 2.3 3.7 11.0 3.7 10.7 0.0 1.3 

Other porosity (Vugs, fractures, channels, molds, 

and breccia) 

0.0 0.0 0.0 0.0 0.0 0.0 1.0 0.0 1.7 0.0 3.7 0.0 



 
Constituent (%) W14-

S07 

W14-

S12 

W14-

S05 

W14-

S04 

W14-

S03 

W14-

S02 

W14-

S01 

W15-

S14 

W15-

S06 

W15-

S05 

W15-

S01 

W03-

S09 

Primary Ostracod 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Syngenetic Mg-clay 0.0 0.0 0.0 0.0 0.0 0.0 0.0 8.0 0.0 0.0 0.0 3.0 

Calcite shrub 46.0 53.7 60.0 68.7 69.3 47.0 3.0 0.0 45.7 4.0 31.3 0.3 

Diagenetic Calcite spherulite 13.3 13.3 10.0 8.0 8.3 12.0 75.0 62.3 26.7 43.0 24.3 64.3 

Silica replacing calcite shrubs 0.7 1.0 4.7 1.7 4.0 0.0 0.0 0.0 1.0 0.0 5.3 0.0 

Silica replacing spherulites 0.3 0.0 0.7 0.0 0.0 0.0 0.7 0.0 0.0 11.0 1.0 0.0 

Silica replacing Mg-clays + filling matrix 

dissolution porosity 

0.0 0.0 3.0 0.3 3.3 0.0 0.0 2.3 0.0 1.3 0.3 0.3 

Silica growth-framework pores filling 0.0 0.0 0.0 0.3 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Dolomite replacing calcite shrubs 2.3 4.0 1.3 2.3 0.0 6.3 0.0 0.0 4.3 0.0 0.3 0.0 

Dolomite replacing calcite spherulites 0.7 1.0 0.3 0.7 0.3 5.7 3.3 2.7 1.7 0.3 1.3 5.0 

Dolomite replacing Mg-clays + filling matrix 

dissolution porosity 

25.0 19.0 10.7 3.7 3.0 14.0 9.0 12.3 6.0 32.3 15.3 15.7 

Dolomite growth-framework pores filling 0.0 0.0 0.7 1.7 0.0 2.3 0.0 0.0 1.7 0.0 0.0 0.0 

Dolomite replacing undifferentiated primary 

constituent 

0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Calcite replacing Mg-clays + filling matrix 

dissolution porosity 

0.0 0.0 0.0 0.0 5.3 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Calcite growth-framework pores filling 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Other diagenetic constituents 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.3 0.0 0.0 0.0 0.0 

Porosity Matrix dissolution porosity 6.3 5.7 6.0 4.0 3.3 5.7 8.0 2.0 4.7 4.3 11.7 9.7 

Intra-aggregate porosity 4.3 1.7 1.3 3.0 2.3 6.3 1.0 10.0 3.7 3.7 3.7 1.3 

Growth-framework porosity 0.3 0.0 1.3 4.3 0.7 0.7 0.0 0.0 3.7 0.0 0.0 0.0 

Other porosity (Vugs, fractures, channels, molds, 

and breccia) 

0.7 0.7 0.0 1.3 0.0 0.0 0.0 0.0 1.0 0.0 5.3 0.3 

 

 



 

Constituent (%) W03-

S08 

W03-

S07 

W03-

S02 

W03-

S01 

W06-

S02 

W07-

S02 

W08-

S04 

W09-

S05 

W16-

S06 

W16-

S05 

W10-

S03 

W10-

S02 

Primary Ostracod 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Syngenetic Mg-clay 0.0 0.0 1.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Calcite shrub 45.3 0.0 2.0 56.4 1.3 68.0 0.0 26.3 76.7 53.7 62.7 59.7 

Diagenetic Calcite spherulite 20.0 64.0 57.7 24.0 52.7 0.0 49.3 15.3 0.0 6.3 8.3 15.0 

Silica replacing calcite shrubs 0.0 0.0 0.0 0.0 0.0 1.0 0.0 0.0 1.7 2.0 2.7 0.3 

Silica replacing spherulites 0.0 0.0 0.7 0.0 0.0 0.0 0.0 0.0 0.0 0.3 0.3 0.0 

Silica replacing Mg-clays + filling matrix dissolution 

porosity 

0.0 0.0 0.0 0.3 0.0 0.0 0.0 6.0 0.0 0.0 10.7 0.0 

Silica growth-framework pores filling 0.0 0.0 0.0 0.0 0.0 11.0 0.0 0.0 0.0 0.0 0.0 0.0 

Dolomite replacing calcite shrubs 0.0 0.0 0.0 1.7 0.0 3.3 0.0 0.3 1.7 4.3 0.3 0.0 

Dolomite replacing calcite spherulites 0.0 0.0 0.7 0.0 3.3 0.0 7.0 22.0 0.0 1.7 0.0 0.0 

Dolomite replacing Mg-clays + filling matrix 

dissolution porosity 

12.7 15.7 28.0 3.8 31.7 0.0 35.3 18.0 5.3 16.0 6.0 12.3 

Dolomite growth-framework pores filling 0.0 0.0 0.0 0.0 0.0 0.0 0.0 1.0 0.3 0.3 0.0 0.7 

Dolomite replacing undifferentiated primary 

constituent 

0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Calcite replacing Mg-clays + filling matrix 

dissolution porosity 

0.0 0.0 0.0 0.3 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Calcite growth-framework pores filling 0.7 0.0 0.0 1.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Other diagenetic constituents 0.0 2.0 0.7 0.7 0.7 10.0 0.3 0.0 0.0 0.0 0.0 0.3 

Porosity Matrix dissolution porosity 15.7 9.7 5.3 8.6 10.3 0.0 6.3 7.7 3.3 11.0 9.0 7.3 

Intra-aggregate porosity 4.3 8.7 4.0 0.7 0.0 0.0 1.7 1.0 4.0 2.3 0.0 0.7 

Growth-framework porosity 1.3 0.0 0.0 2.1 0.0 6.7 0.0 2.3 4.7 0.3 0.0 3.3 

Other porosity (Vugs, fractures, channels, molds, 

and breccia) 

0.0 0.0 0.0 0.3 0.0 0.0 0.0 0.0 2.3 1.7 0.0 0.3 



 

 

 

 

 

 

 

 

 

 

 

APPENDIX C - Petrographic Descriptions 3 Intraclastic rocks- Article 2.



 
 

Constituents (%) W01-

S03 

W02-

S04 

W19-

S06 

W19-

S05 

W19-

S02 

W19-

S01 

W22-

S05 

W22-

S04 

Primary Calcite intraclasts 77.7 61.7 25.7 20.0 4.3 9.0 83.0 70.3 

Mg-clay ooids 0.0 0.0 0.0 53.0 53.0 57.7 1.3 0.0 

Mg-clay peloids 0.0 3.3 44.0 0.0 0.0 0.0 0.0 0.0 

Mg-clay matrix 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Calcite intraclasts 0.0 0.0 14.0 0.0 0.0 0.0 0.0 0.0 

Diagenetic Intraparticle calcite 0.3 2.7 44.0 0.3 0.0 0.0 0.0 0.0 

Interparticle calcite 0.0 1.3 0.7 1.3 0.0 0.7 0.0 0.0 

Intraparticle dolomite 2.0 14.3 0.0 1.0 22.0 14.7 0.0 4.7 

Interparticle dolomite 2.7 6.0 0.0 0.3 2.3 2.3 0.3 12.3 

Pore linning dolomite 0.7 0.0 0.0 0.0 0.0 0.0 0.0 6.0 

Pore filling dolomite 2.0 6.0 0.0 0.3 2.3 2.3 0.3 6.3 

Matrix replacive dolomite 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Intraparticle silica 1.3 0.0 0.3 1.7 0.3 0.3 0.0 0.3 

Interparticle silica 0.0 0.0 0.0 0.0 0.3 0.0 0.0 0.0 

Others (clay minerals, bitumen, pyrite, undifferenced) 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Porosity Interparticle 12.3 9.7 13.3 7.3 15.7 11.7 13.7 10.3 

Intraparticle 1.7 4.3 2.0 8.7 1.7 3.7 1.7 2.0 

Others (vug, channel, mold) 2.0 0.0 0.0 0.3 0.3 0.0 0.0 0.0 

Total 16.0 14.0 15.3 16.3 17.7 15.3 15.3 12.3  

Packing 45 52 54 52 65 60 57 29 

 

 



 

Constituents (%) W22-

S01 

W13-

S01 

W24-

S03 

W24-

S02 

W27-

S06 

W27-

S05 

W27-

S04 

W27-

S03 

Primary Calcite intraclasts 6.7 78.0 31.0 36.3 74.7 66.7 28.7 0.0 

Mg-clay ooids 75.7 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Mg-clay peloids 0.0 0.0 0.0 0.0 0.0 0.0 54.3 54.7 

Mg-clay matrix 0.0 0.0 0.0 0.0 0.0 0.0 1.3 0.0 

Calcite intraclasts 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Diagenetic Intraparticle calcite 0.0 0.0 0.0 0.0 0.0 0.0 42.3 36.3 

Interparticle calcite 0.0 0.0 0.0 0.0 1.0 0.0 0.0 7.7 

Intraparticle dolomite 4.7 5.3 37.0 30.3 2.3 4.3 7.3 17.7 

Interparticle dolomite 0.7 1.3 21.7 23.7 4.7 13.3 7.7 23.0 

Pore linning dolomite 0.0 0.0 9.7 12.0 4.0 13.0 2.7 4.0 

Pore filling dolomite 0.7 1.3 12.0 11.7 0.7 0.3 5.0 19.0 

Matrix replacive dolomite 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Intraparticle silica 0.3 1.0 1.0 0.7 2.0 1.3 7.0 0.7 

Interparticle silica 1.3 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Others (clay minerals, bitumen, pyrite, undifferenced) 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Porosity Interparticle 10.7 10.0 5.0 5.3 12.0 10.3 3.3 2.7 

Intraparticle 0.0 4.3 4.3 3.3 3.3 4.0 3.3 10.7 

Others (vug, channel, mold) 0.0 0.0 0.0 0.3 0.0 0.0 0.3 1.3 

Total 10.7 14.3 9.3 9.0 15.3 14.3 7.0 14.7  

Packing 70 56 21 39 28 0 27 33 

 

 

 



 

Constituents (%) W14-

S09 

W14-

S06 

W15-

S13 

W15-

S12 

W15-

S04 

W15-

S03 

W15-

S02 

W06-

S03 

Primary Calcite intraclasts 65.0 67.0 70.7 77.0 75.3 75.0 60.0 53.0 

Mg-clay ooids 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Mg-clay peloids 0.0 0.0 0.0 0.0 0.0 0.3 0.0 0.0 

Mg-clay matrix 0.0 2.0 0.3 0.0 0.0 0.0 0.0 0.0 

Calcite intraclasts 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Diagenetic Intraparticle calcite 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Interparticle calcite 0.0 0.0 1.0 2.7 0.0 0.0 0.0 1.0 

Intraparticle dolomite 5.3 6.0 4.7 0.0 3.0 1.3 12.3 11.7 

Interparticle dolomite 15.3 13.0 10.0 0.0 2.3 13.7 12.3 23.3 

Pore linning dolomite 11.3 4.3 0.0 0.0 0.0 0.0 8.3 0.0 

Pore filling dolomite 4.0 8.7 10.0 0.0 2.3 13.7 4.0 23.3 

Matrix replacive dolomite 0.0 1.3 0.0 0.0 0.0 0.0 0.0 0.0 

Intraparticle silica 0.3 0.3 0.3 0.0 2.7 0.3 2.7 0.0 

Interparticle silica 1.0 0.0 0.3 0.0 0.0 0.0 0.3 0.0 

Others (clay minerals, bitumen, pyrite, undifferenced) 0.0 0.3 0.7 0.0 2.0 0.3 0.0 0.0 

Porosity Interparticle 8.3 6.7 12.0 17.0 11.7 6.7 9.7 6.3 

Intraparticle 4.7 5.3 0.3 3.3 3.0 2.7 2.7 4.0 

Others (vug, channel, mold) 0.0 0.0 0.0 0.0 0.0 0.0 0.0 0.7 

Total 13.0 12.3 13.0 20.3 16.7 9.7 12.3 11.0  

Packing 34 14 3 32 60 55 45 37 

 

 

 



 

Constituents (%) W08-

S03 

W08-

S02 

W08-

S01 

W09-

S03 

W09-

S02 

W09-

S01 

W16-

S03 

W16-

S02 

Primary Calcite intraclasts 73.0 52.0 69.7 66.0 56.0 27.3 55.7 65.0 

Mg-clay ooids 0.0 0.0 0.0 0.0 0.0 27.3 0.0 0.0 

Mg-clay peloids 1.3 16.7 0.0 0.0 0.0 0.0 0.0 0.0 

Mg-clay matrix 0.0 7.0 0.0 0.0 0.0 0.0 4.3 0.0 

Calcite intraclasts 0.0 0.0 0.3 0.0 0.0 0.0 0.0 0.0 

Diagenetic Intraparticle calcite 1.3 16.3 0.0 0.0 0.0 0.0 0.0 0.0 

Interparticle calcite 1.7 3.3 2.7 0.3 0.0 4.0 0.0 0.0 

Intraparticle dolomite 4.0 1.0 16.7 2.3 5.3 5.7 8.0 9.3 

Interparticle dolomite 6.0 11.0 8.0 17.7 16.7 17.3 16.0 9.7 

Pore linning dolomite 0.0 0.0 1.7 1.7 12.3 0.0 0.0 2.7 

Pore filling dolomite 6.0 11.0 6.3 16.0 4.3 17.3 16.0 7.0 

Matrix replacive dolomite 0.0 7.0 0.0 0.0 0.0 0.0 4.3 0.0 

Intraparticle silica 1.7 0.3 0.3 0.0 0.0 0.0 1.0 2.3 

Interparticle silica 0.3 0.0 0.0 0.0 0.0 0.0 0.0 0.0 

Others (clay minerals, bitumen, pyrite, undifferenced) 0.0 0.0 0.0 0.3 0.0 0.0 0.0 0.0 

Porosity Interparticle 7.3 5.0 8.0 11.0 15.0 12.0 11.0 4.7 

Intraparticle 2.0 4.0 2.7 2.3 6.0 6.3 3.7 9.0 

Others (vug, channel, mold) 2.7 0.0 0.0 0.0 1.0 0.0 0.3 0.0 

Total 12.0 9.0 10.7 13.7 22.0 18.3 15.0 13.7  

Packing 46 60 49 42 31 34 21 36 

 

 

 



 

Constituents (%) W16-

S01 

W10-

S08 

W10-

S04 

W10-

S01 

Primary Calcite intraclasts 53.7 68.0 60.7 75.3 

Mg-clay ooids 0.0 0.0 0.0 0.0 

Mg-clay peloids 0.0 0.0 0.0 0.0 

Mg-clay matrix 0.0 0.0 17.3 0.0 

Calcite intraclasts 0.0 0.0 0.3 0.0 

Diagenetic Intraparticle calcite 0.0 0.0 0.0 0.0 

Interparticle calcite 1.7 0.3 0.3 0.0 

Intraparticle dolomite 17.7 8.3 15.3 7.7 

Interparticle dolomite 11.0 1.0 0.0 7.7 

Pore linning dolomite 0.0 0.0 0.0 0.0 

Pore filling dolomite 11.0 1.0 0.0 7.7 

Matrix replacive dolomite 0.0 0.0 3.0 0.0 

Intraparticle silica 0.0 5.7 3.0 1.3 

Interparticle silica 0.0 3.0 7.7 1.0 

Others (clay minerals, bitumen, pyrite, undifferenced) 0.0 0.3 0.7 0.0 

Porosity Interparticle 10.0 7.0 8.7 4.3 

Intraparticle 6.0 6.3 0.3 2.7 

Others (vug, channel, mold) 0.0 0.0 0.3 0.0 

Total 16.0 13.7 10.0 7.0  

Packing 30 54 83 60 

 



 

 

 

 

 

 

 

 

 

APPENDIX D - Compilation of In-Situ Rock Statistics Derived from 

Petrography and Laboratory Data (Pore Size, RCAL, and SCAL) - Article 

2. 



 

Sample Sor Phi k Swi Average 

Pore Area 

Modal 

Radius 

P50 Radius P10 

Radius 

P90 Radius Eq Pore Radius FAC 

 

% % mD % mm² µm µm µm µm mm 

 

W17-S01 29 17.9 88.2 17.9 0.0043 

    

0.037 Muddy Spherulstone 

W32-S01 36.6 11.9 5.9 34.2 0.0090 

    

0.054 

 

W10-S02 37.9 13 852 29.2 0.0312 9.69 5.33 32.71 0.46 0.100 Muddy Shrubstone 

W10-S03 34.5 13.8 788 20 0.0312 43.70 15.37 65.42 0.13 0.100 Muddy Shrubstone 

W10-S09 39.3 20 499.2 25.8 0.0004 9.69 4.44 32.71 0.49 0.011 Shrub-spherulstone 

W01-S01 38.8 9.3 587 20.1 0.0034 88.13 12.19 125.45 0.08 0.033 Shrubstone 

W01-S02 42 9.6 2519 19.7 0.0487 125.45 12.93 133.29 0.09 0.125 Shrubstone 

W01-S04 41.6 6.7 284 21.5 0.0275 62.00 5.06 118.48 0.06 0.094 Shrubstone 

W02-S05 17.2 20 21.7 15.5 0.0003 2.41 1.46 2.76 0.33 0.009 Muddy Spherulstone 

W03-S01 31.6 16.2 99.3 18.5 0.0046 3.95 1.32 8.20 0.12 0.038 Shrub-spherulstone 

W03-S02 20.7 16.7 5.93 22 0.0002 

    

0.007 Muddy Spherulstone 

W03-S07 20 13.5 11.4 26.9 0.0005 

    

0.012 Spherulstone 

W03-S08 46.5 20.3 143 18.1 0.0017 0.98 1.98 43.88 0.22 0.023 Muddy Shrubstone 

W03-S09 22.14 19.1 62.4 17.71 0.0008 

    

0.016 Spherulstone 

W11-S01 47.7 12 335 21.9 0.0012 16.33 4.25 24.57 0.37 0.020 Shrub-spherulstone 

W11-S04 21.6 8.6 40.7 31.4 0.0010 10.25 5.05 12.93 0.55 0.018 Shrubstone 

W18-S02 25.4 14 4.02 30 0.0012 1.01 0.59 1.45 0.07 0.020 Muddy Spherulstone 

W18-S03 23.2 14.5 1157 29.8 0.0131 53.05 18.35 83.96 0.59 0.064 Shrub-spherulstone 

W18-S04 23.6 9.7 34.6 39.5 0.0082 10.22 2.30 26.14 0.05 0.051 Shrubstone 

W18-S06 23.9 6.8 135 32.8 0.0069 37.15 5.70 46.98 0.08 0.047 Muddy Spherulstone 

W30-S02 7.8 11.6 836 30.9 0.0092 

    

0.054 

 



Sample Sor Phi k Swi Average 

Pore Area 

Modal 

Radius 

P50 Radius P10 

Radius 

P90 Radius Eq Pore Radius FAC 

 

% % mD % mm² µm µm µm µm mm 

 

W30-S04 26.3 12.6 18.4 29.5 0.0182 

    

0.076 Spherulstone 

W30-S06 33.6 16.5 87.8 39.9 0.0028 

    

0.030 Spherulstone 

W31-S01 31.2 13 360 21.4 0.0103 

    

0.057 Muddy Shrubstone 

W31-S04 46.6 9.7 30.1 18.8 0.0113 0.41 0.32 0.59 0.08 0.060 Shrubstone 

W25-S01 18.3 9 3.5 36.8 0.0009 0.41 0.41 1.86 0.07 0.017 Mg-Clay Mudstone 

W25-S03 19.7 12.5 90.9 26.2 0.0024 7.18 1.46 11.49 0.10 0.028 Muddy Spherulstone 

W25-S04 19.5 12 379 27.5 0.0161 46.77 20.63 65.82 0.07 0.072 Spherulstone 

W26-S01 16.25 9.9 52 24.87 0.0085 14.49 11.47 29.21 0.67 0.052 Shrub-spherulstone 

W26-S02 22.64 9.1 53 32.02 

 

7.19 6.40 16.28 0.52 

 

Shrubstone 

W16-S05 29.84 17.72 861 13.89 0.0051 

    

0.040 Muddy Shrubstone 

W16-S06 34.13 17.94 265 19.3 0.0067 26.14 9.09 53.05 0.66 0.046 Shrubstone 

W29-S02 14.8 13.6 8.47 29.4 0.0078 

    

0.050 Muddy Spherulstone 

W14-S01 21.7 12.5 86.2 28.2 0.0050 

    

0.040 Spherulstone 

W14-S02 33 19.2 98.5 32.6 0.0127 

    

0.064 Muddy Shrubstone 

W14-S03 23.9 13.1 677 22.3 0.0045 23.23 9.72 78.41 0.09 0.038 Shrubstone 

W14-S04 32 18.8 1866 18.1 0.0231 54.68 29.79 99.66 0.83 0.086 Shrubstone 

W14-S05 31.5 11.8 512 25.8 0.0145 38.22 23.23 48.91 0.11 0.068 Shrubstone 

W14-S07 21.9 13.6 158 29.4 0.0156 

    

0.070 Muddy Shrubstone 

W14-S10 20.3 11.6 327 20.7 0.0044 

    

0.037 Shrubstone 

W14-S12 26.2 15.3 104 33.6 0.0081 

    

0.051 Muddy Shrubstone 

W19-S03 22 21.4 48.7 25.7 0.0002 

    

0.008 Mg-Clay Mudstone 

W15-S01 38.1 20.4 1395 17.5 0.0214 

    

0.083 Shrub-spherulstone 



Sample Sor Phi k Swi Average 

Pore Area 

Modal 

Radius 

P50 Radius P10 

Radius 

P90 Radius Eq Pore Radius FAC 

 

% % mD % mm² µm µm µm µm mm 

 

W15-S07 34.5 23.7 7893 20.5 0.0175 

    

0.075 Shrub-spherulstone 

W15-S09 54 20.7 590 9.3 0.0077 

    

0.050 Muddy Shrubstone 

W22-S06 38.2 20.8 1273 17.9 0.0147 

    

0.068 Shrubstone 

W15-S05 25 21.3 77 22 0.0021 1.86 2.38 9.08 0.85 0.026 Muddy Spherulstone 

W15-S06 45.8 18.2 389 21.5 0.0196 2.09 1.44 4.50 0.14 0.079 Shrub-spherulstone 

W20-S03 20.2 14.3 6.03 26.4 0.0001 1.00 0.66 2.61 0.06 0.006 Spherulstone 

W20-S04 17 13.6 3.15 25.8 0.0051 1.64 0.66 1.85 0.11 0.040 Mg-Clay Mudstone 

W21-S03 40.9 17.1 848 20.2 

 

29.21 8.08 41.49 1.13 

 

Shrub-spherulstone 

W21-S04 41.8 18.8 440 16.4 0.0160 0.83 1.61 14.47 0.26 0.071 Shrub-spherulstone 

W21-S05 41.3 19.5 1853 20.6 0.0197 16.28 5.68 46.36 0.23 0.079 Shrubstone 

W21-S06 37.8 15.6 2709 16.6 0.0191 0.83 4.57 103.53 0.29 0.078 Shrubstone 

W15-S14 24.6 17.3 5.83 17.6 0.0004 

    

0.011 Spherulstone 

W21-S07 32.7 13.8 89.3 21.7 0.0061 8.08 2.70 41.33 0.18 0.044 Shrub-spherulstone 

W21-S08 29.4 18.5 387 22.9 0.0059 32.71 6.40 46.36 0.46 0.043 Shrub-spherulstone 

W06-S02 25.1 17 19.1 19.3 0.0007 

    

0.015 Muddy Spherulstone 

W24-S04 27.2 16.5 14 24.8 0.0191 

    

0.078 Shrub-spherulstone 

W07-S05 48.2 16.5 79.4 13.1 0.0268 

    

0.092 Shrubstone 

W07-S02 44 14 12.7 18.4 0.0148 

    

0.069 Shrubstone 

W07-S04 44.8 14 173 22.5 0.0038 

    

0.035 Shrubstone 

W08-S04 24.7 13.4 6.26 23.4 0.0007 4.58 3.10 6.40 1.45 0.015 Muddy Spherulstone 

W09-S04 44.2 19.7 22.2 22.3 0.0172 

    

0.074 Shrub-spherulstone 

W09-S05 55.8 16.6 951 16.2 0.0050 1.00 18.29 82.03 0.53 0.040 Muddy Spherulstone 



 

 

 

 

 

 

 

 

 

APPENDIX E - Compilation of Intraclastic Rock Statistics Derived from 

Petrography and Laboratory Data (Pore Size, RCAL, and SCAL) - Article 

2. 



Sample Sor k Phi Swi Particle size Sorting Average Pore 

Area 

Equivalent 

Pore Radius 

Modal 

Radius 

P50 

Radius 

P10 

Radius 

P90 

Radius 

FAC 

 

% mD % % mm adim mm mm µm µm µm µm 

 

W01-S03 37.9 1762 12 22.1 1.0209 0.4563 0.0106 0.0581 34.73 9.64 36.77 0.15 Rudstone 

W02-S04 15.4 18.5 18.6 21.2 0.1330 0.0521 0.0003 0.0096 1.98 1.00 2.57 0.23 Grainstone 

W02-S02 20.5 53 17.5 20.2 0.9624 0.4580 0.0026 0.0286 10.20 1.62 12.89 0.20 Grainstone 

W02-S01 26.8 109 19.4 18.9 0.7247 0.5070 0.0018 0.0242 12.89 3.53 14.49 0.32 Grainstone 

W02-S03 20.1 247 22.3 15.6 0.3398 0.1604 0.0026 0.0288 12.89 6.40 20.55 0.41 Grainstone 

W03-S06 21.1 6.2 18.8 24 0.2395 0.1390 0.0003 0.0099 

    

Grainstone 

W03-S05 22 10.3 21.3 24.2 0.1041 0.0421 0.0002 0.0072 3.95 1.32 8.20 0.12 Grainstone 

W03-S03 27.5 23.4 16.2 27.79 0.0720 0.0222 0.0006 0.0134 

    

Grainstone 

W33-S06 31.1 42.9 15.5 19.6 1.0178 0.4518 0.0077 0.0496 8.58 4.50 14.53 0.26 Rudstone 

W33-S01 50.6 156 18.4 18.7 1.0001 0.4688 0.0117 0.0609 3.62 2.13 17.31 0.06 Rudstone 

W33-S07 20.6 244 16.1 41 0.8692 0.5644 0.0163 0.0719 

    

Grainstone 

W33-S02 20.2 1488 15.8 17.4 0.7030 0.3237 

  

31.00 20.63 43.88 0.55 Grainstone 

W33-S09 14.9 4.57 15 23.6 0.2587 0.1568 0.0005 0.0127 2.51 1.40 3.16 0.13 Grainstone 

W33-S03 24.1 20.9 17.4 20.7 0.2143 0.0732 

  

3.78 1.58 4.50 0.18 Grainstone 

W33-S08 15.2 48.7 24.6 29.6 0.1205 0.0428 0.0004 0.0118 2.01 1.12 3.78 0.11 Grainstone 

W06-S03 22.9 63.7 18.7 18.9 0.5698 0.2622 0.0003 0.0090 

    

Grainstone 

W08-S02 35.1 6.31 15 18 0.3307 0.1345 0.0003 0.0105 1.01 1.14 3.04 0.26 Grainstone 

W08-S01 26.7 20.1 16.4 25.3 0.3058 0.1115 0.0010 0.0177 

    

Grainstone 

W08-S03 41.9 522 15.8 18 0.9073 0.4169 0.0036 0.0340 

    

Grainstone 

W09-S01 41.2 530 24.6 24.3 0.6460 0.3272 0.0058 0.0431 

    

Grainstone 

W09-S02 57.2 2293 25.7 12.8 1.0474 0.5375 0.0070 0.0472 

    

Grainstone 

W09-S03 31.3 62.7 18 22 0.7315 0.2687 0.0037 0.0342 1.01 1.43 9.08 0.37 Grainstone 



Sample Sor k Phi Swi Particle size Sorting Average Pore 

Area 

Equivalent 

Pore Radius 

Modal 

Radius 

P50 

Radius 

P10 

Radius 

P90 

Radius 

FAC 

 

% mD % % mm adim mm mm µm µm µm µm 

 

W10-S04 46.8 330 9.7 15.1 1.2161 0.5599 0.0020 0.0250 20.63 15.37 36.64 0.94 Rudstone 

W10-S08 43.5 737.9 21.1 20.3 0.9238 0.3956 0.0065 0.0456 9.69 4.44 32.71 0.49 Rudstone 

W10-S01 29.1 35.2 13.7 32.5 0.8874 0.6534 

  

9.69 3.23 9.69 0.46 Rudstone 

W11-S02 38.4 694 15.7 22.9 0.7087 0.2715 0.0078 0.0500 19.46 8.60 23.18 0.44 Grainstone 

W11-S03 30.2 65.3 11.1 34 0.3016 0.1228 0.0055 0.0420 3.43 3.24 8.60 0.31 Grainstone 

W13-S01 27.4 851 18.4 20.8 1.2195 0.5289 0.0278 0.0940 

    

Rudstone 

W14-S09 16.9 24 14.6 36.3 0.6588 0.3624 0.0036 0.0337 7.57 3.39 11.00 0.64 Rudstone 

W14-S06 28.7 40.5 12.2 23.7 0.7283 0.3966 0.0082 0.0512 

    

Grainstone 

W15-S02 23.5 640 17.8 24.5 0.7893 0.3360 0.0046 0.0383 

    

Grainstone 

W15-S13 21 708 17.3 16.9 0.7186 0.3740 0.0231 0.0857 

    

Grainstone 

W15-S03 19.7 17.4 16.4 26.7 0.6746 0.3624 0.0023 0.0270 

    

Grainstone 

W15-S04 33 499 19.4 14.9 0.4961 0.1851 0.0039 0.0352 20.51 11.45 23.13 0.84 Grainstone 

W15-S12 38.2 4714 23 10.1 0.7175 0.2561 0.0076 0.0491 

    

Grainstone 

W15-S01 38.1 1395 20.4 17.5 1.2318 0.5480 0.0314 0.1000 

    

Rudstone 

W15-S08 39 380 24.6 9.8 0.6516 0.4122 0.0100 0.0564 

    

Grainstone 

W15-S05 25 77 21.3 22 0.4977 0.1691 0.0078 0.0499 

    

Grainstone 

W16-S01 14.28 51 19.57 18.44 0.3987 0.2238 0.0007 0.0147 5.69 2.69 6.40 0.52 Grainstone 

W16-S03 33.49 96.2 19.2 20.37 0.6010 0.2709 0.0013 0.0206 1.01 1.86 10.23 0.29 Grainstone 

W16-S02 12.08 11.2 13.8 26.26 0.6186 0.2617 0.0039 0.0351 3.04 2.42 9.10 0.75 Grainstone 

W16-S04 22.74 785 17.39 17.94 0.3660 0.2183 0.0023 0.0271 12.91 6.38 23.23 0.75 Grainstone 

W17-S02 9.1 4.47 11.6 29.4 0.3122 0.0966 

      

Grainstone 

W19-S02 15 568 22.1 12.1 0.4506 0.1830 0.0061 0.0440 26.20 8.08 26.20 0.47 Grainstone 



Sample Sor k Phi Swi Particle size Sorting Average Pore 

Area 

Equivalent 

Pore Radius 

Modal 

Radius 

P50 

Radius 

P10 

Radius 

P90 

Radius 

FAC 

 

% mD % % mm adim mm mm µm µm µm µm 

 

W19-S01 31.5 251 19.6 15.1 0.6310 0.2222 0.0064 0.0452 

    

Grainstone 

W19-S05 18.6 427 22.6 13.2 0.7998 0.4015 0.0031 0.0313 

    

Grainstone 

W19-S06 12.1 69.8 22.6 20.9 0.2478 0.0872 0.0006 0.0135 5.68 3.95 6.40 0.33 Grainstone 

W20-S05 37.2 193 20.9 15.3 0.9540 0.4023 0.0003 0.0098 1.66 1.66 12.94 0.18 Grainstone 

W20-S02 25.5 50.2 16.6 20.6 0.8503 0.4535 0.0085 0.0520 5.70 2.11 9.08 0.23 Grainstone 

W20-S01 15.7 3.52 14.1 21.8 0.5972 0.2176 0.0007 0.0146 1.01 1.01 3.02 0.20 Grainstone 

W20-S06 18.3 12.5 19.5 19.9 0.2210 0.0860 0.0035 0.0332 1.88 0.85 2.11 0.14 Grainstone 

W21-S08 29.4 387 18.5 22.9 

    

32.71 6.40 46.36 0.46 Grainstone 

W22-S01 42.2 2126 12.5 20 1.0588 0.4893 0.0395 0.1121 

    

Rudstone 

W22-S04 35 408 20 24.5 0.7094 0.3315 0.0071 0.0474 

    

Grainstone 

W22-S05 24.1 1109 18.7 23.3 0.6506 0.2411 0.0072 0.0478 

    

Grainstone 

W22-S02 23.5 254 15.6 23.3 0.5233 0.2455 0.0043 0.0369 

    

Grainstone 

W24-S03 19.4 6.693 16.3 27.9 0.4590 0.1719 0.0015 0.0219 

    

Grainstone 

W24-S02 24.2 14.4 16.1 24.2 0.4553 0.1735 0.0033 0.0326 

    

Grainstone 

W24-S01 24.4 7.89 14.4 32 

        

Rudstone 

W27-S03 13.7 1.85 14.56 21.2 0.2099 0.0705 0.0002 0.0087 

    

Grainstone 

W27-S04 11.7 4.32 14.7 30.7 0.1773 0.1109 0.0004 0.0114 

    

Grainstone 

W27-S05 16.9 26.2 14.22 32.1 0.1669 0.0623 0.0016 0.0223 

    

Grainstone 

W27-S06 24.7 322 16.3 28.4 0.2999 0.1138 0.0036 0.0337 

    

Grainstone 

W28-S01 47.7 15.4 13.5 16.94 0.8381 0.3435 0.0102 0.0570 0.67 0.67 2.08 0.18 Rudstone 

W28-S02 20.27 1.63 10.6 28.33 0.5582 0.2133 0.0052 0.0406 

    

Grainstone 

W28-S05 13.32 1.48 15.2 23.59 0.2843 0.1400 0.0017 0.0230 

    

Grainstone 



Sample Sor k Phi Swi Particle size Sorting Average Pore 

Area 

Equivalent 

Pore Radius 

Modal 

Radius 

P50 

Radius 

P10 

Radius 

P90 

Radius 

FAC 

 

% mD % % mm adim mm mm µm µm µm µm 

 

W30-S01 15.4 455 32.5 30.7 0.0546 0.0177 0.0005 0.0124 

    

Grainstone 

 



 

 

 

 

 

 

 

 

 

 

APPENDIX F - Compilation of results from the simulations - Article 4. 



 

Model Facies Porosity 

(%) 

Calcite 

(%) 

Dolomite 

(%) 

Water-

wet Sor 

(%) 

Oil-wet 

Sor (%) 

Pore 

Throat Diameter 

(µm) 

Pore 

Diameter (µm) 

Max 

tortuosity 

(µm) 

Mean 

tortuosity 

(µm) 

Surface 

Area 

(m²/m³) 
       

P10 P50 P90 P10 P50 P90 
   

Sph_Dol_60_20 Mud-

Spherulstone 

35.9 43.2 20.9 22.9 18.8 15.8 29.7 36.5 15.8 30.4 42.5 1.22 1.05 26970.2 

Sph_Dol_60_15 Mud-

Spherulstone 

30.7 43.2 26.1 16.6 27.8 11.3 20.0 25.9 11.3 20.1 28.9 1.22 1.05 32712.8 

Sph_Dol_60_10 Mud-

Spherulstone 

23.4 43.2 33.4 15.4 23.5 6.8 13.9 19.0 6.8 14.0 21.6 1.22 1.06 38147.8 

Sph_Dol_60_6 Mud-

Spherulstone 

16.4 43.2 40.4 17.9 14.0 4.3 9.7 13.9 4.3 10.0 17.2 1.22 1.07 38062.2 

Sph_Dol_40_20 Mud-

Spherulstone 

27.8 56.3 16.0 26.1 17.1 15.0 29.0 35.7 15.0 30.0 42.0 1.16 1.07 22754.7 

Sph_Dol_40_15 Mud-

Spherulstone 

23.6 56.3 20.1 21.7 19.9 10.6 20.8 27.0 10.6 21.2 31.1 1.16 1.07 26473.5 

Sph_Dol_40_10 Mud-

Spherulstone 

18.1 56.3 25.6 17.6 20.4 6.7 13.6 18.0 6.7 13.8 21.4 1.16 1.07 30575.9 

Sph_Dol_40_6 Mud-

Spherulstone 

12.3 56.3 31.4 20.6 13.0 4.3 9.1 13.4 4.3 9.8 17.0 1.22 1.09 29761.7 

Sph_Dol_30_20 Spherulstone 18.9 70.9 10.2 31.8 7.8 16.6 34.1 43.6 16.7 36.6 53.4 1.19 1.07 14871.9 

Sph_Dol_30_15 Spherulstone 16.3 70.9 12.8 29.1 9.3 12.2 25.4 33.0 12.2 27.4 39.8 1.20 1.08 16775.4 

Sph_Dol_30_10 Spherulstone 12.7 70.9 16.4 27.7 12.0 7.9 16.9 22.6 8.0 17.9 27.2 1.21 1.09 18777 

Sph_Dol_30_6 Spherulstone 8.9 70.9 20.3 23.5 14.1 4.5 10.1 13.8 4.5 10.5 16.6 1.20 1.09 20522.5 

Shrub_Dol_Reg_30_10 Shrubstone 12.9 70.3 16.8 17.7 18.4 6.9 14.5 19.4 6.9 14.8 22.8 1.47 1.17 19436.85 

Shrub_Dol_Reg_30_15 Shrubstone 16.1 70.3 13.7 18.7 21.0 9.8 19.0 25.3 9.8 19.3 28.5 1.44 1.17 18316.05 

Shrub_Dol_Reg_30_20 Shrubstone 19.1 70.3 10.6 26.5 16.3 14.8 28.5 35.2 14.8 29.3 39.7 1.45 1.16 15351.2 



Model Facies Porosity 

(%) 

Calcite 

(%) 

Dolomite 

(%) 

Water-

wet Sor 

(%) 

Oil-wet 

Sor (%) 

Pore 

Throat Diameter 

(µm) 

Pore 

Diameter (µm) 

Max 

tortuosity 

(µm) 

Mean 

tortuosity 

(µm) 

Surface 

Area 

(m²/m³) 

Shrub_Dol_Reg_30_35 Shrubstone 23.7 70.3 6.0 31.7 9.9 26.9 48.8 58.6 27.1 51.6 67.3 1.45 1.16 11170.05 

Shrub_Dol_Reg_30_50 Shrubstone 26.3 70.3 3.5 25.8 6.5 39.1 69.9 90.0 39.7 76.0 102.2 1.43 1.16 8686.05 

Shrub_Dol_Reg_30_100 Shrubstone 28.6 70.3 1.1 24.1 3.1 58.9 118.2 158.8 60.9 132.2 176.3 1.43 1.15 6493.85 

Shrub_Dol_Reg_30_200 Shrubstone 29.5 70.3 0.2 23.3 1.8 72.6 169.4 291.7 74.5 185.2 313.4 1.43 1.15 5581.75 

Shrub_Dol_Reg_20_10 Shrubstone 8.7 80.1 11.2 19.5 18.7 6.8 14.2 19.4 6.8 14.9 22.8 1.72 1.38 13342.6 

Shrub_Dol_Reg_20_15 Shrubstone 10.8 80.1 9.2 19.6 20.1 9.5 18.5 24.2 9.6 19.1 28.0 1.69 1.34 12721.25 

Shrub_Dol_Reg_20_20 Shrubstone 12.8 80.1 7.1 28.0 15.9 14.1 27.7 34.6 14.2 28.8 39.6 1.69 1.34 10838.8 

Shrub_Dol_Reg_20_35 Shrubstone 15.9 80.1 4.0 31.9 9.6 25.0 47.9 57.0 25.4 50.5 66.8 1.67 1.32 8176.15 

Shrub_Dol_Reg_20_50 Shrubstone 17.6 80.1 2.3 27.3 6.0 34.5 66.8 90.4 35.8 73.9 100.8 1.66 1.32 6582.75 

Shrub_Dol_Reg_20_100 Shrubstone 19.1 80.1 0.8 27.7 2.9 48.7 112.8 151.0 50.7 122.5 173.9 1.65 1.31 5233.1 

Shrub_Dol_Reg_20_200 Shrubstone 19.8 80.1 0.1 27.7 1.7 56.0 138.6 274.0 60.2 175.8 293.4 1.69 1.34 4608.66 

Shrub_Dol_Reg_10_10 Shrubstone 4.4 90.0 5.6 24.0 22.1 6.2 13.3 18.9 6.4 14.5 22.5 2.47 1.90 7099.6 

Shrub_Dol_Reg_10_15 Shrubstone 5.4 90.0 4.6 25.1 19.2 8.9 17.5 23.4 9.2 18.7 27.9 2.42 1.84 6852.7 

Shrub_Dol_Reg_10_20 Shrubstone 6.4 90.0 3.6 32.7 16.4 12.4 25.2 32.3 13.1 27.8 39.2 2.40 1.82 6051.45 

Shrub_Dol_Reg_10_35 Shrubstone 8.0 90.0 2.0 38.7 9.9 20.7 43.0 52.0 22.4 48.1 65.2 2.34 1.80 4857.375 

Shrub_Dol_Reg_10_50 Shrubstone 8.8 90.0 1.2 39.0 7.0 26.1 56.8 79.9 29.8 67.3 94.7 2.32 1.74 4169.16 

Shrub_Dol_Reg_10_100 Shrubstone 9.6 90.0 0.4 40.4 4.3 35.9 84.2 133.8 38.5 101.0 157.7 2.33 1.75 3582.265 

Shrub_Dol_Reg_10_200 Shrubstone 10.0 90.0 0.1 37.4 3.3 38.8 109.3 184.8 44.4 127.8 218.6 2.30 1.73 3282.96 

Shrub_30 Shrubstone 29.7 70.3 0.0 22.1 1.5 76.9 193.4 418.3 79.1 208.6 418.3 1.43 1.15 5390.95 

Shrub_20 Shrubstone 19.9 80.1 0.0 24.4 1.5 58.1 168.2 345.5 62.8 184.0 349.1 1.65 1.30 4501.905 

Shrub_10 Shrubstone 10.0 90.0 0.0 38.5 3.2 39.6 113.5 188.7 45.4 131.7 219.8 2.30 1.73 3248.65 

Shrub_Dol_Het_30_25 Shrubstone 24.8 70.3 5.0 27.7 3.7 32.8 67.7 126.5 33.9 79.7 138.0 1.44 1.16 9851.25 

Shrub_Dol_Het_30_20 Shrubstone 19.5 70.3 10.2 31.6 4.8 19.6 41.1 87.5 20.5 52.0 98.2 1.48 1.18 12774.95 

Shrub_Dol_Het_30_15 Shrubstone 14.5 70.3 15.2 35.4 7.5 12.2 29.0 69.4 14.1 37.9 78.3 1.53 1.22 13668.5 

Shrub_Dol_Het_30_10 Shrubstone 10.2 70.3 19.5 33.9 17.7 7.7 20.8 59.9 10.4 29.6 66.1 1.58 1.28 12666.75 



Model Facies Porosity 

(%) 

Calcite 

(%) 

Dolomite 

(%) 

Water-

wet Sor 

(%) 

Oil-wet 

Sor (%) 

Pore 

Throat Diameter 

(µm) 

Pore 

Diameter (µm) 

Max 

tortuosity 

(µm) 

Mean 

tortuosity 

(µm) 

Surface 

Area 

(m²/m³) 

Shrub_Dol_Het_30_075 Shrubstone 7.3 70.3 22.4 31.1 26.1 6.0 17.6 56.5 8.5 25.0 60.7 2.01 1.36 10924.85 

Shrub_Dol_Het_20_15 Shrubstone 14.8 80.1 5.1 32.3 4.6 20.8 57.7 107.4 23.8 71.6 135.2 1.70 1.35 7970.95 

Shrub_Dol_Het_20_10 Shrubstone 10.1 80.1 9.8 35.1 9.1 11.7 29.3 65.0 14.2 39.6 77.0 1.75 1.45 9439.85 

Shrub_Dol_Het_20_075 Shrubstone 7.2 80.1 12.7 37.6 15.2 8.0 20.9 52.0 10.4 29.7 61.4 2.09 1.58 9023.95 

Shrub_Dol_Het_10_075 Shrubstone 7.3 90.0 2.7 38.4 8.0 17.5 37.7 80.5 20.2 52.3 94.7 2.63 2.01 3248.65 
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APPENDIX G 3 Raw and processed µCT slices - Article 5. 
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Dry Sample 
Raw image (x central slice) 

 

                                                                 
Raw image (z central slice) Three phases segmented image (macropore 

(black), nonporous solid (ocher), and 

microporous solid (cyan)). 

  
Porosity map (black 100% porous and white 

0% porous). 

 

 

 

 

Total porosity (%): 23.54 

Macroporosity (%): 21.61 

Microporosity (%): 1.93 
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Brine Saturated Sample 
Raw image (x central slice) 

                  

 
Raw image (z central slice)  
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Drainage (11.52 psi) 
Raw image (x central slice) 

                  

 
Raw image (z central slice) Three phases segmented image (oil (black), 

solid (ocher), and brine (cyan)). 

  
Brine-filled microporosity map (black 100% 

brine and white 0% brine). 

 

 

 

Total Sw (%): 8.10 

Macro Sw (%): 0.33 

Micro Sw (%): 26.24 
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Aging (7 days) 
Raw image (x central slice) 

                  

 
Raw image (z central slice) Three phases segmented image (oil (black), 

solid (ocher), and brine (cyan)). 

  
Brine-filled microporosity map (black 100% 

brine and white 0% brine). 

 

 

 

Total Sw (%): 7.63 

Macro Sw (%): 0.29 

Micro Sw (%): 24.75 
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Aging (16 days) 
Raw image (x central slice) 

                  

 
Raw image (z central slice) Three phases segmented image (oil (black), 

solid (ocher), and brine (cyan)). 

  
Brine-filled microporosity map (black 100% 

brine and white 0% brine). 

 

 

 

Total Sw (%): 6.77 

Macro Sw (%): 0.27 

Micro Sw (%): 21.95 
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Spontaneous Imbibition (5 days) 
Raw image (x central slice) 

 
Raw image (z central slice) Three phases segmented image (oil (black), 

solid (ocher), and brine (cyan)). 

  
Brine-filled microporosity map (black 100% 

brine and white 0% brine). 

 

 

 

Total Sw (%): 21.45 

Macro Sw (%): 18.61 

Micro Sw (%): 28.05 
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Forced Imbibition (2.4 psi) 
Raw image (x central slice) 

 
Raw image (z central slice) Three phases segmented image (oil (black), 

solid (ocher), and brine (cyan)). 

  
Brine-filled microporosity map (black 100% 

brine and white 0% brine). 

 

 

 

 

Total Sw (%): 89.14 

Macro Sw (%): 98.29 

Micro Sw (%): 67.82 
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Forced Imbibition (38.8 psi) 
Raw image (x central slice) 

 
Raw image (z central slice) Three phases segmented image (oil (black), 

solid (ocher), and brine (cyan)). 

  
Brine-filled microporosity map (black 100% 

brine and white 0% brine). 

 

 

 

Total Sw (%): 93.94 

Macro Sw (%): 99.69 

Micro Sw (%): 80.53 

 



331 

 

 

 

 

 

 

 

 

 

 

 

 

APPENDIX H 3 Raw and processed µCT slices - Article 6. 
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Dry Sample 
Raw image (x central slice) 

                  

 
Raw image (z central slice). Three phases segmented image (macropore 

(black), nonporous solid (ocher), and 

microporous solid (cyan)). 

  
Porosity map (black 100% porous and white 

0% porous). 

 

 

 

 

Total porosity (%): 18.42 

Macroporosity (%): 5.53 

Microporosity (%): 12.89 
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Brine Saturated Sample 
Raw image (x central slice). 

 
Raw image (z central slice).  
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Primary Drainage (0.25 psi) 
Raw image (x central slice). 

 
Raw image (z central slice). For phases segmented image (oil (black), solid 

nonporous (ocher), solid porous (beige), and 

brine (cyan)). 

  
Brine-filled microporosity map (black 100% 

brine and white 0% brine). 

 

 

 

Total Sw (%): 71.52 

Macro Sw (%): 27.03 

Micro Sw (%): 90.51 
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Primary Drainage (1.56 psi) 
Raw image (x central slice). 

 
Raw image (z central slice). For phases segmented image (oil (black), solid 

nonporous (ocher), solid porous (beige), and 

brine (cyan)). 

  
Brine-filled microporosity map (black 100% 

brine and white 0% brine). 

 

 

 

Total Sw (%): 34.37 

Macro Sw (%): 2.56 

Micro Sw (%): 48.02 
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Aging (7 days) 
Raw image (x central slice). 

 
Raw image (z central slice). For phases segmented image (oil (black), solid 

nonporous (ocher), solid porous (beige), and 

brine (cyan)). 

  
Brine-filled microporosity map (black 100% 

brine and white 0% brine). 

 

 

 

Total Sw (%): 34.51 

Macro Sw (%): 2.83 

Micro Sw (%): 48.10 
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Spontaneous Imbibition (13 days) 
Raw image (x central slice). 

 
Raw image (z central slice). For phases segmented image (oil (black), solid 

nonporous (ocher), solid porous (beige), and 

brine (cyan)). 

  
Brine-filled microporosity map (black 100% 

brine and white 0% brine). 

 

 

 

Total Sw (%): 38.97 

Macro Sw (%): 8.10 

Micro Sw (%): 52.21 
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Forced Imbibition (0.38 psi) 
Raw image (x central slice). 

 
Raw image (z central slice). For phases segmented image (oil (black), solid 

nonporous (ocher), solid porous (beige), and 

brine (cyan)). 

  
Brine-filled microporosity map (black 100% 

brine and white 0% brine). 

 

 

 

Total Sw (%): 71.72 

Macro Sw (%): 88.97 

Micro Sw (%): 64.31 
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Forced Imbibition (3.03 psi) 
Raw image (x central slice). 

 
Raw image (z central slice). For phases segmented image (oil (black), solid 

nonporous (ocher), solid porous (beige), and 

brine (cyan)). 

  
Brine-filled microporosity map (black 100% 

brine and white 0% brine). 

 

 

 

Total Sw (%): 79.50 

Macro Sw (%): 95.74 

Micro Sw (%): 72.54 
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Forced Imbibition (48.52 psi) 
Raw image (x central slice). 

 
Raw image (z central slice). For phases segmented image (oil (black), solid 

nonporous (ocher), solid porous (beige), and 

brine (cyan)). 

  
Brine-filled microporosity map (black 100% 

brine and white 0% brine). 

 

 

 

Total Sw (%): 85.17 

Macro Sw (%): 97.25 

Micro Sw (%): 79.98 
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Second Drainage (11 days) 
Raw image (x central slice). 

 
Raw image (z central slice). For phases segmented image (oil (black), solid 

nonporous (ocher), solid porous (beige), and 

brine (cyan)). 

  
Brine-filled microporosity map (black 100% 

brine and white 0% brine). 

 

 

 

Total Sw (%): 36.46 

Macro Sw (%): 63.30 

Micro Sw (%): 55.25 
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Second Drainage (27 days) 
Raw image (x central slice). 

 
Raw image (z central slice). For phases segmented image (oil (black), solid 

nonporous (ocher), solid porous (beige), and 

brine (cyan)). 

  
Brine-filled microporosity map (black 100% 

brine and white 0% brine). 

 

 

 

Total Sw (%): 27.75 

Macro Sw (%): 56.87 

Micro Sw (%): 48.13 
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APPENDIX I 3 Raw and processed µCT slices 3 Short communication. 
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Dry Sample 
Raw image (x central slice) 

                  

 
Raw image (z central slice). Three phases segmented image (macropore 

(black), nonporous solid (ocher), and 

microporous solid (cyan)). 

  
Porosity map (black 100% porous and white 

0% porous). 

 

 

 

 

Total porosity (%): 23.54 

Macroporosity (%): 21.61 

Microporosity (%): 1.93 
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Brine Saturated Sample 
Raw image (x central slice). 

 
Raw image (z central slice).  
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Primary Drainage (2.02 psi) 
Raw image (x central slice). 

 
Raw image (z central slice). Three phases segmented image (oil (black), 

solid (ocher), and brine (cyan)). 

  
Macro Sw (%): 29.79 
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Primary Drainage (8.09 psi) 
Raw image (x central slice). 

 
Raw image (z central slice). Three phases segmented image (oil (black), 

solid (ocher), and brine (cyan)). 

  
Macro Sw (%): 9.19 
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Spontaneous Imbibition (17 days) 
Raw image (x central slice). 

 
Raw image (z central slice). Three phases segmented image (oil (black), 

solid (ocher), and brine (cyan)). 

  
Macro Sw (%): 78.39 

 



APPENDIX J 3 Elsevier publishing permission 3 Articles 1, 2, and 
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APPENDIX L 3 Lyell publishing Permission 3 Article 4.



 


